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Executive summary

TheCalifornia Independent System Operator Corporafi®@0 implemented a major redesign of
I TEAFT2NYALI QA gK2ft Sal f.Sin2931ShisRIEsignebniiduesl iodaciltate efficieilhA £ H 1
and competitive market performance:

1 Total wholesale eledt costsfell by9 percent. This represents a 6 percent decrease after adjusting
for lower natural gas pricesThis decrease was driven by a significant increase in ksldotric
generation, an increase in low priced imports and moderate loads.

1 Almost100percent of system load was scheduled in the-dagad energy market, which continued
to be highly efficient and competitive. Dagpead prices continued to bédaut equal to prices we
estimate would result under competitive conditions.

9 Price spikes ithe 5minute reattime market decreased over the course of the y€Hrnis mproved
price convergence between th@ur-ahead andeaktime markets. Thel[SOmadechanges to
procedures and software that redudé¢he incidence ofeaktime price spikes.

1 Revewue imbalance offsetasts associated with divergenoé hour-ahead and realime prices
totaled about $166 million, up 15 percefriom 2010. These costscreased significantly in the first
few months of the yeaand wereexacerbated by the introductioaf virtual biddingn February
2011, which increased the volume of transactions clearing at these different market prices. These
costs decreaseby the end of the yeaas price convergence in these markets improaed virtual
bidding on intetties was suspended

1 Ancillaryservices accountefibr about2 percent of total energy costsip from about 1 percent of
total wholesale costs in 2010his increase was largely attributable to very high hydro conditions in
the first half of the year, which decreased the availability of ancillary services from hydro resources
as they provided energy instead of reserves

9 Bid cost recovery paymentstaled about 15 percent of total energy costs in 20kbmpared to
less tharl percentin 201Q Thisncrease was primarily attributable to costssulting from
manipulativebidding behaviothat was identified and corrected by June 2011.

9 Exceptional dispatches, outof-market unit commitments and energy dispatches to meet
constraints not reflected in the market softwareemainedrelativelylow. Energy fromexceptional
dispatches totaled approximately®percent of total system energy in 201However, theabove
marketcosts associated with these commitments and dispatchesasedrom $25 million in 2010
to $43 millionin 2011.This increase is attributable to a combination of increased volumes of
exceptional dispatches, along with higher minimum load and energy bid prices for units receiving
exceptional dispatches.

1 About300 MW of new gafired capacity came online in 2011, while over 350 MW of gas generation
was retired. In 2012, another 450 MW of gas capad#tgxpected to be retired, while about 650
MW of new gas generation is projected to come online. Beyond Z0d@ificant reductions in total
gasFANBR OF LI OAde IINB Llaairoft$S RdazdughicolingKkS aidl G§SQa
technology.
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1 Meanwhile, the amount of new renewable generation comimdine hasbegun to increase
dramatically About 650 MW of ameplate capacity from renewable sources came online in 2011,
including about 540 MW of wind projects. Because of the relatively low peak summer capacity
value of wind resources, this 650 MW of new renewable capacity represents about 195 MW of
potential iImmer peak capacity. In 2012, about 3,000 MW of new renewable nameplate capacity is
expected to come online, including over 2,000 MW of solar capacity. As more renewable generation
comes online, the ISO has highlighted the need to backup and balancgaleleegeneration with
the flexibility of conventional generation resources to maintain reliability.

T ¢KS adlrisSQa NBaz2dz2NOS | RSIljdz O& eixapatltyy O2y G Ay dzSR
procurement mechanism. However, in 2011 it became increasingly appare it K & G KS adl G S
current process for longeterm procurement may not ensure the investment and revenues needed
to support sufficient new or existing géised capacityrequiredto integrate the increased amount
of intermittent renewable energy coming online. The ISOthedaliforniaPublic Utilities
Commissionare addressing this issue through several initiatives in 2012. This represents a major
market design challenge facitige ISO and state policy makers.

Total wholesale market costs

Total estimated wholesale costs of serving load in 2011 were $8.2 billion or just over $36/MWh. This
represents a decrease of about 9 percent from a cost of $40/MWh in. 2016 is alsthe lowest
nominalwholesale cost since 1999.

Much of the decrease in costs was driven by lower gas priqas. n&arket gas prices decressby
about 4 percent. After accounting for lower gas prices, total wholesale energy costs decreased from
$35/MWhin 2010 to $33/MWh in 201, adecrease of 6 percent in ga®rmalized prices.

Figure EL shows total estimated wholesale costs per MWh from 2007 to 2011. Wholesstie are

provided in nominal terms, as well as after normalization for changes in average spot market prices for
natural gas. The green line representing the annual average ngasglriceshows the highcorrelation
between the cost of natural gas anle total wholesale cost

In addition to lower gas prices, oth&actors contributedo the decrease invholesale costs in 2011. As
highlighted inChapterl, other demand and supply conditiom®ntributingto lower prices included:

9 increased hydreelectric generation
9 increasedmports, particularly from the northwestand

1 lowersummer peak loads

Other factors contributing to lower prices discussed in the following sections of this report include:
1 highday-ahead scheduling of load relative to actual lgads
1 competitive biddinglevelsin the dayahead and realime energy marketsand

1 lowcongestia.

Y n this report, we calculate average annual gas prices by weighting daily spot market prices by the total ISO syst@imidoads.
results in a price that is more heavily weighted based on gas prices during summer months when system loads are higher
thanwinter months, during which gas prices are often highest.
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Figure EL Total annual wholesale costs per MWh of load: 262311
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Energy market prices

A key measure of overall market performance is the degree of price convergence between-the day
ahead, howahead and realime markets. Price convergence is an indicator of market efficieimge

it suggests that resource commitment and dispatch densiare being optimized across the eayead
and reaidtime markets. Price divergence can also create revenue imbalant®s reattime energy
marketthat must be allocated to loaderving entities.

Figure B2 andFigure B3 show average fices in the energynarkets by quarter for the Pacific Gas and
Electric areauring peak anaff-peak hours As shown in these figures, average hahead prices
tended to be lower than daghead and realime prices in many periodsAverage dayahead prices
were higher than houahead prices in 201during all periods excegteak hours in the third quarter.
Realtime prices during peak periodgere higher tharday-aheadpricesin the first quarter, but
remained lower than daghead prices from the second quarter through the &i@011 During off
peak hours, average retime prices were well above daahead and houahead prices during the first
and second quarters, but were much closer to-@égad and houahead prices durinthe second half
of the year The trend toward higher redlme prices during some periodgasdriven byveryshort but
extreme price spikes in therdinute realtime market. These price spikes generally reflect shaiim
modelingand forecastindimitations, rather than fundamental underlying supply and demand
conditions. In most cases, these pragkes lasted for only a fewrhinute intervals.

As the frequency of these price spike#i in 2011, hourahead and realime price convergence
improved. As shown irFigure E, the frequency ofprice spikest or above $1,000/MWIincreased
after the price cap was raised to $1,000/MWh in April 20lbwever, the overall frequency of price
spikes dropped significantly after the first quarter of 20ibiproving prie@ convergence
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Figure B2 Comparison of energy market pricéPG&E area peak hourg
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Figure B3 Comparison of energy market prices (PG&E acexf-peak hours)
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Figure A Price spike frequency by quarter
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Price divergenceetween the hourahead and Sninute realtime markets hagontributedto uplifts
known as reatime imbalance offset costfsThese costs are usually incurredh@n the ISGells physical
or virtual energy in the houahead market at low prices ariden re-purchasesadditionalenergyin the
5-minute reaHtime market at higher prices.

Total reattime imbalance offset cosia 2011were about $166 million, up 15 percent from $144 million
in 2010. These costspresenta significant source of inefficiency under the nodal market design.
However, as seen iRigure B, reaktime imbalance offset costs decreased in the fourth quarter as price
convergence improvetbllowing the suspension afonvergence bidding on the int¢ies.

2 Other factors that contribute to reaime imbalance offset costs include uninstructed deviations and unaccounted for energy.
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Figure &5 Real-time imbalance offset cets
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Convergence bidding

The 1SO implemented converger(oe virtual) bidding in the dayahead markebn February 1, 2011.
Convergence biddingllows participant$o placefinancialbids to buy power and offers to sell power
into the dayahead marketregardless of whether or ndhe biddersown physical load or generation.
Virtual bids are automaticalljguidated in the hourahead andeaktime markets. These markets clear
based on physical redispatchof the systemand not thepurely financial covergence bids.

Convergence bidders profit ligking advantage differences between dayahead houraheadand
reaktime prices. In theonyf participantssuccessfully profit from virtual biddinthis activity should
drive day-ahead, hourahead and @aktime prices closer. However, this theoretical impact of virtual
bidding may not occupecause oa marketfeature that makeshe California market desigtifferent
from most other ISOs.

[ £ AF2NY AL Qa-opihtizegindodrts &8 éxpoRsyan MdB-aheadscheduling process based
on bid prices angbrojected conditionsvithin the ISCior the following operating hourUnlike other
ISOs, the ISO settles intée transactionsbasedon hourahead market clearing priceather than 5
minute reattime prices Virtual bids on intetties are alsoettled based orhour-ahead prices rather
than the 5minute realtime prices.

The financial settlement of inteie convergence bids based on heafmead prices has led to additional
uplifts, known as imbalae offset costs, which can ocouhen prices diverge between the heahead

and reaidtime markets. Virtual bidding on intéies increased these imbalance offset costs by increasing
the volume of transactions clearing at these different market prices.
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When convergence bidding was implemented, numeriodsvidual participantprofited from

systematic differences between hoahead and realime prices by placing large volumes of virtual
imports at inter-ties along with equal volumes afffsetting virtual demandat internal nodes This
enabled participants to profit from the tendency for average i@k prices to exceed hotahead

prices. However, these offsetting virtual supply and demand bids provided no net virtual demand or
supply in tle dayahead market and therefore did not contribute to the primary goal of convergence
bidding: to help improve convergence of e@yead and realime prices. This bidding practideclined

in the third quarteras differences between howthead and realime prices decreased and became less
predictable.

Net profits paid to virtual bidding participants totaled $41 million in 208dout $28 million ofthese

profits came fromvirtual bids atinter-tie schedules, compared to $13 millilom bids atinternal

locations An estimated26 million of these profits were received as a result of virtual supply bids on
inter-ties offset by virtual demand bids within the 1SO during the same hour placed by the same market
participant.

Figure B shows the estimated monthly effect of offsetting convergence bids ontiea imbalance

offset charges compared to total retine imbalance offset charged he estimated reatime imbadance

offset costs associated with offsetting virtual positiomere highest in the first months after

implementation, totaling $44 million from February through June. In the second half of the year, the
costs associated with offsetting virtual transactiofell toabout$13 millionbetweenJuly and

November® The decline was associated with improved price convergence and a corresponding decrease
in volumes of offsetting transactions.

To address théssues created byirtual bidding on intetties, the IS@equestdthe Federal Energy
Regulatory Commission #@low it to suspend convergence bidding on the inters. Convergence
bidding at interties was suspended effective November 28, 2011, pending further consideration
through a FERC technicainference and written comments

% There were no imbalance costs for offsetting virtual positiori3éacember as convergence bidding at the ifies was
suspended in late November.
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Figure B6 Contribution of offsetting virtual supply and demand to redilme imbalance charges
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Market competitiveness and mitigation

Overall wholesale energy prices wet@oat equal tocompetitive baseline pricethe Department of
MarketMonitoring (DMM) estimates would result under perfectly competitive conditions. DMM
calculates competitive baseline prices bysimulating the market using the actual dakiead market
software with bid reflecting the marginal cost of gfieed units. Figure EZ compareshis price to
actualaverage systenwide prices in the daghead and 8ninute reattime markets.

As shown irFigure EZ, prices in the dayahead market have consistently been about eqoahese
competitive baseline prices since the start of the nodal markeeragesystemwide realtime pricesin
2011were below this competitive baseline by aboup&rcent. This was a significant reduction from
2010 when average retime prices werel2 percent above the competitive baseline. The drop resulted
primarily from the decreased frequency @ttremely high reatime prices associated with ramping
limitationsand other modeling constraints.

A keyfactor driving the competitiveness of these mk&ts continues to behe high degree of forward
energycontracting byload-serving entities. The high level of forward contracting significantly limits the
ability and incentive fosuppliers toexercise market power in the daahead and realime markes.

Bids for the additional supply needed to meet remaining demand ird#yeahead and realime energy
markets have generally been highly competitive.
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Figure EX Comparison of competitive baseline with daghead and reatime prices
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Duringeach quarter in 2011, an averageatfout 3.5 unitsout of over 500 unitsvere subject tobid
mitigation per hourin the dayahead market. When units are subject tbid mitigation, they are often
not dispatched at a higher level asesult This occurbecausemitigation often results in minor

A N w oA A o~

changein bids and market pricebat2 T 0 Sy SEOSSR | dzyA(iQa dzy YAGAAF SR

The ISOwill in 2012phase in new local market power mitigation featufe$his approach targets units
that can elieve congestion on specific constraints found to be-oompetitive based on a more
dynamic assessment of actual market conditions. This approach is to ensure that bid mitigation is
applied under norcompetitive conditions, while avoiding unnecessartigation when congestion does
not occur or market conditions are competitive.

Ancillary services

Ancillaryservice costs increased to about3million in 2011, representing a 61 percent increase over
2010. This increase was driven primarily by a drop in ancillary services fromehgciric generation
during the spring and early summer periods. During this period, high runoff required timgt Imydro
resources provide energy instead of ancillary services. This required increased reliance epritgder

* As a result of technical difficulties, DMM had difficulty loading anduraning save cases in the months of February, March
and April. Unfortunately, the current markemodel is too different to replicate enough useful market results for this period.

°® DMM has determined that many of the units subject to mitigation were included as a result of issues in the mitigation
process. Further analysis of this issue was iredluas part of the FERC filing to amend the tariff for the new local market
power mitigation procedureFor more information, ee the following documentation
http://www.caiso.com/Documents/201411-16 ER1223 LMPMAmend.pdf

® Draft Final Proposaj Local Market Power Mitigation Enhancemerittay 2012:
http://www.caiso.com/Documents/DraftFinalProposhbcalMarketPowerMitigationEnhancements.pdf
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ancillary services from thermal units and more capacity not owned or contracted bysémeaihg
entities.

As shown irFigure BB, ancillary service costs increased from $0.37/MWh of load in 2010 to A0/6B
in 2011. This represents an increase in ancillary service costs to about 1.9 pérodak energy costs
in 2011 from 1 percent of total energy cost in 2010.

Figure BB Ancillary service cost as a percentage of wholesale energy cost
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Exceptional dispatches

Exceptional dispatches (also knownoas-of-marketdispatche$ are instructions issued lgyrid
operators when the automated market optimization is not able to address particular reliability
requiremensor constrains. The ISO has made an effort to reduce exceptional dispatchegiting
operational procedures aniehcorporating additional constraints into the market model that refle
reliability requirements

Total energy from all exceptional dispatches increasgghtly in 201, rising from0.26 percent in 2010
to 0.34 percenbf system load in 2QL The abovenarket costs of all exceptional dispatches in 2011
totaled around $43 millionAs shown irFigure E9:

1 The majority of energy &m exceptional dispatches represents minimum load energy from units
committed to operate by exceptional dispatches. This minimum load ermegpged almost
72 MW per hour in 2011, up from 58 MW in 2010

1 Almost twothirds of the energy above minimum load from exceptional dispatches cleared in
sequence, meaning thaleir bid priceswere less than the market clearing prige
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1 Exceptional dispatches resulting in eaftsequence realime energy with bid pries higher than the
market prices accounted for an average of only 18 MW per hour in 2011, up from 8 MW in 2010.
This increase wawimarilythe result of more exceptional dispatches madeposition units at a
level where they could provide more upwardwgping capacity.

Figure B9 Average hourly energy from exceptional dispatches
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Bid cost recovery payments

Generating units are eligible to receive bid cost recovery payments if total market revenues earned over
the course of a day do not cover the sum of all bids accepted by the ISO. This calculation includes bids
for start-up, minimum loadday-ahead energyancillary services, residual unit commitment availability

and reaitime energy.

Units committed by the market software or exceptional dispatches may have higher bid cost recovery
payments if they have very high bid costs or are not dispatched forisamifamounts of additional

energy above minimum load. Thus, excessively high bid cost recovery payments can be indicative of
inefficient unit commitment or dispatch.

Figure ELOprovides a summary of total estimed bid cost recovery paymenits 2010 and 2011.These
payments in 2011 are projected to total $126 million or about 1.5 percent of total energy costs. This
compares to a total of $68 million or about (8rcent of total energy costs in 2010his increase in bid
cost recovery payments was driven by two factors:

91 Inthe last quarter of 2010 and first six months of 20ddy-ahead bid cost recovery payments were
inflated by a design flaw in combination withanipulative market behaviorin Marchand June, the

" Estimates in this report include estimated adjustments to bid cost recovery data still pending in the settlement system.
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ISO made two emergency filings with the FERC to modify bid cost recovery rules to mitigate this
behavior? As a resultbid cost recovery payments associated with the-dagad market dropped
by 86percentin the second half of 2011

9 Bid cost recoverpayments associated with reime market dispatchewere considerably higher in
the third quarter of 2011 Higherreaktime paymentsvere mainly fromexceptional dispatchethat
were made by the ISGotcommit additional capacity after the dahead market fosystem and
local reliability needsA decrease in commitment of units within the 1ISO through the market
resulted from relatively low energy prices and increased imports.

Figure ELO Bid cost recovery payments
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Resourceadequacy

Resource adequacy provisions of the ISO tariff require-$emding entities to procure adequate

generation capacity to meet 115 percent of their monthly forecast peak demand. The amouit of th
capacity offered into the market each day depends on the actual availability of resources being used to
meet these requirements. For example, the availability of thermal generation depends on forced and
planned outages. The availability of hydro, aogration and renewable capacity depends on their

actual available energy. The amount of capacity from these edinifed resources that can be used

to meet resource adequacy requirements is based on their actual output during peak hours over the
previous three years.

California Independent System Qpéor Corporation, Tariff Revision and Request for Expedited Treatrivtamth 18, 2011,
http://www.caiso.com/2b45/2b45d10069e0.pdfTariff Revision and Request for Waiver of Sixty Day Notice Requirements
June 22, 2011http://www.caiso.com/Documents/201D6-22_Amendmeh ModBCRrules EDEnergySettRules EIR56

000.pdf
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Chapter9 of this report provides an analysis of the amount of resource adequacy capacity actually
available in the ISO market during peak hours of 2011. This analysis shows that the availability of
resource adequacgapacity was relatively high during the highkstd hours of each month. During the
peak summer load hourgpout 91 percent ofesource adequacy capacity was available to the day
ahead energy market. Thisapproximately equal to the target level of availability incorporated in the
resource adequacprogram andsimilar to the results in 2010

Capacity under the resource adequacy progreas sufficient to meet virtually all systewide and local
area reliability requirements 2011 As a result, the 1ISO placed very limited reliance on the two
alternative capacity procurement mechanisms provided under the tariff: reliability fmustontracts
and the capacity procurement mechanism.

¢tKS aidlFlisSQa NBaz2dz2NOS I RSIjdz O& teiiapatltyroddergeitA y dzS R
mechanism. Howevein 2011 it became increasingly apparentthatthé | 6 SQ& OdzZNNBy i LINE C
longerterm procurement may not ensure the investment and revenues needed to suppsfired

resources that will be needed to integrate the increased amount of intermittenewable energy

coming online. This issue is discussed in the following section.

Generation addition and retirement

California currently relies on lorgrm procurement planning and resource adequacy requirements
placed on loaeserving entities by the Gfdrnia Public Utilities Commission to ensure that sufficient
capacity is available to meet system and local reliability requirements. Trends in the amount of
generation capacity being added and retired each year provide an indication of the effectioétiess
California market and regulatory structure in incenting new generation investment.

Figure EL1 summarizeshe quarterly trends in summer capaciylditionsin 2011 and planned

additions in2012. Almost 1,000 MW of new nameplate generation began commercial operation within
the ISO sysim in 2011, contributing to over 500 MW of additional summer capadityis includedver

300 MW of new gafired capacity and about 650 MW of hameplate renewable generatidrich added
almost 200 MW of summer capacity

The I1SO anticipates constructiohabout 7,400 MW of new nameplate generatioy the end 022012,

with almost 90percentcoming from renewable resourceé&bout 3,950 MW of this new capacity is

from wind resources, which is likely to provide about 650 MW of peak summer capaiitgr taking

the summer peak capacity ratings of new resource types into account, this repredgents4,000 MW

of additional summer capacity. The ISO also anticipates 450 MW of existing generation to be retired in
2012.

The proposedaddition of new gadired generation in 2012s mostly offset byhe retirement of older

gasfired generation.As a result, nomenewable generation capacity has not grown significantly in the

last few yearswhile renewable generation increasés2 Y S S (G KS & liréne@saAsNByYy Sé | 0 f
more renewable generation comes online, the ISO has highlighted the ndeatkop and balance

renewable generation with thélexibility ofconventional generationesourceso maintain reliability*’

° The summer capacity factors used for wind and solar resources are 16 percent and 92 percent respectively.

1% More information on renewable integration can be found here:
http://www.caiso.com/informed/Pages/StakeholderProcesses/IntegrationRenewableResources.aspx
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Figure EL1 Generation additions byresourcetype (summer peak capacity)
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reliability needs can be recovered through a combination of temm bilateral contracts and spot

market revenues. Each year DMM analyzes the extentiolwevenues from the spot markets in 2011

would contribute to the annualized fixed cost of typical new-figesl generating resources. This

represents a market metric tracked by all ISOs and FERC.

Results of this analysis using 2011 prices for gagkutricity show a decrease in net operating
revenues for hypothetical new gas units compared to 2010. The 2011 net revenue estimates for
hypothetical combined cycle and combustion turbimgts both fall substantially below the estimates of
the annualied fixed costs for these technologielSor a new combined cycle unit, net operating
revenues earned from the markets in 2011 are estimated at about $23/&8v, compared to estimated
annualized fixed costs of $191/kyéar.

Under current market conditionadditional new generic ga#red capacity does not appear to be

YySSRSR |G GKA&a GAYSO | 26 SOSNE | & dzo &-firdd yapdeity . LJ2 NJi
is located in transmission constrained load pockets and is needed to meet locallitglialquirements.

Much of this capacity is also needed to provide the operatifiexibility needed to integrate the large

volume of intermittent renewable resources coming online. This capacity is increasingly uneconomic to

keep available without somform of capacity payment and will need to ferofitted or replaced to

eliminate use of onc¢hrough cooling technology over the next decade.

Investment necessary to maintain, retrofit or replace this capacity coulbleessed through lorg

term bilateral contracting under the CPQ@ng-term procurementand resource dequacy

LINE OSSRAYy3Ia o |l 26 SOSNE |a y20SR Ay 5aaQa ftLad +yy
one or two entities own most of the generation needed to meet the locahbdity requirements.

Potential competition from new generation and transmission in these areas is severely limited because
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of siting and other regulatory limitations. Thus, DMM has continued to emphasize the need for a
mechanism to mitigate local markpbwer that may be exercised in the bilateral market for local
capacity.

LY Hamm Y20KSNI LRGSYydGAFf 31 LI 2 Mmiplodaerdntiplandigg 6 S 6 S
and resource adequacy programs became increasapgparent. In late 2011, Qahe Corporation

informed the ISO of its intent to retire%50 MW combined cycle unit (Sutter Energy Center) in 2012

unless the unit received a resource adequacy contract or was contracted by the ISO through the capacity
procurement mechanism. The ISCeatenined that the Sutter unit was not needed in 2012, but that the

unit is likely to be needed in 2022018because othe retirement of other existing ga&red capacity

subjecttoli K S & ( I-thr&ughitoolthg régBlations. The ISO found that the &utinit was

specifically needed because it can provide flexible ramping capabilities that will be needed to integrate

the large volume of intermittent renewable resources coming online in the next few years.

This case has highlighted several key liniitaty & 2 ¥ G KS &térin fr&@Qémer@plzidNB y i f 2 v ¢
and resource adequacy programs.

1 Neither of these processes incorporates any specific capacity or operational requirements for the
flexible capacity characteristics that will be needed frotarge portion of gadired resources to
integrate the large volume of intermittent renewable resources coming online in the next few years.

9 The resource adequacy program and the capacity procurement mechanism in the 1SO tariff are
based on procurement afapacity only one year in advance. This creates a gap between these
procurement mechanisms and the mujtear timeframe over which some units at risk of retirement
may need to be kept online to meet futusystem flexibility or local reliabilingequirements.

In response to these issues, the ISO has taken several specific steps:

1 The ISO is working with the CPUC and stakeholders to integrate requirements for new categories of
flexible resource characteristics into the current resource adequacy pratfram

1 ThelSOisalso proposing thathe CPU@stablisha multiyear resource adequacy requirement,
including flexibility requirements, in the next resource adequaogg@ding that would establish
resource adequacy requiremerggarting in 2014.

1 Finally, he ISO has initiated a stakeholder process to develop a mechanism in the ISO tariff to
ensure the ISO has sufficient backstop procurement authorigrécure anycapacity at risk of
retirementnot contracted under the resource adequacy progrédmat the 1SO idntifies as needed
up to five years in the future to maintain system flexibility or local reliaBity.

™ For a detailed discussion s€alifornia Independent System Operator Corporatietitdn for Waiver of Tariff Revisions and
Request for Confidential Treatment, January 25, 201p://www.caiso.com/Documents/201D1-26 _ER12
897 Sutter Pet TdfWaiver.pdf

12 For furtrer details see the Flexible Capacity Procurement stakeholder process site:
http://www.caiso.com/informed/Pages/StakeholderProcesses/FlexibleCapacityProcurement.aspx

13 For further details se€lexible Capacity Procurement Market and Infrastructure Policy Straw Progaseh 7, 2012:
http://www.caiso.com/Documents/StrawProposé&lexibleCapacityProcurement.pdf
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Recommendations

In our prior annual and quarterly report®MM has provided a variety of specific recommendations for
short-term market improvements. DMM also works closely with ISO staff and stakeholders to provide
recommendations on new market design initiatives on an ongoing bédsle the ISO has already

taken steps responsive to many of these recommendations, continued emphasis on these issues is
warranted in 2012.This sectionsummarize® MM recommendations orelectedkey issuesalong with
steps that have been taken or are being takemddress theséssues.

Improve price convergence

Recommendation:In many of its reports for the last coupdé¢years, DMM highlighted the lack of price
convergence in the ISO markets. In particular, DMM stressed the difference between thahsaar
and reaidtime marlets as problematic. lits 2010annualreport, DMM warned that continued
divergence in prices would pose an increasing problem after the implementation of convergence
bidding** Price divergence and the resulting re¢i@he imbalance costs remained a siigant issue for
much of 2011.

Resolution: Starting in the summeof 2011 price convergence began to improsmgnificantlyas the
frequency of Bminute reattime price spikes fellAs discussed in Chaptgrthe ISO has taken numerous
actions including modifying operator procedures and enhancing the softvihet,have ultimately
improved price convergencéit the end of the year, the ISO also implementieel flexible ramping
constraint While these changedsavehelpedto improve price convergence, theye not likely to

resolve allimitations contributingto pricedivergence Therefore DMM recommends that the ISO
remain committed to addressing the unddryg causes of price divergence between the habead and
5-minute realtime markets. This includes addressing factors that may causéimeaprices to be
systematically higher dowerthan dayahead or howahead prices for sustained periods.

Convergence bidding on inter -ties

Issue Within the first few months after virtual bidding was implemented, DMiMed that large

volumes ofvirtual supply at intetties were offsettingvirtual demandbids clearingat internal locations
These offsetting virtuasupply and demand bids allowed some participants to profit from price
divergence between the hotahead and Sninute realtime markets. However, these offsetting bids
provided little or no increase in efficiency or reliability by improving-alagad uni commitment. In

many cases, these virtual import bids completely offset the impact that internal virtual bidding could
otherwise have on helping to converge eayead and realime prices. In addition, these offsetting bids
created significant revenuenbalances that are imposed on other participants. Based on these findings,
DMM supported the suspension of intée convergence biddinghile modifications to settlement
provisions for virtual intetie bids are assessed.

Resolution: In September, theSO filed with FERC to suspend convergence bidding at thetiegerin
late November, FERC temporarily suspended convergence bidding at th&éestgrending further
comments from interested parties and consideration by the Commission. In 2012CGeiEnued its
stakeholder process to assess modifications to the tahead and realime markets thawill facilitate
re-implementation of virtual bidding on inteies.

14 2010 Annual Report on Market Issues and Performargeil 2011, p. 12:
http://www.caiso.com/Documents/2010AnnualReportonMarketlssuesandPerformance. pdf

16 Annual Report on Market Issues and Performance


http://www.caiso.com/Documents/2010AnnualReportonMarketIssuesandPerformance.pdf

Department ofMarket Monitoringg California ISO April 2012

Re-implementing convergence bidding on inter  -ties

Recommendation DMM has been atively involved in working with ISO staff and stakeholders to
identify various market design changes that would facilitaténmplementation of virtual bidding on
inter-ties. However, DMM believes that virtual bidding on idies should only be remplemented in
conjunction with market design changes that will ensiingill be beneficial to overall market efficiency
and will not impose significant costs on other participants.

Many participants agree that virtual bidding on int@s should not be nastated until fundamental

market design and intecontrol area seams issues underlying problems with the {atv@ad and real

time markets are addressed. DMM believes developing and implementing such changes will take time.
Extreme care must be taken &void introducing inefficiencies or other immended consequences into

the physical markets that are more critical to system reliability and overall market performance.

Resolution: In 2012, the ISO is continuing its stakeholder process to assess maubatificto the hour
ahead and realime markets that might facilitate Fanplementation of virtual bidding on inteties.
Options being proposed by the ISO appear to provide reasonable assurance that the problems
previously observed with convergence bidglon inter-ties will not reoccur. However, DMM continues
to recommend that the details of various options be thoroughly reviewedthatproper safeguards be
incorporated into any market design changes made in conjunction witmpéementation of virtual
bidding on intetties.

Modify local market power mitigation procedures

Recommendation The local market power mitigation provisions of the new energy market design have
proven to be effective without imposing an excessive level of mitigation. However, prior to
implementation of virtual bidding in 2011, DMM recommended that current locadket power

mitigation procedures be modified to ensure that virtual bids do not undermine the effectiveness of
these procedures. DMM also recommended that the ISO implement a more dynamic process for
assessing the competiveness of transmission constaising the actual market software based on

actual system and market conditions.

Resolution In 2011, the ISO and DMM worked with stakeholders to develop a package of modifications
to make local market power mitigation procedures more dynamic, and fbezanore reflective of

actual system and market conditions. In addition, modifications will be made to ensure that bid
mitigation is targeted at individual units that can relieve congestion on uncompetitive constraints.

DMM believes these modificationgll help ensure that mitigation is applied when appropriate, while
avoiding bid mitigation in cases when local market power does not exist.

Flexible generation characteristics

The ISO has proposed spot market and forward procurement products that ewlteradditional

generation dispatch flexibility to improve reliability as more variable energy resources are integrated.
The flexible ramping product may provide significant revenue opportunities for more flexible generating
resources on the marginThelSO has also proposed incorporating specific requirements for flexible unit
2LISNF GAy 3 OKLF NI Ol Sahdadrésdut@éadeduycy ieduitements and Svénduallp ittd NJ
a five year forward capacity procurement process the requirements forueh characteristics increase
over time it will be increasingly important that forward capacity procurement also include flexible
ramping characteristicsThe 1SO has deferred pursuing forward procurement of flexible ramping
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capacity however, it does intand to develop a mechanism to evaluate the risk of unit retirement in the
context of future ramping requirements and have in place a compensation mechanism to bridge the
time between potential retirement and when the resource will provide needed rampingagp

Recommendation:For the spot product, DMM has recommended that the ISO provide further
clarification on how the requirements will be sétVe have also recommended that the 1ISO pursue cost
allocation during this initiative and do so in a way thaisinclosely adheres to cost causation principles.
For the forward procurement, DMM has recommended a clear linkage between the target requirement
for forward procurement and anticipated needs.

Resolution: The ISO is currently in the process of morediedefining the requirements for the spot
product, but has not yet indicated a final form or expected magnitude during different circumstalces.
is difficult to anticipate potential scarcity or market power issues withoutitiftemation; however,

DMM is optimistic that more development and empirical work will be done this yEar.the forward
procurement, the ISO has elected not to pursue incorporating flexible ramping characteristics into the
existing forward capacity procurement proce$§e notethat while there may appear to be sufficient
flexible ramping capacity over the next few years, including this characteristic and requirement in the
longterm procurement process is the most likely means to providing a price signal thahsvilie

adequade flexible ramping capacity further out in time.

Cost allocation

Recommendation:As noted ir2009 and 2010 annual reports, DMM continueseéoommendthe costs

of any additional products needed to integrate different resources should also be allanageday that
reflects the reliability and operational characteristics of different resources. This will help ensure proper
price signals for investment in different types of new resources. For example, if new ancillary services or
other products are spafically procured to mitigate the impacts of intermittent renewable resources,

the cost of these additional products should be allocated to these intermittent resources. Currently, the
cost of all ancillary services is allocated to load.

Resolution: The ISO is conducting a process to define principles that will be applied in determining cost
allocation for specific market and nanarket items going forwardThe proposed principles include cost
causation, along with providing proper incentives, ratidyale.g, the cost of implementation relative

to the cost to be allocated), and alignment with public poliDpMM has recommended that cost

causation should be the driving principle of cost allocati@nallocating costs to participants whose
actions diectly cause the cost provides a direct incentive to modify actions when this ieffestive

and reducsthe associated costDMM believes this will ultimately be the most efficient and effective
way to manage theverallcosts associated with renewabintegration which in turn wilhelp achieve

the state public policy goals for increased reliance on renewable e¢@yeasonable cost

The first producthe ISO will apply these principlesgardsprocuringa new flexible ramping product in

the spot market.The initial proposal allocated these costs entirely to load. However, a revised proposal
proposesallocaingthese costs in a manner that reflects the contribution of each individual resource to
the realtime variability that ultimately influences the quantity and cost of procurementis revised

5 See DMM comments dittp://www.caiso.com/Documents/DMM_Comments
CostAllocationGuidingPrinciplesStrawProposal.pdf
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approach should provide an incentive for resources to reduce variability which will, over time, reduce
the procurement requirement and cost associated with this preid

Review effectiveness of the 200 percent cap for registered costs

Recommendation:In 2011 DMM observed that the majority of bids for both starp and minimum

load costs for units under the registered cost option have approached the current cap petent of
fuel-costs!® DMM recommended that the ISO reevaluate the appropriateness and effectiveness of the
current cap. If this cap is lowered, DMM also continues to support consideration of the inclusion of a
fixed component for notiuel costs assaated with any verifiable startip and minimum load costs.

Resolution: The ISO has included this item to be considered as part of its commitment cost refinement
stakeholder process. DMM also continues to recommend that the 1SO revise the caps fositiam
cost bids for multstage generating units as part of this initiative.

Organization of report

The remainder of this report is organized as follows:

1 Loads and resourcesChapterl summarizes load and supply conditions impacting market
performance in 2011. This chapter includes an analysis of net operating revenues earned by
hypothetical new gasired generation from the IS@arkets.

1 Overall marketperformance. Chapter2 summarize®verall market performance in 2011.

1 Reaktime market performance.Chapter3 provides an analysis oéattime market performance
includingreasons for extreme positive prices and negative prices in thetimalmarket.

1 Convergence biddingChapter4 analyzes the convergence bidding feature that was added in 2011
and its effects on the market.

1 Ancillary services.Chapters reviews performance of the ancillary service markets.

1 Market competitiveness and mitigation.Chapter6 assesses the competitiveness of threeegy
market, along with the impact and effectiveness of market power mitigation provisions

1 Congestion.Chapter7 reviews congestion and the market for congestion revenue rights.

1 Market adjustments Chapter8 reviews the various types of markatljustments made by the ISO
to the inputs and results of standard market models and processes

f Resource adequacyChapter9 asesseghe shorti SNY LISNF2NXY I yOS 2F /I f AF2N
adequacy program in 2011.

1 Recommendations.Chapterl0 highlightsDMM recommendations on several key issw@nd
initiatives

/ KFLWISNI m 2F 5aaQa Hnsummdryytherodal meiet dedigh implé@rted RSa |
in 2009 and key design enhancements that have been added in 2010 and®22Uhis chapter of our

16 Quarterly Report on Market Issues and PerformaNowember 8, 2011, pp. 444.
7" Seehttp://www.caiso.com/informed/Pages/StakeholderProcesses/CommitmentCostsRefinement2012.aspx
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2010 annual report also highlights varictate policies and requirements closely linked to the design
and performance of the ISO markets.

'8 2010 Annual Report on Market Issues and PerformaAgeil 2011, pp. 1:B2.
http://www.caiso.com/Documents/2010AnnualReportonMarketlssuesandPerformance. pdf
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1 Load and resources

Overall load and supply conditions were very favorab@0ihl. Key trends highlighted in this chapter
include:

1

Theaverage price of natural gas in the daily spot markigtsreasedabout 4 percent from 200."
This waghe primarydriver of the 9 percent decrease in the annual wholesale energy cost per MWh
of load served in 2011.

Averageloadsduring summer peak houiacreasedoy about1.5percent The system peaked at
45,545 MW, or almost 4 percent lower than peak load in 28d® to mild summer conditions

Hydro-electricenergyproduction increasedby 25 perentin 2011 compared to 201énd was at its
highest level since 2006. Thereasen hydro-electric generation lasted well into the summer and
early fall months when loads are highest.

Net imports increased by 10 percent in 2011, driven by a 60 pemergase in low priced imports
from the Northwest. This increase reflected abundant hydtectric supplies and increases in wind
generation in that region.

Demand response progranoperated by the major utilities continued toeet over5 percent ofthe

L { roeall system resource adequacy capacity requiremeAtgivation of these programs
continued to be very limited in 201decause ofhe favorable supply and demand conditions.

Nearly twathirds of demand response capacity continues to be casegt of reliabilitybased

programs that can only be activated under extreme system conditions. Howevergspensive
programs that can be dispatched during the operating day in response ttimeatonditions

provided about 26 percent of demand resgse capacity in 2011, compared to 15 percent in 2010.
The remaining 10 percent of demand response capacity came fromnespensive programs that
could only be dispatched on a dahead basis in response to expected market or system conditions.

About 1% MW of peak generating capacity frorenewable generation asadded in 201. Energy

from wind and solar currently provides only about 4 percent of system energy, but energy from new
wind and solar resources is expected to increase at a much highenrttte next few years as a
NEBadzZ 0§ 2F LINRP2SOGa dzyRSNJ O2yadNHMzOGA2Yy G2 YSSi

Over 300MW of new gasdired generatiorwas added in 2011The estimated net operating

revenues for typical new gdsed generation in 201 fell substantially below the annualized fixed

cost of new generation. This analysis does not include revenues earned from resource adequacy
contracts or other bilateral contracts. However, these findings continue to emphasize the critical
importance oflong-term contracting as the primary means fovestment in anynew generation
neededdzy RSNJ / Fft AT2NY Al Q4 OdzNNByd YIFIN] Si RSaiAdayo

Analysis by DMM also indicates that net operating revenues of many existifigeghgenerating
units in 2011 may not even cewvgoing forward fixed costs of these units. While the overall level of

¥ 1n this report, we calculate average annual gasgwicy weighting daily spot market prices by the total ISO system loads.

This results in a price that is more heavily weighted based on gas prices during summer months when system loads are higher
than winter months, during which gas prices are often highe
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existing fleet of gafired resources will need to be maintained or replace@tsure that enough
capacity is available to meet peak loads and provide the operational flexibility needed to integrate
the large volume of intermittent renewable resources comingiaor. Again, this emphasizes the
importance ofi KS a i I G S Qrée atlefuAaizbrégrai Bridr@edzerm contractingunder

I FEATF2NYALF QaF OdzZNNByid YIN]J SO RSairdayo

1.1 Load conditions

1.1.1 System loads

System loadsvere moderate in 2011, likelyecause o combination of moderate summer weather
and a slowly recovering economyablel.l summarizesannualsystempeak loads and energy use over
the last five yearswhich includes:

91 Average daily peak loads during the summer months rose by only Icérmiewhile averagéads
during all hoursncreased byust0.4 percent.

1 Summer load peaked at 45,545 MW on Septembeaf74:30 p.m. This represents a 4 percent drop
from 2010 and thdowestannual peak level since 2005

Tablel.1 Annual system load: 2007 to 2011

Annual total Average loac Annual peak
Year energy (GWh) (MW) % change load (MW) % change
2007 242,880 27,644 48,615
2008 241,128 27,526 -0.4% 46,897 -3.5%
2009 230,754 26,342 -4.3% 46,042 -1.8%
2010 224,922 25,676 -2.5% 47,350 2.8%
2011 226,087 25,791 0.4% 45545 -3.8%

Figurel.1l summarizes load conditions durisgmmerpeak hourgJune to Augusthours? to 22 since
2001 Average houy peakloads have remained relatively flat since 2003oweversystem demand
during the single highest load hour has varsethstantially from year to yedrecause ofummer heat
waves. The potential for sucheat-related peak loads drives many of the{ hefiadility planning
requirements This als@reates a continued threat of operatiaireliability problemsunder extreme
weather conditions

Figurel.2 shows load duration curves for the years 2009 through 20//hile overallenergy
consumptionwashigher in 201Xompared to2010, peak demandropped in2011 Systemdad
exceeded 40,000 MW during only 61 howsabout 0.6 percent of all hours. In 2010, load exceeded
40,000 MW during 88 hours, or about 1 percent of all hours

The 1S0On coordination with the CPUC and other local regulatory authoritids system level resource
adequacy requirements based dmet 1-in-2 year forecast of peak demand. Resource adequacy
requirements for local areas are based on thim-1L0 year peak forecast for each are&s shown in
Figurel.3, summer peak demanid 2011was about 270 MWIlower thanthe 1-in-2 year forecast
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representing a difference @f.7 percent In 2009 and 2010, peak loads slightly exceeded {ine2lyear

forecast.
Figurel.l Summer load conditions (2001 to 2011)
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Figurel.2 System load duration curves (2009 to 2011)
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Figurel.3 Peak load vsplanning forecasts

52,000 -
51,0001 . N
§ 50,000 -
= A 4
8 49,000 -
o
® 48,000 -
[}
o
c 47,000 -
g
£ 46,000 -
n

45,000 -

= g= »1-in-2 year peak forecast
44,000 - -
& = 1-in-10 year peak forecast
43,0007 == Actual peak
42,000 . . .
2009 2010 2011

1.1.2 Local transmission constrained areas

The 1SO has defindd local capacity areas for use in establishing local reliability requirenfientise
aldFi8SQa NB a2 dzNOSeFigiR.4).dtosD éf thetitaP paakdystem demands located
within one of theseareas. Tablel.2 and Figurel.5 summarize the total amount of load within each of
these local areas under theid-10 year forecast used to set local religiliequirements

1 The Pacific Gas and Electdrea accourgfor about 39 percent of total local capacity area loads
under the %in-10 year forecast. Loads in the Greater Bay Area account for around half of the
potential peak load in the PG&fea

9 The Sauthern California Edisoarea accourd for around 51 percent of total local capacity area loads
under the in-10 year forecast. Loads in the Los Angeles Basin account for around 80 percent of
the potential peak load in the SGEea

1 TheSan Diego Gas amdectricareais comprised of a single local capacity area, which accounts for
about 10 percent of total local capacity area loads.

In the following chapters of this report, we summarize a variety of market results for each oftkinese
mainloadareasg also known asad aggregation pointsr LAPS. In some cases, we provide results for
specificlocal capacity areasTlhese results provide an indication kedy locational trendsinder the nodal
market design. Thproportion of load and generation locad within these areashown inTablel.2
andFigurel.5 indicatesthe relative importance of results falifferent aggregatdoadareasand local
capacity areas on overall market results.
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Figurel.4 Local capacity areas
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Tablel.2 Load and supply within local capacity areas2011

Peak Load Dependable  Local Capacity Requiremen
(1-in-10 year) Generation Requirement as Percent @
Local Capacity Area LAP MW % (MW) (MW) Generation
Greater Bay Area PG&E 10,322 21% 6,506 4,878 75%*
Fresno PG&E 3,306 7% 2,919 2,448 84%*
Sierra PG&E 1,977 4% 1,816 2,082 115%*
North Coast/North Bay PG&E 1,574 3% 861 734 85%
Stockton PG&E 1,163 2% 526 682 130%*
Kern PG&E 1,387 3% 708 447 63%*
Humboldt PG&E 206 0.4% 223 205 92%*
LA Basin SCE 20,223 41% 12,309 10,589 86%
Big Creek/Ventura SCE 4,648 9% 5,306 2,786 53%
San Diego SDG&E 5,036 10% 3,421 3,207 94%*

Total 49,842 34,595 28,058 80%

Source2012 Local Capacity Technical Analysis: Final Report and Study AAgiyk29, 2011 See Table 6 on page 22.
http://www.caiso.com/2b6f/2b6f8be32da20.pdf

* Generation deficient LCA (or with sabea that is deficient) deficiency included itocal capacityequirement
Generatordeficient area implies that in order to comply with the criteria, at summer peak, load may bérshestliately
after the first contingency.

Figurel.5 Peak loads by local capacity ax€based on 4n-10 year forecast)
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Tablel.2 also shows the total amount of generation in each local capacity, aleag with the total
amount of capacity required for local reliability requiremefdsthese areas used in the state resource
adequacy programTablel.2 shows tha, in most of these areas very high portion of the available
capacityis neededo meet peak reliability planning requirements. One or two entities own the bulk of
generation in each of these areas. As a result, the potential for locational market pothese load
pockets is significant.

A % 4 A x

Figurel.6 shows how théour major local capacity areasel T F SOG SR o6& -lirdagh ad+ 6SQa
cooling(OTC)egulations® Regulationaffect around 19,600 MW of generation capacity (net qualifying

capacity) on the California coast. About 11,160 MW of this capacity is located in these four local

capacity areas. As shownRigurel.6:

1 A significant portion of existing capacity needed to meet local capacity requirements in each of
these areas are subject to ontierough cooling regulations.

1 Intwo of these areas (the LBasin and San Diego), 2011 local capacity requirements could not be
met without repowering or replacing some of the capacity affected by @hoeugh cooling

1 Inthe remaining areas (the Greater Bay Area and Big Creek/Ventirraglly all capacity not
subject to oncethrough cooling regulations would be needed to méetal capacity requirements
when compared to 2011 requirements.

Figurel.6 Capacity affected by oncthroughcooling regulations
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% For more infemation on oncethrough cooling, please see the following link to the State Water Resource Control Board:
http://www.waterboards.ca.gov/water_issuesfpgrams/ocean/cwa316/

% The 1SO conducteal detailed transmission analysis on local capacity requirements and the impantethorough cooling
regulations. See pages 2226 athttp://www.caiso.com/Documents/RevisedDraP011-2012TransmissionPlan.pdf
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1.1.3 Demandresponse

Overview

5SYIFYyR NBaLRyaS LXlrea Iy AYLRNIFIYyG NBfS Ay YSSiOAy
peak summer demandDuring the peak summer months, demand response programs operated by the

aidl GdSqQa G-ewg Stilities/m@var b6 gelt@nt of overall system resource adequacy capacity
requirements. Nontutility entities, such as independent curtailment service providers, provide demand
response by participating in utility sponsored prograriibese utility demand response prograrare

not dispatched directly by the 1ISO. Currentlgnéind response provided directly to the IB@rimarily

limited to water pumping load$’

In August 2010, the ISO implemented a proxy demand resource prodlhis market enhancement also
allows aggegators of enelise loads to bidlirectlyinto the energy andancillary service markst This
wasdesigned to increase direct participation in the energy and ancillary service markets by utility
demand response programas well as aggregated enge or hdependent curtailment service

providers. However,only about 12 MWbf proxy demand resource capacity was registered in 2011 and
no bids from these resources were dispatched.

In 2011, the ISO also completed development aflebility demandresponseresourceproduct

planned for implementation in 2012. This product is designed to be similar fordxy demand

resource produgctbut is tailoredo allowretail emergencytriggered demand response prograrfsich

asinterruptible load, air conditioning anégricultural pumping load progrant® be integrated into day

ahead and realime energy marketsThese resources would be able to bid into the @dnead energy

market like other resources, regardless of whether emergency operating conditions havenkéen

However, theresources woulanly be dispatched bthe ISO in reatime during asystememergency or

awarning notice periodl 2 4 S@SNE Ay SI NI & H nwmruelabiliydeghand 9 w/ NB2SOi
responseproposal on the grounds thdlhe proposal des not meet the payment and cost allocation
LINAYOALX Sa 2dzif A¥SR Ay CO9w/ Qd hNRSNI tnpo®

Utility demand response programs

Almostallé/ I £ A T 2 NJ demand respaizdeNddsisis of load management programs operated by
GKS aidl S Qaowie&iBeS ThHege@rdgiaing ad triggerdy criteria set bythe utilities.

The programs araot necessarily tied to market prices. Notification times required by the retail

programs are also not well synchronized with market operations. liffitsthe prcd NI YA Q F oA f A (&
reduce electricity prices in the markeThis is becausdé demand response resources cannot

necessarily be called on to reduce load at times of high prices or low reserve margins that do not result

in an actual system emergency.

# The 1SO does not release information on the amount of participating loads since virtually all this capacity is operaged by on
market participant; the Califoriia Department of Water Resources.

z Februaryl6,20120rderrejectingtariff revisionsin docketnos.ER113616:000,et al.
http://www.caiso.com/Documents/201D2-16 ER18616_order.pdf
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Utility-managed demand response programs can be grouped imeetcategories:

1 Reliability-based programs Theseprograms consist primarilgf large retail customers under
interruptible tariffs and air conditioning cycling programs. Thasmand resourceare primarily
triggeredwhenthe 1ISO declasa system reliability threat.

1 Dayahead pice-responsive programsThese programare triggered on a dagheadbasis in
response tanarket or system conditionthat indicaterelatively high market prices. Spfic
indicators used by utilities to trigger these programs include forecasts of temperaturgstdreat
ratesthat may be scheduled given projected ré¢iahe prices. This category also includesical
peak pricingorograms under which participating customers are alerted that they pay a significantly
higher rate for energy during peak hours of the following operating day.

91 Day-of price-responsive programs These programs are referred tode~of demand response
progranssince they can be dispatched during the same operating day for which the load reduction
is needed. These resources include capacity frornaiditioning cycling programs dispatched
directly by the utilities and much of the load reduction capapitycured through curtailment
service providersThese programsan also be triggered on a dayead basis in response to market
or system conditions.

From the perspective of market performance and system reliability;odgoyice responsive demand
programsare significantly more valuable than pricesponsive programs that can only be triggered on a
day-ahead basis.

Tablel.3 summarizes total demand response capator each of the three major utilitieduring the

peak summer month of Augusts reported to the CPUWsInce 2007 As shown imablel.3, there is a

notable drop inreported demand response capacity from 2009 to 2010. This was due to a change in the
way that demand response capacity is assessed and reported, as explained below.

Demandresponse capacity was reporteqhtil 2009based orplanning estimates of thpotential load
reductions from total loads enrolled under each prograimenthe CPUC established standard
protocols for measuring and reporting demand response programs for utilities under its jurisdiction.
Estimates of load reductions under these npf@tocols are generally based on statistical analysis of
actual metered data and tend to be lower than prior estimates used in program planning.

Protocols in effect since 2010 required monthly reportingopostestimates of program impacts based
on results of these prior studies combined with the actual number of participants in each program.
Totals inTablel.3 for 2010 and 2011 are based on thesepostestimaes of program impacts in
monthly reports filed by each utility with the CP8As a result, estimated values reported for 2010
and 2011 are lower relative to capacity reported in previous years

The bottom two rows ofrablel.3 show the amount of capacity from utility demand response programs
used to meet resource adequacy requirements. The amoutiti@tapacityused to meet resource
adequacy requirements is datained by the CPUC based on its estimate of demand response capacity
that can be expectednderpeak summer conditions. The decrease in demand response used to meet

# Load Impact Estimation for Demand Response: Protocols and Regulatory Guiskifiomia Public Utilities Commission
Energy Divisions, April 2008.

% The monthly reports are available laittp://www.cpuc.ca.gov/PUC/energy/Demand+Response/Monthly+Reports/index. htm
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resource capacity requiremenis 2010and 201 1reflects the use ofthe more stringenstandard
protocols for measuring and reporting demand response progiaaistook effect in 2010

As shown imablel.3, demand response capacity used to mteet 2010and 2011 resource adequacy
requiremenstracked closely with estimates of actual demand response capacity reported in these years
under the more advanced protocols for meaisigrand reporting of these programsn both these

years,ex postestimates of tie combined impact of all utility demand response programs for August

2011 equaled about 95 percent of the resource adequacy capacity requirements that the CPUC allowed
to be met by these resources.

The CPUC allows a 15 percent adder to be applied to deneapdnse capacity used to meet resource
adequacy requirements. This accounts for the fact that demand reductions reduce the amount of
capacity needed to meet the 15 percent supply margin used in setting resource adequacy requirements.

Tablel.3 Utility operated demand response programs (20@D11)
2007 2008 2009 2010 2011
Utility/type Enrolled Enrolled Enrolled Estimated* Estimated*
MW MW MW MW MW
Price-responsive
SCE 256 381 498 407 331
PG&E 623 752 508 272 451
SDG&E 121 154 89 66 60
Sub-total 999 1,287 1,095 746 842
Reliability-based
SCE 1,305 1,458 1,577 1,038 1,167
PG&E 323 466 533 325 253
SDG&E 98 83 62 13 8

Sub-total 1,726 2,007 2,172 1,376 1,428
Total 2,725 3,294 3,267 2,122 2,270

Resource adequacy allocation 2,226 2,670 2,637 2,221 2,421
With 15 percent adder 2560 3,071 3,033 2,554 2,784

* Capacity for 2007-2009 based on planning projections of program enrollment and img
Capacity for 2010-2011 based expostassessment of program enrollment and impacts
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Figurel.7 Utility operated demand response programs (20@011)
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Figurel.7 summarizegdata inTablel.3, but provides a further breakdown of the portion of price
responsive capzty that can be dispatched on a dajiead and dapf basis in 2010 and 201 .As
shownin Figurel.7:

1 Reliabilitybasedprogramsaccount for about 64 percent of theapacity from utilitymanaged
demand responseesources.

1 Priceresponsive programs account for around 36 percent of this capacity.

1 In 2011, priceesponsive programs that can be dispatched on aafdyasis grew to about 26
percent of all demand responsapacity compared to about Jfercentin 2010.

From the perspective of market performance and system reliability, pesponsive demand response
that can be dispatched on the same day that high market prices or critical system conditions occur are
signficantly more valuable than programs that can only be triggered on aatlagd basis or in response

to a system reliability emergency.

Use of demand response programs

Demand response resources continue to be dispatched by utilities on a very limiied bagow use
of demand response programeflects therelatively low market priceanoderate gak load and
favorable supply conditions in 201Figurel.8 shows the annual total amount of demand response
operated by the three largest utilities in 2011 by operating hour.

% Prior to 2010, data provided in the monthly reports are not sufficient to differeatitween priceresponsive demand
responsehat can be dispatched on a dayead and dapf basis
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About two-thirds of demand response dispatched was from priegponsive programs triggered on
a dayahead basis. About 5 percent ofgldayahead demand response was triggered for
measurement and evaluation purposes, with the remaining 95 percent being dispatched due to
projected market conditions the following operating day.

About onethird of demand response was from pricesponsivegprograms that are dispatched

during the same operating day that load is curtailed. About 80 percent of this demand response was
triggered for measurement and evaluation purposes, with the remaining 20 percent being
dispatched due to actual market or sgst conditions.

The most demand response dispatched during any hour in 2011 was only about 350 MW. This
occurred on the peak load day from the prior year in August (August 25) and again on the overall
annual peak day of September 7. Together these taygsdccounted for about 30 percent of all
demand response dispatched in 2011.

Under the CPUC monitoring and evaluation protocols, the actual performance of demand response is re
assessed on an annual basis based on actual metered data. However, rethdseaevaluations are

not available until spring of the following year. Under the current market design, the ISO does not have
the data or responsibility for assessing the performance of these utility programs. When these
programs are bid and dispatctiglirectly in the ISO market as proxy demand resources, the 1SO will play
a role in assessing the impact of these resources based on metering data as part of its settlement
process. This assessment will involve the use of a relatively simple statigtioa®eh to estimate a

baseline level of consumption from which load reductions will be estimated.

Figurel.8 Total amount of demand response programs dispatched in 2011
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1.2 Supply conditions

1.2.1 Generation mix

Figurel.9 provides a profile of average hourly generation by month and fuel tfigurel.10 shows an
hourly average profile of energy supply by fuel typetfa peak summer monthguly through
September. These figures show the following:

1

Natural gas and hydrelectric production increaskmost during the higher load months (August
and September) of the year and the higher load hours of the day (7 through 22). These resources
are most often marginal in the system.

In 2011, natural gageneratorsprovided 28 percenand hydroeelectricgenerators provided 14

percent of supply This indicates a significant decline in the share of natural gas, which provided 35
percent in 2010. Natural gas generation was replaced by hgléiric generation, imports and
nuclear generation.

Net imports epresented around 29 percent of total supplgd base load nuclear production
represented around 16 percent of suppty2011

Non-hydro renewable generation accounted for 9 percent of total supply, staying around the same
asthe 2010share.

Figurel.11 provides a more detailed breakdown of nbgdro renewable generation in 2010 and 2011.
CGeneration from wind resources increased significantly in 20dile generation from biomass and
solar resourcesnlyincreasedslightly.

T
)l
)l
)l

Geothermal provided approximately 38 percent of renewable energy.
Wind provided approximately 35 percent of renewable eneérg011, up from 30 percent in 2010
Biogas, biomss, and waste generation provided another 22 percent of renewable energy.

Solar poweprovidedabout5 percent ofthe total renewable generation.

Figurel.12 compaes average monthly generation from hydro, wind and solar resources. Both-hydro
electric and wind generation peaked in the second quarter (April through June), when system loads are
moderate and the supply portfolio is limited. The combination of thesalitions contributes to the
potential for negative price spikes due to oxggnerationduring these monthssge Sectior.4 for

further discussion) Hydro-electric and wind generation declined in the third quarter (July through
September) when loads reached peak levéligurel.12 also showshat generation from solar

resources peatdin the summer months. Currently, the share of generation from solar resources
relative to the hydro and wind resources isrsfiggantly smaller. However, solar is expected to provide

an increasing portion of supply from new renewable resources.
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Figurel.9 Average hourly generation by month and fuel type in 2011
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Figurel.11  Total renewable generation by typ€009-2011)
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Hydro-electric supplies

Yearto-year variations in hydrelectric power supply in California have a major impact on prices and
the performanceof the wholesale energy market. More abundant supplies ofafiriver hydroelectric
power generally reduce the need for base load generation and imports. Hydro conditions also impact
the amount of hydreelectric power and ancillary services availatileing peak hours from units with
reservoir storage. Alost allhydro resources in the ISO are owned by lgadving entities that are net
buyers of electricity They herefore seek to manage these resources in a way that moderates overall
energy and arittary service prices.

As shown irFigurel.13, overall hydreelectric production in 2011 wasecond only to 2006 over the past
9 years Overall snoyack in the Sierra Nevadaountains on May 1, 2011, was about 160 percent of
the longterm average, indicatingiuchbetter-than-average hydro conditions.

Figurel.14 compares monthly hydrelectric output fromresourceswithin the 1SO for each of the last
three years.Hydro productionin 2011was?25 percenthigher thanin 2010. During the peak load

months of July and August, hydro production was alddupercent higher than in 201@uring the

fourth quarter, hydreelectric generation dropped below 2010 levels due to unusually low precipitation.
This lack of precipitation continued into the first quarter of 2012 and hydro conditions in 2012 are
expected to be well below average within California.

Figurel.13 Annual hydroelectric production (2062011)
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Figurel.14  Average hourly hydroelectric production by mon2009-2011)
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Net imports

Net imports increaseé by 10 percentin 2011over201Q Netimports from the Northwest increased
about 60 percentwhile net imports from the Southwest dropped aboup@rcent Figurel.15
compares net importdy region for each quarter of 2010 and 2011.

Overall, the main reason for this increase was a substantial increase inélgdtdcand wind
generation in the Northwest in 2011. This additional supply helped loweiQdldmbia trading hub
prices significantly. As a resuliet2011 price differential between the NP15 and Midlumbia trading
hub prices increasefbr both on-peak andoff-peak periods when compared to 2010

The decrease in imports from the Southwest wikely due tochanges in the relative price differentials
between California and Southwesh trading hubs The pice differential between the SP15 and the
Palo Verddrading hub prices fell slightly in both greak and offpeak periods in 2011 when compared
to 2010.
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Figurel.15  Net imports by region2010-2011)
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1.2.2 Natural gas prices

Electric prices in the western statggically follow natural gas price trends because natural gas units
areusuallythe marginal source of generation in California and other regional markets. In @@l
averageweightedprice of natural gas in the daily spot markets decreased about@epéfrom 2010.
This was one of the main drivers of tBgercentdecrease in the annual wholesale energy cost

per MWh of load served in 2011.

Figurel.13 shows monthly average natural gas prices for 2008 through 2011 at key delivery points in
Northern California (PG&E Citygate) and in Southern California (SoCal Border). Prices for thie nationa
Henry Hub trading point are also provided as a point of reference.

Natural gas prices in California tend to follow national trends, with differences that reflect gas pipeline
transportation congestion. Because Northern and Southern California areddeywdifferent gas

producing regions and transportation systems, natural gas prices within California periodically diverge,
with prices in Northern California tending to be higher than in Southern California. However, the
difference between natural gasipes in Northern and Southern California continued to decline in 2011.

w In 201, average daily natural gas prices in Northern California exceeded prices in Southern
California by about $0.19/MMBtu, or 4 percent. In 2010, natural gas prices in Noadifarnia
exceeded prices in Southern California by about $0.29/MMBtu, or 7 percent.

w For the first time over the past few years, Southern California prices were slightly higher than
NorthernCalifornia prices, on average, in the month of Februarys Whs a result of unusually cold
weather in the Southwest, which affected natural gas deliveries and increased prices into Southern
California.
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w The overall decline in the difference between Northern and Southern California prices was a result
of changesn increased production and transportation capacity and lower costs from sources in the
northern Rocky Mountain area and Canada to Northern California. Specifically, the Ruby Pipeline,
which takes low cost natural gas from the Rockies to the Northwestt imé service in late July.
Furthermore,increased hydreelectric and renewable production in the Northwest reduced natural
gas demand.

Figurel.16 Monthly weighted average natural gas prices in 202811
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1.2.3 Generation addition and retirement

California currently relies on lorgrm procurement planning and resource adequacy requirements
placed on loaeserving entities to ensure that sufficient capacity is available to meet reliability planning
requiremerts on a systenwide basis and within local areas. Trends in the amount of generation
capacity being added and retired in the ISO system each year provide important insight into the
effectiveness of the California market and regulatory structure in inogniew generation investment.

Figurel.17 summarizes trends in the addition and retirement of generation from 2B0OP1. It also
includes plannedapacity additions and retirements in 20¥2Tablel.4 also shows generation
additions and retirements since 2002. It includes projected 2012 changes and totals acrosyd¢iae 11
period (20022012).

z Capacity values in 2011 and 2012 are calculated summer peak capacity values. The values in 2010 and before are nominal
capacity values.
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Figurel.18 andFigurel.19 show additional generation capacity by generator type. As the figures
indicate, most of tle additional units are wind, solar and natural gas units. The vast majority of the new
renewable capacity is expected to come from wind and solar generators.

Generation additions and retirements in 2011

Approximately516 MW of new generatiorfpeak summecapacity)began commercial operation within
the 1ISO system in 2011. AbdLit5 MW of this capacityvasinstalled inthe PG&E area and01 MW
came online irthe SCE and SIB& areas. A more detailed listing of these is providelhinel.5.

There were 362 MW of capacity retirements in 2011.

Anticipated additions and retirements in 2012

The IS@nticipates4,042MW of new generatiorfpeak summer capacity) 2012 Around2,929MW of

this capacitywill come from renewable resource3ablel.6 provides more detailed information on

these projects. The ISO expects abb@44MW of this new capacity to be commercially available
before the anticipated summer peak seasorhe ISO also anticipates 452 MW of existing generation to
be retired in 2012.

Over the past couple yeansew gasfired generatiorhas been mostlpffset by the retirement of older

gasfired generation.As a result, nomenewable generation capacity has not grown significantly in the
lastfewyearE KAt S NBYySgloftS ISYSNIGA2Yy AYyONBlFrasSa G2 Y
Beyond 2012, significant reduchs in totalgasF A NBR O LI OAde I NB LRaaAioftS Rd
on use of oncehrough cooling technology Meanwhile, the amount of new renewable generation

comingonline hasbegun to increase dramaticallyAs more renewable generation cosenline, the ISO

has highlighted the need to backup and balance renewable generation with the flexibility of

conventional generation resources to maintain reliabflity.

¢CKS adlFiSQa NBaz2dz2NOS | RSIjdza O& -eiNiapabltypfocdengni A y dzSR
YSOKIyAaY® | 26 SHSNE AY HAamm Al @8rént proSessiiof ONB I a A y 3
longerterm procurement may not ensure the investment and revenues needed to support sufficient

new or existing gafired capacity to integrate th increased amount of intermittent renewable energy

coming online. The ISO and CPUC are addressing this issue through several initiatives in 2012. This
represents a major market design challenge facing the ISO and state policy makers.

% More information on renewable integration can be found here:
http://www.caiso.com/informed/Pages/StakeholderProcesses/IntegrationRenewableResources.aspx
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Figurel.17 Generation additions and retirements20022012
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Tablel.4 Changes in generation capacity since 2002
. Total
2002- 54007 2008 2009 2010 o011 Proected o ough
2006 2012
2012
SCE and SDG&E
New Generation 6,280 485 45 1,107 1,042 401 2,757 12,118
Retirements (4,280) 0 0 0 (414) 0 (452)  (5,146)
Net Change 2,000 485 45 1,107 628 0 1,075 5,340
PG&E
New Generation 6,104 112 0 1,329 1,002 115 1,285 9,947
Retirements (1,207) 0 0 (26) (175) (362) 0 (1,770)
Net Change 4,897 112 0 1,303 827 0 1,009 8,148
ISO System
New Generation 12,384 598 45 2,436 2,044 516 4,042 22,065
Retirements (5,487) 0 0 (26) (589) (362) (452)  (6,916)
Net Change 6,897 598 45 2,410 1,455 154 3,590 15,149
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Figurel.18 Generation additions byesourcetype (hameplatecapacity)
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Figurel.19 Generation additions byesourcetype (summer peak capacity)
2,000 -
1,800 - E Wind
1,600 - i Solar
i Other Renewable
1,400 -
i Other
£ 1,200 -
cg H Pumped Storage
@ 1,000 -
> H Natural Gas
= 800 -
600 -
400 +
200 -
0 |
2011 (actual) 2012 (planned)

42

Annual Report on Market Issues and Performance



Department ofMarket Monitoringg California ISO April 2012

Tablel.5 New generation facilities in 2011

. . . Resource capacity Summer capacity Commercial
Generating unit Unit type (MW) pacity (MW) pacity e e Area
FPL Energy Montezuma Wind* Wind 37 6 25-Jan-11 PG&E
Avenal Park Solar Project * Solar 6 6 5-Aug-11 PG&E
Sun City Solar Project * Solar 20 18 5-Aug-11 PG&E
Sand Drag Solar Project * Solar 19 17 5-Aug-11 PG&E
Westside Solar Station* Solar 15 14 13-Sep-11 PG&E
SF State Fuel Cell Station Fuel Cell 2 2 27-Sep-11 PG&E
CSUEB Fuel Cell Station Fuel Cell 2 2 27-Sep-11 PG&E
Stroud Solar Station * Solar 20 18 4-Oct-11 PG&E
Five Points Solar Station* Solar 15 14 7-Oct-11 PG&E
Three Forks Water Power Project Pumped Storage 2 2 1-Nov-11 PG&E
Shiloh Il - Phase A* Wind 100 16 22-Dec-11 PG&E
PG&E Actual New Generation in 2011 237 115
CPC West - Alta Wind I11* Wind 150 24 12-Feb-11 SCE
Rialto Roof Top Solar Project* Solar 1 1 1-Mar-11 SCE
CPC East - Alta Wind IV* Wind 102 17 12-Mar-11 SCE
SPVP022 Redlands RT Solar * Solar 3 2 23-Mar-11 SCE
Riverside Energy Resource Center (REF Gas Unit 50 48 1-Apr-11 SCE
Unit 3
Riverside Energy Resource Center (REF Gas Unit 50 49 1-Apr-11 SCE
Unit 4
CPC East - Alta Wind V* Wind 150 27 21-Apr-11 SCE
Sycamore Energy 1 Gas Unit 2 2 19-May-11 SDG&E
San Marcos Energy Gas Unit 2 2 20-May-11 SDG&E
Canyon Power Plant Unit 3 Gas Unit 50 48 30-Jul-11 SCE
Canyon Power Plant Unit 4 Gas Unit 50 50 30-Jul-11 SCE
Ontario RT Solar * Solar 6 5 25-Aug-11 SCE
Lake Hodges Pump Station 1 - Unitl1  Pumped Storage 20 20 8-Sep-11 SDG&E
Canyon Power Plant Unit 1 Gas Unit 50 49 16-Sep-11 SCE
Canyon Power Plant Unit 2 Gas Unit 50 48 16-Sep-11 SCE
CM10 Pseudo-Tie* Solar 10 9 3-Oct-11 SCE
SCE and SDG&E Actual New Generation in 742 401
2011
Total Actual New Generation in 2011 979 516
Total Renewable Generation in 2011* 653 195

Source: California ISO Interconnection Resources Department

Annual Report on Market Issues and Performance 43



Department of Market Monitoring, California ISO April 2012

Tablel.6 Planned generation additions in 2012

Generating unit Number of  Resource capacit Summer capacity Commercial Area
projects (MW) (MW) operation date

Biogas-biomass Project* 2 28 26 Jan-12 PG&E
Solar Project* 6 105 97 Jan-12 PG&E
Wind Project* 1 78 13 Jan-12 PG&E
Solar Project* 2 40 37 Feb-12 PG&E
Solar Project* 1 20 18 Mar-12 PG&E
Wind Project* 1 128 21 Mar-12 PG&E
Solar Project* 3 60 55 Apr-12 PG&E
Wind Project* 1 30 5 Apr-12 PG&E
Biogas-biomass Project* 1 4 3 May-12 PG&E
Solar Project* 2 40 37 May-12 PG&E
Gas Project* 2 45 45 Jun-12 PG&E
Solar Project* 3 60 55 Jun-12 PG&E
Gas Project 2 476 435 Jul-12 PG&E
Solar Project* 3 60 55 Aug-12 PG&E
Solar Project* 1 20 18 Sep-12 PG&E
Solar Project* 1 20 18 Nov-12 PG&E
Wind Project* 1 250 51 Nov-12 PG&E
Biogas-biomass Project* 1 16 16 Dec-12 PG&E
Small Hydro Project* 2 12 10 Dec-12 PG&E
Solar Project* 9 234 215 Dec-12 PG&E
Wind Project* 4 336 54 Dec-12 PG&E
PG&E Total New Generation in 2012 2,062 1.285
Solar Project* 1 20 18 Jan-12 SCE
Wind Project* 2 102 17 Jan-12 SCE
Geothermal Project* 1 62 60 Feb-12 SCE
Solar Project* 1 50 46 Feb-12 SCE
Wind Project* 1 550 89 Feb-12 SCE
Wind Project* 2 351 57 Mar-12 SCE
Solar Project* 1 20 18 May-12 SCE
Wind Project* 1 300 49 May-12 SCE
Pumped Storage Project 2 540 451 May-12 SDG&E
Solar Project* 2 600 828 May-12 SDG&E
Gas Project 1 50 50 Jun-12 SCE
Solar Project* 3 258 237 Jun-12 SCE
Wind Project* 1 297 48 Jun-12 SCE
Solar Project* 2 214 197 Aug-12 SCE
Solar Project* 1 20 18 Aug-12 SDG&E
Solar Project* 1 66 61 Sep-12 SCE
Wind Project* 1 250 41 Sep-12 SCE
Wind Project* 1 201 33 Nov-12 SDG&E
Gas Project 1 85 85 Dec-12 SCE
Nuclear Project 1 48 47 Dec-12 SCE
Solar Project* 6 115 106 Dec-12 SCE
Wind Project* 2 789 128 Dec-12 SCE
Biogas-biomass Project* 1 27 26 Dec-12 SDG&E
Wind Project* 1 299 48 Dec-12 SDG&E
SCE and SDG&E Total New Generation in 2012 5,314 2,757
Total Planned New Generation in 2012 7,376 4,042
Total New Renewable Generation in 2012* 6,465 2,929
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1.3 Net market revenues of new gas-fired generation

Every wholesale electric market musive an adequate marketndregulatory framework for

facilitatingA y 884G YSyid Ay ySSRSR t $0S tterm @cEurgmbnsproBasdlt OA G & @

and resource adequacy program is currently the primary mechanism to ensure investment in new
capacity when and where it is neede@iven this regulatory frameworknaual fixed cost$or existing
and newunits criticalfor meeting reliability needshould be recoverable through a combination of leng
term bilateral contractsind spot market revenues.

Each year, DMM examines th&tent to whichrevenues from the spamnarkets would contribute to the
annualized fixed cost a@ypical new gadired generating resourceslhis representan important
market metrictracked byall ISOs.Costs used in the analysis are based on a 2009 (reosht) report
by the California Energy Commissidn.

Hypothetical combine d cycle unit

Key assumptions used in this analysis for a typical new combined cycle unit are sfiabtein7. The
increase in new generation costs fra2@09are primarily attributable tancreases in capital and
financing costs and taxgaccording to the California Energy Commission report used in this analysis.

Tablel.7 Assumptions for ypicalnew combined cycle unit*®

Technical Parameters

Maximum Capacity 500 MW
Minimum Operating Level 150 MW
Startup Gas Consumption 1,850 MMBtu/start
Heat Rates

Maximum Capacity 7,100 MBtu/MWh

Minimum Operating Level 7,700 MBtu/MWh
Financial Parameters
Financing Costs $134.4 [KW-yr
Insurance $7.2 KW-yt
Ad Valorem $9.4 kKW-yt
Fixed Annual O&M $10.1 /KW-yr
Taxes $29.6 kW-y1
Total Fixed Cost Revenue Requirement $190.7/KW-yr
Variable O&M $3.7/MWh

Results for a typical new combined cycle unit are showralriel.8 andFigurel.15. The 2A.1 net
revenueresults show a decrease net revenues compared to 2010he 2011 net revenue estimates

29 Amore detailed description of the methodology and results of the analysis presented in this section are provided in Appendix
I dm 2 F20892Aan0aA Report on Market Issues & Performafpe| 2010, which can be found at
http://www.caiso.com/2777/27778a322d0f0.pdf

% The financing costs, insurance, ad valorem, fixed annual O&M and tax costs for a typicathimtalie were derived
RANBOGf& FNRY (KS RDMCompaniivestdiofTlifoknia CéntaSStatioh El€rticity Generation
Technologieseport which can be found athttp://www.energy.ca.qov/2009publicatiod€EC200-2009-017/CE€00-2009
017-SE.PDF
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for a hypothetical combined cycle unit in NP15 aRd S both fall substantially below tt$191/kW-year
estimate ofannualizedixed costs provided in the CEC report.

Tablel.8 Financialanalysisof new combined cycle unit (20@2011)
Components 2007 2008 2009 2010 2011
P NP15__ SP15__NP15 _ SP15 NP15__ SP15_ NP15__ SP15  NP15 __ SPIt
Capacity Factor 69%  76%  74%  81%  57%  57/%  6/%  74%  53%  66%

DA Energy Revenue ($/kW - yr$369.59 $389.41 $489.17 $505.42 $172.67 $169.61 $137.95 $142.65 $101.62 $94.27
RT Energy Revenue ($/kW - yr) $36.20 $41.98 $47.41 $51.98 $21.27 $1550 $34.89 $37.31 $28.62 $30.84
I k{ wSOSydzS o6bk$®37 ¢ $8.480 $041 $0.42 $0.76 $0.85 $1.01 $1.25 $1.71  $2.29
Operating Cost ($/kW -yr)  $321.86 $337.82 $425.16 $428.39 $154.57 $147.48 $143.25 $145.69 $108.65 $104.41
b3SU WSOSYdzS 6P k$pk30 ¢ $96.08D $111.82 $128.25 $40.14 $38.48 $30.60 $3552 $23.30 $22.99
PMENJI | DSNT 33 0 B5803 %64 B ND

Figurel.20 Estimated net revenue of hypothetical combined cycle unit
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Hypothetical combustion turbine unit

Key assumptions used in this analysis for a typical new combustion turbine are shbaidh.9.
Tablel.10andFigurel.16 showestimated net revenues that a hypothetical combustion turbine unit
would have earned by participating in theattime energy and noispinning reserve arkets. These
resultsshow adecreasen the net revenuesn 2011 Estimated netevenues for a hypothetical
combustion turbinealsofell well short of theb212/kW-year estimate ofannualizedixed costs in the
CEC report.

Thesefindings continue tounderscore the critical importance of lostgrm contracting as the primary
means forfacilitating new generation investment.otal requirements for new generation investment
should be addressed through loterm bilateral contracting under the CPW&Sourceadequacy and
longrterm procurement framewort ''YVYRSNJI /| £ AT 2 NSOA, thes®drogtadeNadd vy i

YI N S

provide additional revenue for new generation and cover the gap between annualized capital cost and

the simulated net spot market revenues provided in the previous section.

Tablel.9 Assumptions for ypical new combustionturbine®

Technical Parameters
Maximum Capacity 100 MW

Minimum Operating Level
Startup Gas Consumption
Heat Rates
Maximum Capacity
Minimum Operating Level

40 MW
180 MMBtu/start

9,300 MBtu/MWh
9,700 MBtu/MWh

Financial Parameters

Financing Costs $146.6 /KW-yr
Insurance $7.9 kW-yt
Ad Valorem $10.4 KW-y1
Fixed Annual O&M $20.3 /kW-yr
Taxes $26.5 kW-y1
Total Fixed Cost Revenue Requirement $211.7/KW-yr
Variable O&M $5.1/MWh

%1 The financing costs, insurance, ad valorem, fixed annual O&M and tax costs for a typicathisialie were derived
RANBOGfe FNRY (KS RDMCompaniivestdiofTlifoknia Céh&astion/ERdtriditt Generation

Technologieseport which can be found athttp://www.energy.ca.qov/2009publications/CEXD0-2009-017/CE€00-2009

017-SE.PE
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Tablel.10 Financialanalysis ofnew combustionturbine (20072011)

Components 2007 2008 2009 2010 2011
NP15 SP15  NP15 SP15  NP15 SP15  NP15 SP15  NP15 SP1t
Capacity Factor 8% 9% 11% 12% 6% 6% 7% 10% 6% 7%
Energy Revenue ($/kW - yr) $97.54 $104.99 $155.58 $158.98 $70.50 $84.62 $64.97 $95.94 $57.60 $69.57
A/S Revenue ($/kW - yr) $13.30 $12.83  $5.50 $5.53 $8.64 $8.37 $3.36 $2.97 $6.06 $5.98
$27.70 $24.80 $35.60 $23.23 $26.88

Operating Cost ($/kW - yr) $59.18 $64.63 $100.12 $104.09 $25.85
Net Revenue ($/kW - yr) $51.66 $53.19 $60.96 $60.43 $53.29 $65.29 $43.54 $63.32 $40.43 $48.67

5-yr Average ($/kW - yr) $49.98 $58.18

Figurel.21 Estimated net revenues afiew combustion turbine
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2 Overview of market performance

NANRKAE HandpX GKS L{h AYLISYSYGSR I YI22NJ NBRSaA3dy
this new design continued to effectively facilitate efficient and competitive mgvkeformance

9 Total wholesale electricostsfell by9 percent. This represents a 6 percent decrease after adjusting
for lower natural gas pricesThis 6 percent decrease was driven by a significant increase in-hydro
electric generation, an increase iml@riced imports and moderate loads.

1 About 98 percent of system load was scheduled in theatsad energy market, which continued
to be highly efficient and competitive. Dafpead prices continued to bédaut equal to prices we
estimate would result undehighlycompetitive conditions.

1 Price spikes in the-Bhinute reattime market decreased over the course of the year, improving price
convergence between thieour-ahead andeaktime markets.

1 Revenue imbalanceosts associated with divergeno& hour-ahead and reatime pricesincreased
significantly in the first few months of the yeand were exacerbated by the introduction of
convergence bidding in February. However, these deditby the end of the yeaais price
convergence in these markets imprale

1 Ancillary services accounted for about 2 percent of total energy costs, up from about 1 percent of
total wholesale costs in 201(rhis increase was largely attributalideabundanthydro conditions in
the first half of the year, which decreased theadability of ancillary services from hydro resources.

9 Bid cost recovery paymentstaled about 15 percent of total energy costs in 20kbmpared to
less tharil percentin 201Q Thisincrease was primarily attributable to increased costs associated
with manipulativebidding behaviothat was identified and corrected by June 2011.

Several aspects of martkgerformance have improved or have shown signs of improtangrd the
end of 2A1.

1 The frequencyf reaktime price spikes decreased over the year. The ISO made changes to both
procedures and software that helped reduce the incidence of these price spikes. The frequency of
price spikes began to fall starting in the spring and co@d to fall through the end of the year.

1 The consistency of prices in the healead and realime markets improved significantly in the
second half of the year. Hoahead prices were systematically lower than both-dé&gad and real
time markds in the first half of 2011.This pattern created substantial revenue imbalances that
were allocated to loagserving entities. These revenue imbalance costs were exacerbated by the
introduction of virtual bidding on inteties, which increased the volume ofansactions clearing at
these different market pricesThese costs decreased over the course of the year as the ISO
implemented procedural and software changes which improved price convergence in these
different energy markets.
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2.1 Total wholesale market cost s

Total estimated wholesale costs of serving load in 20é&de $8.2 billion ojust over$36/MWh. This
represents a decrease about9 percentfrom a cost of $40/MWh in 201@&nd the lowest estimated
nominal wholesale cost since 1999.

Gas pricesalsodeaeased in 2011, with spot market gas prices decreasing by about 4 pétdeinich of
this decreaseccurred n the first quarter of the yearAfter accounting for lower gas prices, total
wholesale energy costs decreased from $35/MWh in 2010 té\Np®&h in 2011, representing a
decrease of almost 6 percent in gasrmalized prices’

A variety of factors contributed to the decrease in-gasmalized total wholesale costs in 2011. As
highlighted inChapterl, fundamental demand and supply conditions favorable to lower prices in 2011
included:

1 Increased hydreelectric generation
1 Increased imports, particularly from thdorthwest, and

1 Lower summer peak loads

Other factors contributing to lower prices discussed in the following sections and chapters of this report
include the following:

1 High dayahead scheduling of load relative to actual lcads
1 Competitive biddindevelsin the dayahead and realime energy marketsand

1 Low congestion

Figure2.1 shows total estimated wholesale costs per MWh from 2007 to 2011. Wholesale costs are
provided in nominal terms, as well as after notigation for changes in average spot market prices for
natural gas. The green line representing the annual avesfdailynaturalgas pricsis included to
illustrate the correlation between the cost of natural gas and the total wholesale cost estimate.

Table2.1 provides annual summaries of nominal total wholesale costs by category for years 2007
through 2011. Under the nodal market desigvhich began in 20Q%otal wholesale market costwre
estimated based omrices and quantities cleared in each of the three energy markets:adesd, hour
ahead and 8ninute realtime markets Thisestimate also includes costs associated with ancillary
services, convergence bidding, residual unit commitmeitcbst recovery, reliability musun

contracts, the capacity procurement mechanism, the flexible ramping constraint and grid management
charges”

% n this report, we calculate average annual gas prices by weighting daily spot market prices by the total ISO system loads.
This results in a price that is more heavily weighted based on gas prices during summer months when system loads are higher
than winter months, during which gas prices are often highest.

% Gas prices are normalized to 2009 prices.

¥ RSAONALIIAZ2Y 2F (KS olard YSiK2R2t238 dzaSR (2 209t Odzf 48
Annual Report on Market Isssiand Performanceépril 2010http://www.caiso.com/2777/27778a322d0f0.pdfDMMhas
made a few modifications to this methodology to accommodate costs associated with convergence biddingfendhiiee
ramping constraint. The net convergence bidding costs are calculated as n&edtion4.2 of this report. The flexible
ramping costs @& added to the reatime energy costs. The retiine energy costs are further adjusted to account for the re
dispatch of reatime energy associated with the liquidation of net convergence bidding positions.
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Figure2.1 Total annual wholesale costs per MWh of load: 262011
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Table2.1 Estimated average wholesale energy costs per MWh (2Q071)
Change
2007 2008 2009 2010 2011 '10-'11
Day-Ahead Energy Costs (excl. GMC) $ 4474 $ 4748 $ 3557 $ 3737 $ 3323 $ (4.13)
Real-Time Energy Costs (incl. FlexRamp) $ 025 $ 081 $ 081 $ 073 $ 097 $ 0.25
Grid Management Charge $ 076 $ 076 $ 078 $ 079 $ 079 $ (0.00)
Bid Cost Recovery Costs $ 023 $ 041 $ 029 $ 037 $ 056 $ 0.19
Net Convergence Bidding Costs N/A N/A N/A N/A $ 018 $ 0.18
Reliability Costs (RMR and CPM) $ 164 $ 280 $ 025 $ 027 $ 003 $ (0.24)
Average Total Energy Costs $ 4762 $ 5226 $ 3770 $ 3953 $ 3578 $ (3.76)
Reserve Costs (AS and RUC) $ 097 $ 063 $ 039 $ 038 $ 062 $ 024
Average Total Costs of Energy and Reserve $ 4859 $ 5289 $ 3809 $ 3991 $ 3639 $ (352

In 2011, the decrease in nominal wholesale costs is primarily due to a decreasesinedalyenergy

costs, while most other cost categories increased. The majority of the decreaseaheky energy

costs occurred in the first quarter and was largesianuary. The two factors causing this decrease are
the decrease in gas pricé$ percent) and a significaitcrease in hydreelectric generatior{25

percent). Realtime costs increased primarily as a reflincreased reatime generation to offset

virtual supplythat cleared the dayahead market and was replaced in the raale market

Prior to implementation of the nodal market design in 2009, the ISO did not haveahéag energy
market. Virtually all supply was provided through seipply or liateral trading and supply

arrangements. This required DMM to estimate wholesale energy costs on various sources of bilateral
market data and estimated costs of selfpply. Thus, as noted in our 2088d 2010annual repors,
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comparisons of costs undére nodal market design with previous years should be viewed with caution
given the different sources of data used to estimate wholesale costs in prior years.

2.2 Dayahead scheduling

The portion of load clearing the dahead market continued to be consistgnvery high, averaging 98
percent of total forecast demand and about 100 percent of actual loads in 2011. This left a relatively
small volume of demand to be met by the residual unit commitment process ardimeamarket®

Figue 2.2 compares the average level of load clearing in the-alagad market to the forecast of
demand. The percentage of the forecasted load met in thead®ad market has stayed relatively
constant during each quarter, with dahead scheduled loads averaging about 98 to 99 percent of
forecasted load.

As shown iFigure2.3X (i K S adfdreta@tdends & exceed actual loads all hours of the day. During
the evening peak hours, average scheduled load was approximately equal to or just below actual load.
During the early morning offeak hours and morning ramping hours, load scheduleded to slightly
exceed actual loads. This pattern reflects the fact that duringedk and lower load peak hours,
additional energy is available from minimum load generation and imports that are purchased in
standard multihour blocks (i.e., all 8 offeak hours or all 16 peak hours).

Self-scheduling of loads and generation

1 The high level of scheduling in the dalyead market is due largely to a very high levedaif
scheduling ofoads and generationFigure2.4 showsthe portion of load clearing the deghead
market comprised of sechedules and prietaking demand bids, as opposed to prsensitive
demand bids?® Selfscheduled and pricéaking demand bids accounted for an average of 95 to 97
percent of load clearing the deghead market in 2011.

9 Figure2.5 shows the portion of supply clearing the dalgead market comprised of sed€heduling
and pricetaking bids” Selfscheduled and prictaking supply bids have accounted for an average
of about 65 to 85 percent of supply clearing the @dnyead market. Secheduling of supply was
most pronouncedri the second quarter as hydelectric generation increased.

1 Extremely high levels of sed€heduled supply can decrease market efficiency by reducing the
degree to which the market software is free to optimize supply resources based on their bid costs.
High levels of selécheduling can also hinder the ability to manage congestion in the most cost
effective manner. As shown Kigure2.5, the total amount of selcheduled and pricéaking
supply increased in the second quarter as hyelectric generation increased, but dropped
significantly in the final two quarters.

% Realtime imbalance energy averaged about 2.5 percent of total load in 2011. These imbalances were a result of changes in
both demand and supply in reéime.

% In this analysis, DMM classified load bids within $5/MWh of the maximum bid cap aggkiicg because these bids are
virtually certain to clear the daghead market. The energy bid cap was $500/MWh April 1, 2009 to March 31, 2010 and
$750/MWh from April 1, 2010 to March 31, 2011. The energy bid cap increased to $1,000/MWh on April 1, 2011.

3 In this analysis, DMM classified supply bids between the energy bid floor and $0/MWh aggimgesupply because these
bids are virtually certain to clear the dajread market. The energy bid floor w&80/MWh in 2010 and 2011.
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Figue 2.2 Day-ahead cleared load versus forecast in 2010 and 2011
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Figure2.4

Average selscheduledoad versusload cleared in dayahead market
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Hour-ahead market

The houraheadmarketallows dayahead intertie schedules to be modified through a-optimization
of the entire market.Market participants with accepted daahead imports or export bids can either
seltschedule their energy in the hoawhead market, ore-bid dayaheadscheduled quantitiest the
same or different priceslf an import scheduled in the deghead market does not clear in the heur
ahead market, the market participant buys back the import at the kethgad price.Exports scheduled
in the day-ahead market that do not clear in the heahead market are sold back at the healiead
price.

In 2010through the first quarter of 201,%he net import schedules clearing the heahead market

were systematically lower than net import schedules diegthe dayahead market.As shown irFigure
2.6:

91 During each quartethrough the first quarter of 201Inet imports clearing the houahead market
averaged 250 to 800 MW less than net ddyead import schedules.

1 Most of this decline was due to an increase in net exports in the-abaad market, which
averaged over 400 MW per hour during this period.

As nokd in prior DMM quarterly and annual reports, these trends reflected the fact that-abaad
prices tended to be systematically lower than dédyead prices during many hours, especially during off
peak periods.

Figure2.6 Change in net dayahead imports after hourahead market
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The trend of reduced net physical imports in the hatvead market reversed during the second quarter
of 2011 after virtual bidding was implemented in February. As discus€&uhpter4, the tendency for
hour-ahead prices to be relatively low during many hours made large volumes of virtual import bids
profitable. These virtual import & are paid the daghead price and then liquidated at the heahead
price. With significant quantities of this virtual supply being liquidated in the-abead market,

physical imports began to increase in the hailnead market. As shown figure2.6, the increase in
imports usually more than offset the increase in exports, causing net imports to increase in the hour
ahead market.

2.3 Energy market prices

Overall, energy market prices were lower in 2011 than 2@iQure2.7 andFigure2.8 show average
guarterly prices in the three energy markets for the PG&E area for peak apédaifhours,
respectively’® As shown in these figures:

9 Prices decreaseid the first half of the yeac particularly during offpeak hours. As noted in
Chapterl, this is primarily attributable to decreased natural gas prices and increased-alghtoic
generation

1 As shown irFigure2.7, after the first quarterprice convergence between the dajead and hour
ahead markets during epeak hours improved in(11 compared to 2010. Gueak realtime prices
decreased significadly in 2011.

1 As shown irFigure2.8, in 2011, offpeak prices shoed signs of improved convergence in all
markets, particularly in the second half of the year.

While price convergence in these three markets improved substanfram the first quarter of 2011,
price convergence remained volatile durithg year. The improvement in price convergence is partly
due to the decrease in the frequency of rémhe price spikes over the course of the yeRigure2.9
shows the frequency of different levels of price spikes on a quarterly basis over the past twoA®ars.
shown inFigure2.9:

1 The total frequency of price spikes decreased in each of the last three quarters of the year.

1 The total frequency of price spikes at or near $1,000/MWh increased in the second quarter after
the bid cap was raised to $00/MWh on April 1, 2011. However, the frequency of these
extremely high price spikes dropped substantially in each of the last two quarters.

Many of the price spikes the third quarter consisted of intervals with prices between $250/MWh to
$500/MWh thatwere due tothe ISO setting an administrative rei@he price of $250/MWh during the
power outage in San Diego on September 8, 208 More detailed analysis of price convergence and
reaktime price spikes is provided in Chap8r

% TheaveragePG&E fces were often similar to prices at the othareas However, there were times when the other points
were more congested than the PGREce,and therefore were less flective of overall system conditions than the PG&E
price.
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Figure2.7 Comparison of quarterly priceg PG&Earea(peakhours)
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Figure2.9 Price spike frequency by quarter
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Price convergence, particularly between the halnead and Sninute realtime markets, has been a
reoccurring problem since the start of the new market design in 2609§ure2.10 and Figure2.11 show

the difference in howahead and realime prices for each quarter over the last two years for peak hours
and offpeak hours, respectivein both peak and ofpeak hours, average retime prices were
significantly higher than howathead prices from the second quarter of 20@tbithe first quarter of

2011. During offpeak hours, this trend continued in the second and third quarters of 2011.

This trend of higher average ret#the prices relative to houahead prices during many periods has been
driven by relatively short but extreme price spikes in theiBute realtime market. These price spikes
generally reflect shorterm modelingand rampindimitations, rather than fundamentalnderlying

supply and demand conditions. In most cases, these price spikes lasted for only-mfeuté

intervals.

The difference in these prices have contributed to uplifts, known astirealimbalance offset costs,

which are paid by loaderving atities* These uplifts occur when generation decreases in the-hour
ahead or Sminute realtime market at a low price, only to be offset by generation in the other market at
a higher price?

%9 DMM first highlighted tis issue in detail in itQuarterly Report on Market Issues and PerformaBepartment of Market
Monitoring, Revised December 23, 2009:
http://www.c aiso.com/Documents/QuarterlyReportonMarketlssuesandPerformaDcmber2009.pdf The issue was also
highlighted in several subsequent quarterly and annual reports.

40 Other factors that contribute to regime imbalance offset costs include uninstructedsigions and unaccounted for
energy.
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Figure2.10 Difference in hourahead and reatime pries¢ PG&E area (peak hours)
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Figure2.11 Difference in hourahead and reatime prices¢ PG&E area (ofpeak hours)

$40 -
e=ig=s Average price difference (real-time minus hour-ahead price)

$30 -

engm» Average absolute value (real-time minus hour-ahead price)

$20

Price ($/MWh)

$10

$0

-$10 -

Annual Report on Market Issues and Performance 59



Department of Market Monitoring, California ISO April 2012

In 2011, total reatime imbalance offset costs were about $166 million, up 15 percent from $144 million
in 2010. At the beginning of 2011, these uplifts increased to their highest level since the very beginning
of the nodal market in 200%éeFigure2.12). By the end of 2011, these uplifts fell to the second lowest
levels since the new market began. The reduction in these uplifts cprirbarily attributed to
improvements in price convergenc&hese costs were also somewhat lower due to the suspension of
convergence bids at the intdies.

Figure2.12 Real-time imbalance offset costs
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2.4 Residual unit commitment

Thedirect costof procuring capacity through the residual unit commitment processavasnd
$1.1millionin 2011 compared t&83,000in 201Q After the implementation of convergence bidding in
February, the direct residual unit commitment costs increasedlioly. For much of 2011, cleared
virtual supply outweighedleared vitual demand’* As a result, more residual unit commitment
capacitywas neededo replace the net virtual sydy with physical supply. Thiswrease both the

direct capacity procuremedrcosts and bid cost recovery payments associatgd residual unit
commitment.

In 2011, wmits committed in the residual unit commitment process accountecafound$6.1 million in
bid cost recovery paymentsr about 5 percent of total bid cost recomepayments In 2010, these
costs accounted fog1.4 million This increase caalsobe attributed to net virtual supply positions in
the dayahead market.When cleared virtual supply outweighkeared vitual demand, minimum load
capacity can be comntéd through the residual unit commitment process. If the units providing the

L This pattern was prevalent for most of 2011. After virtual bidding was suspended on théiéster late November, the
initial bidding pattern shifted and cleared virtual demand outweighed cleared virtual suBglynidDecember, cleared
virtual supply again outweighed cleared virtual demasée Chaptes for more detail.
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minimum load capacity generate in the ra¢ahe market, their stardup and minimum load costs become
eligible for the bid cost recovery payments.

DMM also identified two settlenm problemsrelated to residual unit commitment bid cost recovery
payments in 2011:

9 First, the residual unit commitment process incorrectly backed down fstdtie generating units
due to an issue with the implementation of muitiage generating uniuhctionality in the software.
As a result, DMM estimated inappropriate lwidst recovery payments afpproximately$l million
ThelSO indicated that theoot cause was fixed in early 2011 as part of a software patch.

1 Second, dlaw in the ISO tariff resulted in inappropriate bid cost recovery paymenygically,
resources do not receive bid cost recovery payments if they do not perform itimeslexcept
when their performance falls within a tolerance barithe tariff gap occued when units with small
minimum capacity values and short stap timeswere committed in the residual unit commitment
processbut did not run in reaitime. The source othe issue was that a zero actual value may fall
within the tolerance band for ung with very small minimum capacitie¥herefore, such units could
receive residual unit commitment bid cost recovery payments without generating any energy in the
reaktime. This issue resulted in estimated payments of about $300,000 in 20 Eebruan2012,
the California 1ISO Board of Governors approaéedriff change to fix thiflaw.

2.5 Bid cost recovery payments

Generating units are eligible to receive bid cost recovery payments if total market revenues earned over
the course of aday donotcovérK S adzy 27F Fff GKS dzyAdQa | OOSLIISR
for startup, minimum load, ancillary services, residual unit commitment availability andluegd and

reaktime energy. Excessively high bid cost recovery payments can mitieHiicient unit commitment

or dispatch

Figure2.13 provides a summary of total estimated bid cost recovery payments in Z0As.reflected in
this figure:

1 In 2011 bid cost recovery payments are calculated to total $126 millioabout 1.5 percent of total
energy costs This compares to a total of $68 million about0.8 percent of total energy cosis
2010.

91 Inthe last quarter of 2010 and firsix months of 2011, bid cost recovery payments wagh. In
that period,the ISO had identified flaws in the calculation of these payments which led to
excessively high bid cost recovery payments when exploited by certain manipulative bidding
behaviors In Marchand June, the ISO made two emergency filings with the FERC to modify bid cost
recovery oles to mitigate this behavid? As a resultbid cost recovery payments associated with
the dayahead market dropped by 86 percentthe second half of 201.

2 Estimates provided in this reponclude estimated adjustments to bid cost recovery data which are still pending in the ISO
settlement system.

3 California Independent System Operator Corporation, Tariff Revision and Request for Expedited Trédamdni8, 2011,
http://www.caiso.com/2b45/2b45d10069e0.pdfTariff Revision and Request for Waiver of Sixty Day Notice Requirements
June 22, 2011http://www.caiso.com/Documents/201D6-22_Amendment_ModBCRrules EDEnergySettRules - 8861

000.pdf
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DMM estimates that bid cost recovery payments from minimum online constraints totaled $12 illion
or about 10 percent of total bid cost recovery payments in 201This is down from an estimated
$17million or 25 percent of bid cost recovery paymemt010.

Figure2.13 Bid cost recovery payments
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Bid cost recoverpayments associated with retime market dispatchewere considerably higher in the
third quarter of 2011 Higherreattime paymentsvere mainly fromexceptional dispatchethat were

made by the ISO to commit additional capacity after the-dagad market for two reasongrirst,

exceptional dispatches for system capacity help to meet generation capacity requirements for the entire
ISOregion These additional unit commitments are made after the -déngad market to protect the

system from voltage collapse and potential thermal overloads on criticakiggishould worstase
contingencies occurSecond, dditional online capacity l@ed south of Path 26 that can be ramped up

in 30 minutes to meet a contingency such as an outage of the Ne®agigon Border (NOB)

transmission path, also known as the Pacific DC-ligglPDCl)and for other local capacity neeffs

** These constraints are set in the dalgead and residual unit commitment markets. They make suretligasystem has
enough longer start capacity dime to meet locational voltage requirements and respond to contingencies that cannot be
directly modeled.See SectioB.1for further detail.

45 Quarterly Report on Market Issues and Performaiepartment of Market Monitoring, November 8, 2011, p. 17,
http://www.caiso.com/Documents/QuarterlyRepcitlarketlssues Performanddovember2011.pdf
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3 Real-time market performance

The onsistency of prices in hotwhead and realime markets has been problematic since the start of
the nodal market design in 2009. During many periods, averagedimad prices have been
systematically lower than average rdahe prices. These higher average réaie prices have often
been driven by very high price spikes during a relatively small numbemafilge intervals. As noted in
prior reports by DMM, most of these price spikes have been caused by brief shortagesrafté

upward ramping capacity in the market mddehich require that the system energy balance constraint
be relaxed?

This chapter highlights changes in factors that caused extreme positive and negative prices in 2011.

1 While shortages of upward ramping capacity continued to play aimaetting high prices, the
frequency of such price spikes decreased over the course of the year as the result of improvements
in manual operating procedurgforecasting capabilitgnd the market software.

1 As the incidence of these extrementinute reattime prices decreased, price convergence
improved, particularly towards the end of the year.

1 While the incidence of extremely high prices decreased, the frequency of negative prieesatt
in 2011. The occurrence of negative prices increased most notably in the second quarter and during
the early morning hours.

1 One of the major factorthat led to the increase in negative prices was an increase in the volumes
of inflexible seHschaduled hydreelectric generation. Other factors, including load and wind
forecast deviations, also contributed to the increase in negative prices.

1 Most negative reatime prices in 2011 were set by negative priced bids dispatched by the ISO. In
2010, mat negative prices occurred when the power balance constraint needed to be relaxed in the
market software due to shortages of downward ramping capacity.

3.1 Background

The ISOnarket includesin energy bid cap artid floor to limit the effect volatile energy prices may
have on markebutcomes. Currently, the bid cap is set at $1,000/Mi\the bid floor is set at
-$30/MWh.*" This bid cap and floor affeptices directly and indirectly:

9 Dispatching a generator with a bid at or neae thid cap or floor will directly impact the system
energy cost and prices.

91 Penalty prices for relaxingarious energy and transmission constraints incorporated in the market
softwareare alsoset based on the bid cap and flodWhen one of these constrais is relaxed,
prices can reach the energyd cap or floor.

®eKAA AaadzsS 61 &4 ROAGRKrudl Refiait Sridviest Igsues and Peiformanas well as in itQuarterly
Market Issues and Performance Repant&8011. These reports can be found here:
http://ww w.caiso.com/market/Pages/MarketMonitoring/MarketlssuesPerfomanceReports/Default.aspx

“"The-bonkaz? K Ff22NJ A& NBI {-$38/MWh cande stbimittddf bt 2idNddtset the maiRet priceS Al &
bids below-$30/MWh are subject to costigtification if the participant seeks to be paid more th&30/MWh.
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Prices have rarely reached the bid cap or floor because of the market dispatching energy bids at these
bid limits. Most prices that have hit thedaid limits are caused by relaxing the powealénce or
transmission capacity constraintss discussed below

When energy that can be dispatched in the rale market is insufficient to meet estimated demand
during any Bminute interval, the systerwide power balance constraint of the market so#e is
relaxed. This constraint requires dispatched supply to meet estimated load on a syitertevel

during all Sminute intervals. The power balance constraint is relaxed under two different conditions:

1 When insufficient incremental energy is aval@abor Sminute dispatch, this constraint is relaxed in
the scheduling run of the redgime software. In the scheduling run, the software assigns a penalty
price of $1,000/MW for the first 350 MW that this constraint is relax@dy relaxation above
350MW is assigned a penalty price®ff,500/MWin the scheduling ruff In the pricing run, a
penalty price of $1,000/MW is used. This causes prices to spike to the $1,0008MWap or
above.

1 When insufficient decremental energy is available foniiute dspatch, the software relaxes this
constraint in the scheduling run using a penalty pricef86/MW for the first 350 MWAfter this,
selfscheduled energy may be curtailed at a penalty pric&df800/MW. In the pricing run, a
penalty price of$35/MW is used.This causes prices to drop down to or below #80/MWh floor
for energy bids

When brief insufficiencies of energy bids that can be dispatched to meet the power balance software
constraint occurthe actual physical balance of system loads and generation is not impacted significantly
nor does it pose a reliability problem. This is because thetireal market software is not a perfect
representation of actualminute conditions. To the extemiower balance insufficiencies occur more
frequently or last for longer periods of timan imbalance in loads and generation actually does exist
during these intervalgesuling in units providing regulation service provitgany additional energy

needed tobalance loads and generatiof.o the extent that regulation service is exhausted, the ISO may
begin leaning on the rest of the interconnection to balance the systemchmay affect the reliability
performance of the ISO.

3.2 System power balance constraint

Figure3.1 shows the percentage of intervals that the power balance constraintrelaged during each
operating hourin 2011. As shown in this figure:

9 Shortages of pward ramping capacity caused thgstem power balanceonstraint to be relaxed
most frequently duringnorning and evening load rampihgurs when system loads were changing
at a relatively high rate.

9 Theconstraint was relaxed because of shortages of uphwamping in about 0.9 percent of
intervalsin 2011. During the system peak load hours of 18 through 21, prices spiked because of
shortages of upward ramping in around 1.6 percent of intervals, almost double the average for all
hours.

8 The bid cap was raised from $750/MWh to $1,000/MWh on April 1. As a result, the penalty price also increased from $750
to $1,000 in April.
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1 The system powerdlance constraint was relaxed due toostages ofdownwardramping capacity
primarily during the offpeak hours, when periods of excess energy tend to occur. The constraint
was also relaxed nearly 8 percent of intervals during hour ending 7. Thidfiistheur of the 16
hour block used in standard contracts for peak period energy. Excess energy often otltese in
hours as generating units and intee schedules ramp up from effeak levels to peak levels.

1 Theconstraint was relaxed because of shortagedaf/nwardramping in aboutl..8 percent of
intervalsin 2011. About 83 percent of these intervals occurrechioursending 1through8, during
which the constraint was relaxed about 4.5 percent of the time.

Most of these shortages were very shtited. Abou6 percent oshortages of upward ramping
capacitypersised for only one to three Eminute intervals (or 5 to 15 minutespbout 65 percenof
shortages of downward ramping capacity lasteddnly oneto three 5minute intervals®

Figure3.1 Relaxation of power balance constraint by ho(2011)
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Figure3.2 andFigure3.3 show the frequency with which the power balance constraint was relaxed in
the 5-minute reattime market softwareeach quarteisince2010. This constraint has never been
relaxed in the dayghead or the howahead marketas selfschedules are cut first

1 As shown irFigure3.2, the constraint was relaxed because of insufficient incremental energy in
about 1 percent of the Bninute intervals starting in the first and second quarter of 2MHdwever,
the frequency decreased to about 0.6 percent of athifiute intervals during the fourth quarter of
2011.

1 As shown irFigure3.3, the constraint was relaxed due to insufficient decremental energy less
consistently but more frequently than for upward insufficiencies. When the constraint is relaxed

% See details iMnnualReport on Marketssues and Performanc@epartment of Market Monitoringdpril 2011, p. 162
http://www.caiso.com/Documents/2010AnnualReportonMarketlssuesandPerformance. pdf
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under these conditins, the downvard impact on average prices is also less significant because
prices only drop towards or to th&30/MWh bid floor.

Figure3.2 Relaxation of power balance constraiwlue toinsufficient upwardramping capacity
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Figure3.3 Relaxation of power balance constraint due to insufficient downward ramping
capacity
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3.2.1 Causes of extremely high prices

Figure3.4 shows the approximaté&equency of different factors driving high reahe prices for each
load aggregation pointFor purposes of thianalysis high prices are defined as including aémals in
which the reaitime price for a load aggregation powasat or near the bid cap in effect. The primary
reasons for achof thesehighloadaggregation point prices are identified based on the following

categories

1 Power balance constraing During these intervals thepower balance constraint was relaxed and
the congestion component was less than $200/MWh.

1 Power balance constraint and congesti@nTheseprices occurred in intervals when tipewer
balance constraint was relaxed and the congastomponent was greater than $200/MWh.

1 Congestion; These prices occurred in intervals when gi@ver balance constraint was not relaxed
and the congestion component was greater than $200/MWh.

1 High priced bidg These prices occurred when tpewer balance constraint was not relaxeahdthe
congestion component was less than $200/MWht a high priced bid was dispatched during the
interval.

9 Other¢ The high price was not caused by any of the above categories.

Figure3.4 Factors causing high retilme prices
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Results of this analysis show that almost all of the extremely high prices in thimeaharket
continue to occur in intervals when the power balance constraint is relaxed. As sh&iguia3.4:

%0 During the first quarter of 2011, this included all prices at or alfR&/MWh. Starting in April, the analysis included all

prices at or above $1,000/MWh.
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Over 78 percent of all high prices at load aggregation points in 2011 were due to relaxing the power
balance constraint during an interval when congestitid not have a significant impact on price.
Starting in the fourth quarter of 2010, this category has accounted for the largest percentage of the
price events.

Starting in the fourth quarter of 2010, congestion has played a much lower secondany calesing
high load aggregation point prices. In 2011, about 6 percent of all high price events were due to
pure congestion and 8 percent were due to a combination of congestion and the power balance
constraint.

There were relatively few instances whehe dispatch of high priced bids could have caused a high
load aggregation point price. Overall, these intervals represented about 7 percent of all high price
events during the year.

3.2.2 Causes of negative prices

Realtime energy prices become negative farius reasonsFigure 3.5 summarizes an analysis of the
causes of realime prices less than $0/MWh at load aggregation points. The causesvqrices are
categaized as follows:

T

T

Power balance constraing During these intervals thpower balance constraint was relaxed and
the congestion component was less than 50 percent of the price.

Power balance constraint and congesti@nirhese prices occurred when tpewer balance
constraint was relaxed and the congestion component was more than 50 percent of thelprice.
these cases, the congestion component was negative.

Congestiorg, These negative prices occurred whtre power balance constraint was not relaxed
and thenegativecongestion componerdccounted formore than half thenegativeprice.

Low priced bidg During these intervalshe energy component was betwee#30/MWh and
$0/MWh, the congestion componemtccounted foless than 50 percent of theegative price, and a
negatively priced bid was dispatched

Other ¢ The negativeprice was not caused by any of thenditions describeabove.

Results of this analysis show tlthtring most intervals whenegative prices occuthere are sufficient
negativelypriced bids As seen ifFigure3.5:

1

In the second qarter of 2011, almost86 percent of negative prices were duettee dispatch of
negatively priced bids. Thestnd continued in the third quarter of the year, with negatively priced
bids setting prices in about 70 percent of intervals with negative prices.

About 16 percent of negative prices in 20bccurred when the power balance constraint was

relaxed. Most of these negative prices occurrddring the first half oR011. The percentage of

intervals the power balance constraint was relaxed due to excess energy remained fairly consistent
from 2010 to 2011. However, since the total number of negativebed intervals increased, the
percentage of negatively priced intervals in which the power balance constraint was relaxed
dropped from about 80 percent in 2010 to about 16 percent in 2011.
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1 Only about 7 percent of negative prices were duetieer model paameters. Most of these
negative prices had energy components betwes80MWh and-$35MWh, but the power balance
constraint was not relaxed.

1 Congestion was a significant cause of @idgut 2 percent of negative prices for load aggregation

points.
Figure3.5 Factors causing negative retime prices
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3.3 Increase of negative real -time prices

When there is an oversupply of scheduled energy in theties market, the ISO reduces generation
below scheduledelvels basean bid prices offered by those units that do not setfhedule generation
to meet their full dayahead schedulePrices aretypically lower in these circumstances, signaling a
surplus of supply.

Therearetypically sufficient positivgpricedbids for backing down generatiorThis represents the
willingness ofjeneratoss to paya positive pice less than their marginal operating cost to avoid incurring
the cost associated with that production. Howevggneratorscan submit bid price® -$30/MWh (the

bid price floor) indicating they require payment to reduce output.th&re are insufficient

positivepriced bids to reduce energy output in the reémhe market negative bids must be accepted

and the reaitime energy price will be negatv

The ISO experienced a significant increase in negaaktime prices in 2011 compared to 20164\s
shown inFigure3.6:

1 Most of the increase in negative pre@volved prices betweed0/MWh and-$30/MWh. Many of
these occurred in the second quarter, when hydro runoff was extremely high. Neggdieens
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energy pricesn this range indiate sufficient capacitpid at negative priceto economically clear
the reattime market and resolve the ovesupply.

1 The frequency of prices less th&#80/MWh increased only slightly in 201 1rides below the bid
floor of -$30/MWh indicate that there was not sufficient dispatchable downward capacity offered to
relieve oversupply When this happens the market may curtail sstheduled resources, relax the
power balance constraint, and/autilize additionadownward regulation to mitigate ovesupply>*

Despite the increase in ovsupply conditions in 2011, the needesbluctions in generation were
usually resolved with market bids so that the prices remained greater-$20/MWh. Analysis by

DMM indicates the increase in negative prices ab@®a9/MWh resulted from an increase in negatively
priced decremental energyidts.

Figure3.6 Negatively priced Bminute real time intervals(2010 vs 2011)
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As shown irFigure3.7, one ofthe key drivers of negative reéime prices during these hours is the very
large portion of online capacity comprised of minimum load energy from online units arstchelduled

enermy.

1 Together, minimum load energy and sstheduled eneggy accounted for abolu4 percent of online
capacity during hours with negative prices (during hours ending 1 to 10). Thus, only6gissoent
of capacity during these hours could be dispattitown based on market bids.

! The power balance constraint is a constraint in the market optimization that requires supply to equal demand. In cases of
oversupply where the power balance constraint is relaxed, the market software is not able to reduce supply sufficiently to
equal eemand. When the power balance constraint is relaxed, a penalty price becomes effective in setting prices. More
details on the power balance constrainean Sectior8.2 Figure3.6 reflects a pricing run analysis and therefore will differ
from the pure power balance constraint analysis in Secdi@which uses scheduling run prices to determine when the
constraint was relaxed.
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1 Minimum load energy during these hours decreased slightly in 284 red bars ifrigure3.7).
However, this was offset by an increaseéif-schedule energy compared to 201@eebluebars in
Figure3.7). The increase in sedtheduled energy was driven by a significant increase in hydro
electric generation and also a small increase in wind generation.

Figure3.8 provides a more detailed summary of the capacity during these hbatscould be
dispatched down based on market bids. As highlighted in this figure:

9 During the first three quarters of 201the amount of downward capacity bid at positive prices was
comparable to 2010 (see green bard-igure3.8).

1 However, during each quarter, there was a significantgase in negatively priced downward
capacity (see yellow bars igure3.8). This shift in bidding may at least in pag attributable to
the increased frequency f S G A @S LINAROSa FyR GKS L{hQa LIRfAOlde
downward capacity.

Figure3.7 Downward ramping capacityin reattime market duringhours with negative prices
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Figure3.8 Downward ramping capacitybid into reaktime market during hours with negative
prices(hours 1¢ 10)
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3.4 Hydro and wind resources

One of the primary causes of tlecreaseof negative priceandover-supply conditiongn 2011 was the
high level of hydro generation. However, negative prices often occur when high hydro generation is
exacerbated by other factors, including higind productionand variability. As seen irfrigure3.9, in

both 2010 and 2011 the peak monith hydro-electric production coincided with the peak month of
negatively priced intervaldrigure3.10 shows thatwhile wind production does not perfectly coincide
with the peak month of negatively priced intervalgnd outputis on average higher during mitrs with
greater levels of negativatervals.

Thelarge increase in hydrelectricgeneration in 2011 led to large amounts of hyghectricpower
being selschedul@ in the offpeak hours.This contributed to the overall increase in setheduling
duringthe first through thirdquarters seen inFigure3.7. The market optimization will only curtail self
scheduled resources in the event of oxsupply after all economic bids are acceptethuslarge
amounts of selscheduled energy add to the inflexibility of the réiahe market.

Wind resources are not required torsdule in the dayahead market and instead submit forecasts in
the hourahead market Forecastingvind generation iroff-peak hars remains a challengearticularly
on a dayahead basis anoh the early morning hours when wind output is generally at its highest.

The green bars iRigure3.11 showthe average difference between actuaind outputand theday
aheadand hourahead forecasts of wind output during hours between 1 and 10 with negativeineal
prices in 2010 and 2011. The positive values represent the average aimowich the 1ISO over
forecast actual wind output during these hours. Undtemrecasting of wind outputmay lead to over
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scheduling of traditional resources in the dalyead market compared to reéime needs. Traditional
resources thernave to be backe down in reatime so the ISO can accommodate the unexpected
additional amounts of wind on the system that cannot be economically curtailed.

The relationship between unexpected ramhe wind generation and increased negative intenials
reflected in the positive correlation in the frequency of negatieaHime prices during eacmonth

shown inFigure3.10 and the average amount of der-forecast wind output each quarter shown in
Figure3.11.>* The increase in uter-forecasting of wind output in the first few quarters of 2011
compared to 2010 shown Figure3.11is due to increased amotsof wind on the system rather than

a decrease in wind forecasting accuracy by the I3@wvever, this illustrates that wind is likely to have

an increased impact on the potential for negative prices as the amount of wind energy increases even
more dranatically in the coming years.

Figure3.9 Hydro-electric generationand frequency ohegatively priced intervalghours 1¢ 10)
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*2 |n the second quarter of 2011, when negative riiale prices were most frequent, prices were coincitgmegative in the
hour-ahead market a majority of the time. Overall, halread and realime prices were negative at the same time in about
30 percent of these intervals in 2011 compared to about 8 percent in 2010.
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Figure3.10  Wind generationcompared to incidence of negatively priced intervglsours 1¢ 10)
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Figure3.11 Average dfference in wind generation forecastduring hours with negative prices
(hours 1¢ 10)

800

200 H Difference between actual wind output and dahead forecast

600 i Difference between actual wind output and heahead forecast
500 -
400 -
300 -
200 -+

100 -

-100

Average difference in hourly wind forecasts
(MWh)

74 Annual Report on Market Issues and Performance



Department ofMarket Monitoringg California ISO April 2012

3.5 Realtime flexible -ramping constraint

In December 2011, the ISO began enforcing the upward flexible ramping constraint in both the 15
minute reattime pre-dispatch and in the #ninute realtime dispatch markets. The constraint is applied
to internal generation resarces as weklhsto proxy demand response resources and not to external
resources>

Application of the constraint in the ¥®inute reattime pre-dispatch market ensures that enough
capacity is procured to meet the flexible ramping requirement. In aatitd procuring flexible ramping
capacity, the 1SO procures additional incremental regulating and operating reserves inrttieutd
market. The 18ninute market also provides unit commitment of fast start units prior to thaiGute
dispatch. Applicatin of the constraint in the Bninute reattime market is to ensure that the cleared
guantity is available for dispatch in the subsequemh@ute intervals of the trading hour. The flexible
ramping constraint in the-Bninute realtime market is resolved®dm the same set of resources that
resolved the constraint in the 3minute market.

Although the FERC has approved the implementation of the flexible ramping constraint imihet®
reaktime market, the methodology to allocate the associated cost hws/at been approved by FERC.
The total system cost since the implementation of the flexible ramping constraint kDecdmber

through February was around $6.8 million. This compares with a total cost of $3.1 million for spinning
reserve during the saetimeframe.

The IS@nforces a constraint that attempts to ensure-trinute dispatchable capacitig availablefrom

the set of resourceprocuredin the 15minute reattime pre-dispatch run. If there is sufficient capacity
already online, the ISO doestrcommit additional resources in the system, which often leads to a low
(or sometimes zero) shadow price for the procured flexible ramping capacity. During intervals when
there is not enough IBninute dispatchable capacity available among the committeits, the 1SO
commits additional resourcgsnostly shortstart units) for energy to free up capacity from the existing
set of resources. The shestart units can be eligible for bid cost recovery paymdotommitment
costsin reakime.>

Analysis of the flexible ramping constraint

The 1SO determines th@mount of needed flexible ramping capacity on an hourly bastsen the

flexible ramping constraint was first implemented, the 1SO utiledidedflexible ramping requirement

of 700 MWfor each hour of the day Theflexible ramping capacityequirement wasset at this level as a
conservative number to allow the 1ISO to gain experience with how the constraint affected unit
commitment in the 1&minute realtime pre-dispatch and ramping needs ithe 5minute realtime

dispatch As the IS@ained experience with the implementatiotihe requirement was subsequently
adjustedgradually downward to a maximum of around 450 MW and a low of around zero depending on
the hour of the day Beginning in Jaiary, operatordiave been instructed to adjusthe hourly

requirement levels based on the prevailing system conditenmd actual utilization experiencéVhen

%3 see the December 12, 2011 FER@ofor ER150-000 at:http://www.caiso.com/Documents/201112-12 ER12
50 FlexiRamporder.pdf

** FERC held a technical conference on January 31, 2012 to address thocatiba of the flexible ramping constraint.

% Further detailed information on théexible rampingconstraint implementation and related activities can be found here:
http://www.caiso.com/informed/Pages/StakeholderProcesses/CompletedStakeholderProcesses/FlexibleRampingConstraint.a

SpX
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the constraint binds, the shadow price of the constraint in thariiBute realtime pre-dispatd run
reflects the opportunity cost associatedth a marginal resource meeting the constraint.
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4 Convergence bidding

Convergence bidding was implemented in the-dinpadenergy market ifFebruary 2011 This new

market featureallows participants to place purely financial bids for supply or demand in theatiapad
energy market. Since these bids do not represent actual physical supply resources or loads, these are
also referred to asirtual bids Virtual bids accepted in the dahead market are automatically

liquidated in the howahead and realime markets. Virtual bidding allows participants to profit from

price differences in these three different markets.

Total ret profits paid to entities as a result of thaionvergence bislwerearound $41 milliorin 2011.

1 Most of thesenet profits ($28 million) came fromuirtual supply orinter-ties, which are settled
based on the difference in deghead and houahead prices.Virtual importsaveraged 1,760 MW
per hour, while virtual exgrts averaged only 188AW per hour.

1 About$13 millionin profits were received by virtual bids at points within the ISO. Most of these
profits were for internal virtual demand bids. At internal locations, virtual sugypéyaged 660 MW
while virtual demad averaged.,570 MWper hour?®

In theory profltable virtual bids may help market eff|C|ency by |mprovmg unit commitment decisions
YR LINKOS O2y@SNHSYyOS 06SiGosSSy (G(KSaS YINySGao Ly
market design and perfanance prevented convergence bidding from working as intended in 2010.

1 The tendency for redime prices to exceed daghead prices made virtual demand profitable at
scheduling points within the 1ISO. Meanwhile, the tendency for fadnv@rad prices to be predictably
lower than dayahead prices during many periods made it ptdfie for participants to submit large
volumes of virtual imports. During most hours, these virtual imports completely offset the volume
of accepted virtual demand within the ISO. This negated or greatly reduced the impact that virtual
bids within the IS@vould otherwise have on helping to converge dgdyead and realime prices.

9 Virtual bidding also exacerbated ret@he energy imbalance offset costs by increasing the volume of
transactions settled at these different hcahead and realime prices. Thee costs are ultimately
allocated to loaeserving entities. Virtual bidding increased these imbalance offset costs, but often
provided little or no benefits in terms of the primary objective of virtual bidding: to help improve
convergence of daghead aul reattime prices.

In response to these issues, the 1ISO filed with FERC in September to suspend convergence bidding on
the inter-ties. Convergence bidding at intefie scheduling points was suspendeffective November
28, 2011 pending further consideation of this issue by FERC

Although price convergence improved significantly over the course of 2011, analysis by DMM does not
indicate this was attributable to convergence bidding. This is evidenced in part by the fact that virtual
bidding volumes teded to decrease as priced convergence increased, and vice versa. Thus, while
virtual bidders were responding to price divergences, this did not appear to have significant net effect

% Inter-tie averages are calculated from February 1 through November 27, while internal locations are averaged from February
1 through December 31. Intd¢ie convergence bids were suspended by FERC on November 28.

°" See 137 FERC { 61,157 (20dgeptingand temporarily suspending convergence bidding at the it subject to the
outcome of a technical conference aadurther commission order.
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on improving price convergence due to the large volumes of offsettimgavisupply and demand bids.
Instead, the improved price convergence appears to be primarily the result of improvements in market
software, modeling and operational practices.

Background

Convergence bidding all@participants to place purely financilaidsfor supply or demand in the day
ahead energy marketThesevirtual supply and demankiids aretreated similar to physical supply and
demand in the dayahead market However all virtual bids clearing the deghead market are removed
from the hourahead and reatime markets whichare dispatched based grhysicalkupply and demand
only. Virtual bids accepted in the deghead market ardiquidated financiallyin the hourahead and
reaktime marketsas follows:

1 Participants with virtual demand bid&cepted in the dayahead market pay the daghead price for
this virtual demand. Virtual demands at points within the ISO are then paid th¢imesaprice for
these bids. Virtual demand bids at intiges ¢ representing virtual exportg are paid the lour-
ahead price.

1 Participants with accepted virtual supply bids are paid the-aagad price for this virtual supply.
Virtual supply at points within the ISO is then charged the-tieg price. Virtual supply bids at
inter-ties ¢ representing virtualmports ¢ are charged the houahead price.

Thus, virtual bidding allowsapticipantsto profit by arbitraging the difference between dajpead
hour-aheadand realtime prices. In theory, & participants take advantage of opportunities to profit
through convergence bids, this activighould tend to makericesin these different marketsloser. For
instance:

9 If prices in the realime markettend to be higher thanlay-ahead markeprices convergence
bidderswill seek to arbitrage this price differenbg pladngvirtual demand bids. Virtual demand
will raise load in the dagheadmarketand thereby increase prices. This increase in load and prices
could alsolead to commitmenbf additional physical generating units in the estyead market,
which in urn could tend to reduce averageaktime prices. In this scenario, virtual demand could
help improve price convergence by increasing-dagad prices and reducing retithe prices.

1 If reaktime marketprices tend to be lower thaday-ahead markeprices convergence biddensill
seek to profit bypladng virtual supplybids. Virtuakupplywill tend to lower dayahead prices by
increasing supplynithe dayaheadmarket This increase in virtual supply and decreastaia
aheadprices ould alsoreduce the amount of physical supply committed and scheduled in the day
ahead market® This would tend to increase averagmlktime prices.In this scenario, virtual
supply could help improve price convergence by reducingadead prices and increasingaktime
prices.

Ly LN} OGAOSsT &aSOSNIf FalLlsSotGa 2F GKS L{hQa YIN)]Si
from working as intended in 2010:

%8 This will not create a reliability issue as the residual unit commitment process occurs after the idefpratard market
run. The residual unit commitment process removes convergence bids asudves the market to the 1ISO forecasted load.
If additional units are needed, the residual unit commitment process will commit more resources.
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9 First, the way that imports and exports are dispatched and settled undeiGh#fornia market
despnis differentfrom all other ISOs In the houthead market, the IS@-optimizeshourlyimport
and exportschedules based on bid prices and projected conditions within the ISO the following
operating hour.Unlike other ISOgshe ISO alsgettles thesehourlyinter-tie dispatches aprices
resulting from the howahead marketather thanat 5-minute reattime prices.

1 Second, during many time periods, average haliead price®ften tend to bepredictablydifferent
than average redime prices as a resubf modeling and operational differences in these two
markets. Duringnany periodsnet imports have often been reduced in the healmead markett
relatively low priceswhile additional generation within the ISO has been dispatched at higher prices
inthe realtime market® ¢ KA & LI GGSNYy 2F aaSttAy3a €26 yR o0dzA
that is recovered from loaderving entities through the redime imbalance offset charge.

As previously notedSa S | aLISO0Ga 27F (K Serfdinfahc® éeated titp®liiemK& Sa A 3y |
when convergence bidding was implemented in February 2010:

1 The tendency for redime prices to exceed daghead prices made virtual demand profitable at
scheduling points within the 1ISO. Meanwhile, the tendency for {adead prices to be predictably
lower than dayahead prices during many periods made it profitable for participants to submit large
volumes of virtual imports. These virtual imports negated or greatly reduced the impact virtual bids
within the ISO would othmsvise have on helping to converge daljead and realime prices.

9 Virtual bidding also exacerbated ret@he energy imbalance offset costs by increasing the volume of
transactions settled at these different hcahead and realime prices.

In responsdo these issues, the 1SO filed with FERC in September to suspend convergence bidding on
the inter-ties. Convergence bidding at intefie scheduling points was suspendeffective November
28, 2011 pending further consideration of this issue by FERC

4.1 Convergence bidding trends

Convergence bidding volumes increased steadily from the start of convergence bidding on February 1
until mid-April. After dropping in mid\pril, convergence bidding volumes stabilized at a lower level

until late November when comvgence bidding volumes dropped sharply due to the suspension of
convergence bidding at inteie nodes. Figure4.1 shows the quantities of both virtual demand and
supply offered and cleared in the markeis shown irFigure4.1:

1 On average, 55 percent of virtual supply and demand bftered into the market cleared in 2011

9 Qeared volumes of virtual supply outweighektaredvirtual demandduring most hours over the
first ten months of convergence bidding. Virtiraports accounted for the bulk of virtual supply
clearing the market, while virtual demand at scheduling points within the ISO accounted for almost
all virtual demand.

i Starting h December, convergence bidding only occurreddiedulindocationswithin the 1ISO
During te first half ofDecember, clearedirtual demandcontinued to exceed virtual supply
clearing within the ISO. However, this bidding trend became unprofitable asmesprices began

% As discussed iection 2.2, this results from a combination of increased exports and decreased imports in th@head
market.
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to fall below dayahead prices at the startf@ecember. By midecember, the amount of net
cleared virtual bids within the 1SO shifted from a demandition tonet virtual supply. For the
month, the virtual supply and demand positions were balanced on avéfage.

Prior to suspension of intefe convergence bidding, the net amount of all accepted virtual bids
averaged 58 MW of net virtual imports. After intiée virtual bids were suspended in late
November, the net virtual position averaged 33 MW of internal demand.

Figure4.1 Monthly averagevirtual bidsoffered and cleared
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Offsetting virtual bids at internal and inter -tie scheduling points

Virtual supply at intetties and virtual demand at internal nodes made up 75 percent of the ¢utas
virtual trading volumes in 2011Figure4.2 and Figure4.3 showthe averagenet cleared virtual positions
on interties and internal locationfor each operating hourAs showrin these figures

T

From February through Julyet cleared virtuabidson inter-tiesrepresentedvirtual supplyduring
most hours, particularlyn off-peak hourgseeFigure4.2). At internal locations net cleared
positions were predominantly virtual demand.

During all hours, most or all of the virtual demaaidocations within the ISO were offset by virtual
imports. These are referred @soffsetting virtual positions since the impact of this internal virtual
demand on dayahead and realime prices is completely offset by the impact of these virtual
imports.

% See details iQuarterly Repdron Market Issues and Performan&epartment of Market Monitoringrebruary2012, p. 21
http://www.caiso.com/Documents/QuarterlyReport_Market%26ues PerformaneEebruary2012.pdf
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Figure4.2 Average rt cleared virtualbids at internal points and inteties (FebruaryJuly)
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® Inter-tie convergence bidding was suspended on November 28. Thus, the figure represents ttie icwevergence bids
through November 27. The figure represents internal convergence bidding through December.
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1 Inthe second half of the yeathe trend of net virtual supply on intdfes and net virtual demand
continued but the volumes of these offsetting virtual positions decreasedRgpee4.3). Virtual
imports dropped, but the trend of significant neirtual imports continued during all hours except
for the morning ramping period (hours ending 6 to 10). Meanwhile, the oleinve ofcleared
virtual bids within the ISO also droppdait significantnet internal virtual demandcontinued
except inthe morning rampindnours

As shown irFigure4.2 and Figure4.3, during most hours the average net amount of virtual demand
clearing within the ISO was slightly lower than the average amount of net virtuattisnpThese
offsettingvirtual positions tended to be profitable due to systematic divergences iratiaad, hour
ahead and realime prices, but provided little or no improvement in convergence ofalagad and
reaktime prices. The potential benefit afternal virtual demand is to improve price convergence
between the dayahead and realime markets by increasing prices and unit commitment in the day
ahead market. However, these potential benefits of internal virtual demand were negated in most
hoursby the larger volume of net virtual import bids clearing the market.

Figured.4 provides a direct comparison of accepted virtual supply and demand bids at internal points
with virtual imports and exports clearing the market during each mouts.showrin this figure:

9 CGonvergence bidding on intefes (shown in greemonsistently resulted in netirtual supplyin the
day-ahead market

9 Convergence bidding on internal locations (shown in biygikallyresulted in additionavirtual
demand.

1 The average hourly volume of n@rtual imports exceeded net demand within the ISO in all months
until virtual bidding on inteties was suspended in December 2011. This illustrates how virtual
imports consistently offset the impact of net virtual demand witthie ISO in the dasphead market
during most hours until virtual bidding on intéies was suspended.

9 The volume and portion ofirtual supplyat internal nodes increased graduadifter the first three
months of virtual bidding. Analysis by DMM indicates that most virtual supply at internal scheduling
pointswasdirectly offset by virtual demand at a different internal scheduling point by the same
participant. These offsettingrtiial supply and demand bids at internal points reflect use of virtual
bidding to hedge or profit from internal congestion within the 1SO.

9 Starting h December, convergence bidding only occurreddhtedulingocationswithin the 1SO
During the first hdf of December, clearedirtual demandcontinued to exceed virtual supply
clearing within the ISO. However, this bidding trend became unprofitable asmesaprices began
to fall below dayahead prices at the start of December. By {bDiecember, the amant of net
cleared virtual bids within the ISO shifted from a demandition tonet virtual supply. For the
month, the virtual supply and demand positions were balanced
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Figure4.4 Average monthly clearedanvergence bidst inter-ties and internal locations
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From the start of convergence bidding until the suspensiovirtdal bidding orinter-ties, numerous

market participants placed virtual supgjdsat the inter-tiesin combination with a equal virtual

demand position at internal locationg hese are referred to asfsetting virtual positions by the same

LI NI AOALI yio Ly G4KAa OFaSz GKS A YLJabeadaddfeall KS LI N.
time prices izompletelyoff 8 S 6& GKS AYLI OG0 2F GKS LI NIAOALIYGQ
pattern enables the participant to profit from the tendency for healread prices to be predictably

lower than realtime prices during many periods.

Figure4.5 shows the weekly volume offfsetting virtualpositionson inter-ties and scheduling points
within the ISO The blue bars represent the averageared virtual bidsssociated wittoffsetting
positions by the same markefarticipant The geen bars represerthe remaining aggregate level of
offsetting virtual positionsat inter-ties and internal locationattributable to different market
participants placing offsettig positiors.®®

2 Far example, assume that a participant employing this bidding strategy has bids accepted for 100 MW of virtual imports and
100 MW of virtual demand within the 1ISO at the el#tyead price of $50/MW. The cost paid by the participant for this
100MW of virtualdemand ($5,000) is equal to the revenues received for the 100 MW of virtual imports. As previously noted,
these offsetting virtual supply and demand bids also have no impact on the net supply or demand in-#eeddynarket.
However, the participant tan profits whenever the houahead price is lower than the retine price. For instance, if the
hour-ahead price is $45/MW and the retine price is $55/MW, the participant receives $5,500 for its internal virtual
demand (100 MW x $55/MW), and is chaag®4,500 for its virtual import bids (100 MW x $45/MW). Thus, the participant
earns a profit of $1,000 when these virtual bids are liquidated at these differentdioesd and realime prices.

8 Substantial amounts of offsetting virtual positions alszurred when different market participants place virtual demand
bids within the ISO that were offset by virtual import bids placed by different participants. These bids can result from the
market activity of different participants seeking to profit. Tagmsitions are independent of one another and are not a
direct strategy to profit from offsetting bids.
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9 Offsetting virtual positions by the same participant have accounted for the bulk of all offsetting
virtual positions occurring since the start of convergence biddkligost all of these offsetting
positions consisted of virtual importhat offset internal virtual demand.

1 There was a sharp drop in offsetting positions in-#mi. This decrease corresponds to two

events. At this time, the ISO expressed concern about the volume of offsetting virtual demand and

imports bids and initiatd a stakeholder process to address this issue. In addition, systematic
predictable differences in daghead, howahead and realime prices began to decrease.

1 Theuse of offsettingvirtual positionsby individual market participants increased slightljime and
July, but continued todecline until the suspension of the intées in late November.

As shown irFigure4.5, substantial amounts of offsetting virtual positions also occurred when different
market participants placed virtual demand bids within the ISO that were offset by virtual import bids
placed by different participants. These effting virtual bids can result from the market activity of
different participants independently responding to differences betweenalagad prices and prices in
the hourahead and realime markets. However, the impact of these offsetting bids on overatket
outcomes is the same: these offsetting bids do not add any net supply or demand to tabety
market, but can exacerbate retine imbalance offset charges when heafnead prices diverge from

reaktime prices.

Figure4.5 Averagehourly virtual imports offsetting virtual internal demand
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Offsetting virtual supply and demand bids at

internal points

Market participantanalsohedgecongestioncosts orearn revenus associated wittdifferences in
congestiorbetweendifferent points within the 1ISO by placing virtual demand and supply bids at
different internal locations during the same hour.
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Figure4.6 shows he average hourly volume afffsetting virtual supply and demand positions at internal
locations. Thelark blueanddark greemrepresent the average hourly overlap between internal demand
and internal supplpy the same participant¥ Thelight blue karsrepresent the remaining portion of
internal virtual supply thatvere not offset byinternal virtual demandy the same participants. h&

light greenbars represent the remaining portion of internal virtual demand tat not offset by

internal virtual sipply by the same participantsAs shown ifrigure4.6:

91 During the first five months of convergence bidditigs type ofoffsetting virtual positionat internal
locationsaccounged for about27 percent ofall clearednternal virtual bids During this period, most
of the other internal virtual demand clearing the market was offset by virtual imports submitted by
the same patrticipant, as previously deted inFigure4.5. The amount of virtuasupplyat internal
locations that was nogpaired with internal virtualemandby the same participant was minimal.

1 Over he course of the year, the amount of sudifisettinginternal virtual bidding positions taken by
participants grew in volume and as a share of total internal virtual tds.dily through the rest of
the year, the share offtsettinginternal virtual pogions increased to 61 percent of the internal
positions. This suggests that virtual bidding was increasingly used to hedge or profit from internal
congestion.

Figure4.6 Averagehourly offsetting virtual supply and demangositions at internal points
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virtual import bids by that participant (as shownRigure4.5). This was done to avoid any potential double counting of
internal virtual demand as offsetting virtual imports and virtual supply within the ISO during the same hour.
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Other uses of virtual bidding on interties

Some participants opposing the suspension of virtual bidding on-tigethave contended that this
market feature can be used in two ways to hedge ragsociated with physical imports scheduled into
the ISO. However, analysis by DMM indicates that use of virtual bidding ati@sdor these purposes
has beemon-existent orminimal.

9 Hedging delivery risks for imports scheduled in dakiead market After a supplier schedules an
import in the dayahead market, the intended source of this import may become unavailable prior
to the hourahead market (e.gdue to a transmission or generation outage orrdée). Under this
scenario, the supplier may ndeo buy back this schedule in the healnead market. If the supplier
is concerned that hodahead prices may be higher than dalyead prices, they could schedule the
import in the dayahead market but also place a virtual export bid on that same-tierThe net
effect of this is to allow the import to be scheduled in the @dnead market, but earn the hour
ahead price. However, analysis by DMM did not identify any virtual-iirgdaids that appear to
have been utilized in this manner.

1 Facilitating mports of intermittent renewables. One participant has indicated that they have used
virtual bidding on intetties to facilitate imports of renewable energynder this scenario, a
supplier would submit a virtual import in the dajread market equal tochie expected output of an
intermittent renewable resourceln the hourahead market, the participant would then schedule
the revised forecast of the expected outpubm the intermittent renewable resource as a physical
import. This allows the supplier tearn the dayahead intertie price for most of the actual output
of the renewable resource, but to wait and purchase transmission based on the revisedhead
forecast ofthe output of the renewable resource being imported into the I$@wever, analsis by
DMM indicates that any use of virtual intée bids for this purpose was minimal.

4.2 Convergence bidding profits

Figured.7 showstotal monthly net profits paid for accepted virtual supply and demand bids. As shown
in this figure:

9 Virtual supply positions haveesulted in net profitsn all months. This trend reflects the fact that
virtual imports account for most virtual supply, and that vittimaports have been highly profitable
because houahead prices have been predictably lower than-dagad prices in many hours.

9 Virtualdemand positionsvere consistently profitable for the first five months of convergence
bidding, buthavesince varid from being profitable or unprofitable from one montb the next.
This trend reflects how redime prices were predictably higher than dafiead prices during the
first half of 2011, buhavebeen much more consistent with dahead prices in the secdrhalf of
the year.

9 Totalprofits paid to virtual bidders tended to decrease over the course of the year. Taitptafits
were near zero in November antegative in DecemberThis reflects the reduction in predictable
differences between daghead, har-ahead and realime markets that occurred in the second half
of the year.

9 Over the course of the year, nptofits paid to convergence bidding entities totaled around
$41million. Most of theprofits ($28 million) came fromrirtual supply orinter-ties, or virtual
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imports. About$13 millionin profits were received by virtual bids iaternal locations.Most of
these profits were for virtual demand bids at locatswithin the ISO.

Figured.7 Total monthly net profits from convergence bidding
$9 . ,
== Virtual supply net profits
47 f&i k== Virtual demand net profits
@ | #w=Total net profits
o
T $5-
%) 3
5 83
: ]
@
s % | i
©
E T T T T T T T T 2
$1 -
$3 -
-$5 -
Feb Mar Apr May Jun Jul Aug Sep Oct Nov Dec
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Since the start of convergence biddiin February, virtual demand accoedtfor about 70percent of
cleared bids at internal location/irtual demand bids at internal nodes are profitable whenteak
prices spike in the-finute reattime market. Almost all profits from these internal virtual demand
positions have resulted from a relatively small portion of iméds when the systempower balance
constraintbecomes binding due to insufficient upward ramping capacity.

Figure4.8 compares total profits from internal virtual bids diog hours when the power balance
constraint was binding due to sheigrm shortages of upward ramping capacity with the overall
profitability of internal virtual bids during all other hours. As showRigure4.8:

1 Although upward ramping capacity was insufficient during less than 1 percent of hours each month,
these hours accounted for all net profits from internal virtual demand. Profits from Vidermand
during these brief but extreme price spikes can be high enough to outweigh losses when the day
ahead price exceeds the ret@ine market price. In fact, having a singlenfhute interval price spike
can yield enough aggregate income to compendatdosses in the remaining hours of the day.

91 During the other 99 percent of hours when sufficient ramping capacity was available, virtual
demand bids were highly unprofitable. lrecember, the frequency of retime price spikes
decreased significantlyAs result, the profitability of internal virtual bidiecreasedo about zero.
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Figure4.8 Convergence biddingrofits from internal scheduling points
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These price spikes are typically associated with brief shortages of ramping capéaditgl demand at
internal scheduling pointsan potentiallyresult inadditional capacitypeing committed and availabla
the reakltime market. In practice, howevehe impact of internal virtual demand on retiine price
spikes appears to haugenlimited by a number of factors:

9 As discussed in prior sections of this chapter, the impact of virtual internal demand in tiaheagt
market was complety offset duringmost hours by virtual imports.

1 Any additionatapacityavailable to convergence biddimgay not be enough to addresise short
term ramping limitations

Also, i the event of ovegeneration, reatime prices can be negative, brarely fallbelow the bd floor
of -$30/MWh. This diminishes the risk of market participants losing substantial money by bidding virtual
demand as well as reduces the potential benefits to virtual supply bids at internal nodes.

Improvements in operational practices, market sedre andimplementation of the flexible ramping
constrainthelped decreas¢he frequency oextremeprice spikes in December. As a result, virtual
demand positions became less profitable and ultimately participants shifted to a virtual supply position
during the second half of December.

Figure4.9 andFigure4.10 comparecleared convergence bidding volumes with tr@umeweighted
averageprice differences awvhich these virtual bids were settled:he difference between daghead
and reaitime pricesshown inFigure4.9 representshe average price difference weighted by the
amount of virtual bids clearing at differeintternal locations As shown irFigure4.9:

1 During months when the red line Figure4.9 is negative, this indicates that the weighted average
price chaged for internal virtual demand in the daahead market was lower than the weighted
average reatime price paid for this virtual demandnternal virtual demand volumes were
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consistent with weightecverageprice difference for the hours in which thisriuval demand cleared
the market inall months except July, August, October and Decem®@er average, these virtual
demandpositionswere profitable most months

During months when the yellow line Figure4.9is positive, this indicates that the weighted
average price paid for internal virtual supply in the @dyead market was higher than the weighted
average reatime price charged when this virtual supply was liquidated in the-igsd market.
Beginningn May and continuing through most of the rest of the year, virtual supply at internal
locations was consistelyt profitable.

As previously noted, a large portion of the internal virtual supply clearing the market was paired
with internal demand bids at didrent internal locations by the same market participant. Such
offsetting virtual supply and demand bids are likely used as a way of hedging or profiting from
internal congestion within the ISO. When virtual supply and demand bids are paired in theneay,
of these bids may be unprofitable independently, but the combined bids may leraakor are
profitable due to congestion.

The difference between daghead and houahead pricesn Figure4.10 shows the average price
difference weighted by the amount of virtual imports and exports clearing on diffenéet-ties. As
shown inFigure4.10:

T

During months when the yellow line Figure4.10is positive, this indicates that the weighted
avergye price paid for virtual imports in the dahead market was lower than the weighted average
hour-ahead price paid when these virtual imports were liquidated in the fah@ad market.In

every month, the weightedverage price difference fatirtual imports was positive which is
consistent withlargevirtual supply positions at intefies. These virtual supply positiongre
consistently profitable.

With the exception of May and September, the weightegrageprice differencefor virtual export
bidswas also positive These virtual demand positiomgere unprofitable oraverage.However, as
shown inFigure4.10, the volume of accepted virtual exgdsids was extremely low.

Figure4.9 andFigure4.10 help toreinforce two points.

T

First, structural differences in theur-ahead and Sninute reattime markets can create situations
where virtual supply at inteties and virtual demand positions at internal locations can both be
profitable at the same time. These structural differences can lead to uplifts, known &smeal
imbalance offset charges, which are allocated to lsad/ing entities (see Sectidrd).

Second, participants will take advantage of differences in price convergence by switching from
virtual supply to virtual demand positions depending on the hour, as highlighteigjime4.2 and
Figure4.3.
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Figure4.9 Convergence biddingolumes and weighted price differences atternal locations
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Figure4.10 Convergence bidding volumes anekighted price differencesat inter-ties
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4.3 Changes in unit commitment

If physical generation resources clearthg dayaheadenergymarket areless thani K S lorgcasted ¥
demand, the residual unit commitmemlhsures that enoughdditional capacitys availabléo meet the
forecasted demand As previously shownirtual supplyclearing the dayahead energy market
consistently exceededrtual demand As a result, more residual unit commitment capagigsneeded

to replace the net virtual supply with physical supply. ®likelyto haveincreasel both the direct
capacity procurement costs and bid cost recovery payments associatedesitiual unit commitment.

As noted in SectioB.4, total direct residual unit commitment costs reached $1.1 million in 2011, up
from $83,000 in 2010. Bid costaovery payments fozapacity committed in theesidual unit
commitmentprocesswere also up in 2011, totaling $6.1 million compared to $1.4 million in 2010.

4.4 Realtime imbalance offset charges

Realtime imbalance offset chargege aform of marketuplift that have beerexacerbatedoy price
differences and convergence biddinignbalance offset charges arise when the amount collected from
virtual supply in one market is insufficient to cover the payments to virtual demand in the other market.
This @curs because prices in the heafnead and-minute reaktime markets have historically been
different. The resulting uplift costs are made up by lesiving entities.

When virtual supply and virtual demand positiarffset each othernet profits paidfor theserevenues
are determined by the difference between reiahe and hourahead price differences. At the start of
the convergence bidding market;rbinute realtime prices were higher on average than halread
prices. Thevolume ofoffsetting virtual positionsalsoincreased dramatically at the start of the
convergence bidding markeasshownin Figure4.5. Over the course of the year, the umes of
balanced offsetting positiondecreased aS-minute reattime prices congrged closer with houahead
prices. Furthermore,sprice convergence improved, refiine imbalance offset costasodecreased.

Figured.11 shows the estimated redlme imbalance cost associated with virtual supply on ities
that offsetvirtual demand at internal locationslong withtotal reattime imbalanceoffsetcharges

1 DMM estimates that charges associated with offsetting virtual positions totaled $57 niill 201 ],
or about 40 percent of the total imbalanadfset costs. These costs totaled about $44 million from
February through June, and fell ébout $13 millionbetweenJuly and Novembef

i Total eaktime imbalanceoffset costsvere $88 million between February and Jurithese costs
decreased to $66 million in the second half of 2011.

The decrease in thesealtime imbalanceoffset costs rdects an improvement in price convergence in
the second half of 2011, as well as decrease in offsetting virtual supply and demand bids settling at
different hou-ahead and realime prices.

% For the most partthe dayahead component is offsdty virtual demand and virtual supply schedulesndsat they receive
and payare essentiallghe same The only difference in net daahead revenues created from offsetting virtual supply and
demand bids results from dérences in congestion and losses, which have typically been minor

% There were no imbalance costs for offsetting virtual positions in December as convergence bidding at #iesintes
suspended in late November.

Annual Report on Market Issues and Performance 91



Department of Market Monitoring, California 1ISO April 2012

Figured.11 Cortribution of offsetting virtual supply and demand to regime imbalance charges
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5 Ancillary services

The ancillary service market continued to perform efficiently and competitively in 2011, despite an
increase in ancillary service market costs:

1 Ancillary service costs increased to abouB$fhnillion, representing a 61 percent increase over
2010. Ancillary service costs were up from about 1 percent of total wholesale energy costs to about
1.9 percent of total energy costs.

1 This increase was dawm primarily by a drop in ancillary services from hydlectric generation
during the spring and early summer periods. During this period, high runoff required that many
hydro resources provide energy instead of ancillary services. This required attreliance on
higher priced ancillary services from thermal units and more capacity not owned or contracted by
load-serving entities.

9 The value ofdlf-provision of ancillary serviseccounted for about $33 million in 2011 compared to
only $13 million in 2010. This reflects how loaderving entities are somewhat hedged from higher
ancillary service costs by the hyeetectric and gas resources they control.

1 There were a total of 2ihtervals withancillary service scarcity pricing events in 2011. In total,
DMM estimates that the direct cost of these events warimal, about$60,000.

1 In August, the ISO implemented a process to dynamically award ancillary services in-éeady
and reaiftime markets based on an optimization @perationalramp ratesegmentscompared to
single fixedancillary serviceamp rates. This process was designed to makeati@ad ancillary
services feasible with deghead energy schedules and ramp rates.

I RSGFAE SR RSAONARLIIAZ2Y 2F (GKS | yOAtftl NE &ASNBAOS
2010 annual report® This market design includes-optimization of energy and ancillary service bids

provided by each resource. ©gptimization congiers the lost opportunity cost of providing one
product (energy or ancillary service) over the other when determining prices.

5.1 Ancillary service costs

As shown irFigure5.1, ancillary service costs increased to about $0.63/MWh of load served in 2011, up
from $0.37/MWhof load served in 2010. This represents ancillary service costs of about 1.9 percent of
total wholesale energy market costs, compared to about 1 percent over the last two years since the
L{hQa yS¢ YINYSG RSaAaA3Iy KlFa 0SSy Ay LIl OSo

67 Loadserving entities reduceheir ancillary service requirements by spibviding ancillary services. While this is not a direct
cost to the loadserving entity, economic value exists. This value is calculated at the cost loads would have paid for the self
provided ancillary servis.

%8 2010 Annual Report on Market Issues and Performargeil 2011, pp. 13942:
http://www.caiso.com/Documents/2010AnnualReportonMarketlssuesandPerformance. pdf
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Figure5.1 Ancillary service cost as a percentage of wholesale energy cost (2Q03.1)
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Figureb.2 showsthe costof ancillary services lyuarter during2011 During the second quarter of

2011, ancillary services cost per MW load served reached about $I7kfé/ highest level since the
implementation of thenodal market desigim April 2009 Thisrepresents about 3.5 percent of total

enemy costs during the second quarter. By the fourth quarter, ancillary service costs fell to $0.40/MWh,
representing a little over 1 percent of total wholesale energy costs.

The increase was driven primarily by the high level of hydro runoff during tirgsgnd early summer
months, which required hydrelectric generation to produce electricity rather than provide ancillary
services. This resulted in high overall ancillary service prices in both thehdagl and reatime
markets.

Historically, anciiry service costs have peakedtie spring and summer monthg:igure5.3 shows that
ancillary service costs in the first two quarters of 2011 were close to costs during the last three years
prior to implementation of the new market design (2006 to 2008)sharpdecline in costs after the
second quarter brought the overall cost closer to the level of ancillary service costsihduring

these months over the last two years the nodal market design has been in place.
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Figureb.2 Ancillary service cost by quarter
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5.2 Procurement

The 1SO procures four ancillary services in theat®ad and realime markets: regulation up,

regulation down, spinning, and nespinning. Ancillary service procurement requirements are set for

each ancillary service to meetorexcee® & G SNy 9t SOG NRA OA imtnimun2opexdng y | G A y 3
reliability criteria andNorth! YSNA OF y 9 f SO0 NRA O comtéof perforanteisiandards.2 N1J2 NJ-
The dayahead requirement is set equal to 100 percent of the estimated requirement, so that most

ancillary services are procured in the elyead market.

The average hourly re#ime operating reserve requirement was 1,617 MW in 2010 and 1,712 MW in
2011, whichisabout a 6 percent increase from the 2010 levEhis requirement is typically set by 5
percent of forecasted demand met by hydetectric resources plus 7 percent ofécasted demand met

by thermal resource®. Thus, the requirements follow a seasonal load pattern with higher requirements
during the peak load months.

The average hourly requirement for regulation up and regulation down was slightly lower in 2@11. T
requirement for regulation up and down is implemented by an algorithm based ontliot@r forecast
and schedule changes. The average hourlytieed regulation down requirement was 341 MW in
2011,compared to 330 MW in 2010. Thgerage hourly redime regulation up requirement was
339MW, compared to 36 MWin 2010

Figureb.4 shows the portion of ancillary services procured from different types of resources. Ancillary
service requirements can be met by a combination of internal resources and imports. However,
ancillary service imports are indirectly limited by minimum requirements set for procurement of
ancillary services from within the ISO. As showrigure5.4, importsand internal natural gas resources
provided a slightly larger portion of ancillary services in 2011

9 Total imports which include dynamic transfeifer all ancillary services increased from 349 MW in
2010 to 433 MW in 2011.

1 In 2011, 29 percent of the gailation up resources came from imports, down from 33 percent in
2010.

1 Imports accounted for 14 percent of spinning and fsminning reserve capacity in 2011, compared
to 8 percent in 2010.

9 The contribution of hydro resources towards ancillary servicesedesed from 2010 to 2011. This
decrease occurred as above average hydro generation was used to provide energy rather than
ancillary services. Overall, average ancillary service procurement from hydro units decreased by
around 14 percent in 2011 comparén 2010.

1 The decline in the contribution of hydro resources for ancillary services was most prominent in the
late spring months. In the second quarter of 2011, the contribution of ancillary services from hydro
units declined by around 19 percechmparel to the same quarter in 2010. Correspondingly;-gas
fired ancillary services increased by 12 percent for the same period. Most gas fired ancillary services
are nonspin. When reviewing the increase in the other ancillary servicedjrgdseserves
increased by almost 60 percent in the second quarter of 2011 relative to the same period in 2010.

% Because of the magnitude of demand, the 5 and 7 percent are typically larger than the single largest contingency, which can
also set the requirement.
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9 For all ancillary services other than spin,-fieed reserves filled the ancillary service deficit created
by hydro generation by increasing 11 percent in 26dthpared to 2010. For spin, imports offset
the reduction in hydreelectric spinning reserves.

With respect to imports, ancillary services bid across the itigsr have to compete for transmission
capacity with energy. If an int¢ie becomes congestethe scheduling coordinator awarded ancillary
services will be charged the congestion rate. As noted above, requirements also put limitations on
ancillary service procurement from imports. Thus, most ancillary service requirements continue to be
met by BO resources.

Figure5.4 Procurement by internal resources and imports
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5.3 Ancillary services pricing

Resources providing ancillary services receive a capacity payment, or market clearing price, in both the
day-ahead and realime markets. Capacity payments in the retime market are only for incremental
capacity above the daghead award.Figureb.5 and Figure5.6 below show the weighted average

market clearing prices for eaciméillary service product by quarter in the dajiead and reatime

marketsin 2010 and 201.

Overall, 2011 average quarterly dafiead prices ranged from approximately $0.50/MW to $18.50/MW,
peaking during the second quarter. As noted, high hydro comditt@used the high prices from April to
June. This occurred as reserve capacities from hydro units that typically bid relatively low prices were
reduced when hydro units provided energy instead. Therefore, more ancillary service capacity needed
to be pracured from norhydro units at a higher price.
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Figureb.5 Day-ahead ancillary service market clearing prices
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In Figure5.6, realtime ancillary service prices generally reflect similar pricing trends. Monthly average
reattime prices ranged from $0.30/M\t¢ $18.20/MW. During some 3finute intervals, high real

time ancillary service price spikes, reaching almost $1,000/MW, were mostly the oéhigh

opportunity costs from 18ninute realtime energy price spikes. The volume of procurement in the real
time market is very limited, accounting for less than 1 percent of the total procurement. Consequently,
these realtime ancillary service price spikes do not affect overall ancillary service costs significantly.

5.4 Ancillary service costs

Ancillary service costs totaled $139 million, representing an increase of 61 percent overm2@lgalue
of self-provision of ancillary service by load resources contributed $33 million to the final amount.

Figureb.7 shows the total cost of procuring ancillary service products by quarter alithghe total
ancillary service cost for each MWh of load served. Total ancillary service cost peakgditeisacond
guarter of the year. As discussed previously, above average-gackcausinghydro-electric
generation to provide energy instead of ancillary services contributed to this increase in cost.

Figure5.7 Ancillary service cost by product
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5.5 Ancillary service scarcity pricing

Scarcity pricing of ancillary services occurs wihene is insufficient supply tomeet reserve
requirementsspecified in the market modeln 2011, herewere a very limited number antervals
during the year when the ancillary service requirements were notiméte hourahead scheduling
process (HASP) and-frbnute predispatch reatime market (RTPDMost of these ancillary service
scarcity evets were in June and Julir.ableb.1 shows thenumberof intervals duringeachmonth that
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scarcity of ancillary servicegcurred in these markets, along with the sage amount of ancillary
service capacity shortage during these scarcity events.

In total, there werel5 valid15-minute reattime pre-dispatch intervals where scarcity pricing of ancillary
services was triggered during the yéarThere were an additicad 9 ancillary service scarcity intervals
on the interties in the hourahead market.Thesescarcity events were restricted to upward ramping
ancillary services with most of them being for spinning reserve $gamghe SP2@Gnd SP26 expanded
regiors.

The overall direct market effect of these scarcity events on ancillary service cosiboua$60,000. As
a result of these eventshere isalsolikely to have beemdditionalunit commitment in thel5-minute
reaktime pre-dispatch process that may nbave occurred otherwisé.

Tableb.1 Ancillary service scarcity events

Scarcity Average MW Ancillary
Month ~ Market Ancillary Servicelntervals shortfall ~ service region

April RTPD Spin 1 7.1 SP 26
May RTPD Spin 3 11.5 SP 26/SP 26 E:
June RTPD Regulation Up 8 19.9 SP 26 Exp
July HASP Regulation Up 2 0.9 CAISO
July HASP Spin 2 13.8 CAISO
July HASP Non-spin 9 112.7 CAISO
November  RTPD Spin 1 12.3 SP 26
November  RTPD Regulation Up 2 10 SP 26

5.6 Dynamic ramp rates for ancillary services

In August, the ISO implemented a software enhancement to ensure that ancillary sergicesegrin

the dayahead market could be fully delivered in réiahe if needed” The new software uses the

operationalramp ratesi K & ' NB | Fdzy Ol A2y 2idcohjundid vithededidS Q& ISy S
dzy A (i @lieadrRmelyy bids to ensure that ancillary services procured in thatiegd market could

be delivered in realime.

The 1SO software allows units to submit operational ramp rates that vary at different levels of outpu
conjunction with their energy bid curves. These variable operational ramp rates are referred to as
dynamic ramp rates. However, prior to this enhancement, generating units were required to submit a

" There werel7 15-minute reattime pre-dispatchscarcityintervalsthat were corrected as part of the price correction process
in 2011

™ Since the market models aptimize energy and ancillary services, scarcity of ancillary services can also increase the energy
price in the 15minute predispatch process. This may cause additional units to be committed in thériLie process.
Howeve, reattime energy is financially settled based on prices in tleiBute realtime market. Therefore, these scarcity
events do not directly impact regime energy prices.

2 See technical bulletin on dynamic ramp functionality for further detdip://www.caiso.com/Documents/TechnicalBulletin
DynamicRampRate_AncillaryServiceProcurement.pdf
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single fixed ramp in conjunctiomith their ancillay service bid$} In addition, resource adequacy units
are required to offer their full certified ancillary service capacity into theaagad market.

In some cases, this allowed units to be scheduled to provide energy at which their operational ramp
rates would be insufficient to provide the full amount of-finute spinning or notspinning reserve
capacity they were awarded.

If ancillary services were unable to perform in reale because of ramp rate limitations, the ISO

sometimes needed to Herocure more ancillary services in the ré¢ahe marketc often at higher prices.

In other cases, operators may have exceptionally dispatched units to a higher energy level at which their
2LISNF GA2yFE NI YLI NFdiSa ¢SNBE TFlandseérvice gchedztlieK (2 LINE OA R

To address these concerns, the ISO enhanced thakdegdand reaftime software to evaluate each

dzy Al Qa SySNHE& 2LISNIFdA2ylFf NF YL NIGSZ Ay O2yedzyOua
ahead ancillary servicePrOdzNB Y Sy (i ® {LISOAFTAOLffTes (GKS az27Fasgl NB
GKS f26SNJ 2F GKS 2LISNIGA2yIlf NIFYLI NIGS &adzoYAGGSR
associated with its ancillary service bids. The ISO refers to this asiidyramp rate for ancillary

services.By implementing this modification, the @ptimization will ensure that the resource is

awarded ancillary services consistent with its 10 minute ramping capability, which is a function of the
resourcé energy schagle andits operational ramp rate.

The ISO does not track or log when specific actions are taken in response to infeasible ancillary service
schedules in a manner that would allow the impact of this software enhancementprocerement in
reaktime to beassessed directly. However, analysis by DMM provides some indications ofdewer
procurement of ancillary services in rda@he after this enhancement was implemented.

Figureb.8 shows the average amount of additional megawatts procured intreed duringintervalsof
incremental ancillary service procuremerithe incremental procurement dropped after the
implementation of the dynamic ramp feature. In additione thercentage of 1#ninute realtime
intervals with at least 1 MW of additional ancillary service procured also dropped following the
implementation’* Furthermore, scarcity pricing of ancillary services only occumast timessince
deployment ofthe newdynamic ramp rate featureHowever, since many other factors alftect
procurement of ancillary services in réahe, these data do not provide a definitive indication of the
impact of this software enhancement.

™ The ramp rate submitted was requiredtobe efua 2 2 NJ f Saa GKIy (KS dzyAdQa Yl EAYdzy NI
ancillary service certification testing.

" Realtime ancillary service procurement occurred In most ke 15-minute intervals as small volumes of ancillary services
were often neeled to provide reserves in a particular ancillary service region.
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Figure5.8 Monthly averageadditional ancillary service megawatts procured in ret@ne
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6 Market competitiveness and mitigation

This chapter assesses the competitiveness of the energy market, along with the impact and
effectiveness o$pecificmarket power mitigation provisionKey findings include:

T

The dayahead integrated forward market has continued to be stable and competitith virtually
all loads and supply being scheduled in the-dhgad market.

A key driver of the market competitiveness is the high degree of forward contractilogtbgerving
entities. This significantly limits the ability and incentive to exentiagket power in the dgahead
and realtime markets.

Bids for additional supply needed to meet remaining demand irdéyeahead and realime
markets have generally been highly competitive.

Prices in the dayhead market during each quarter were considty about equal tacompetitive
baseline prices we estimate would result undéghlycompetitive conditions. DMM estimates
competitive baseline prices as a benchmark for assessing actual market pricesitnylaging the
market using the daghead markt software with bids reflecting the actual marginal cost of-gas
fired units.

Prices in the 8ninute realtime market were lower than competitive baselipecesby about
3 percentin 2011. This is attribaltle to thelower frequency ofextreme reailtime price spikesiue
to brief shortages of upward ramping capacagdiscussed in detail i@hapter3.

Under currentoad and supply conditions, the systemide energy market is structurally

competitive. However, since ownership of resources within different areas of the 1ISO grid is highly
concentrated, local reliability requirements and transmission limitations géeeto local market

power in many areas of the system.

Local market power mitigation provisions have continued to be triggered on a very limited Basis.
average obnly 1.3 unitsper hourhad bids lowered due to mitigation the dayahead market. In
the realtime market, bids for an average of about 3.8 units were lowered as a result of mitigation.

When units are subject tbid mitigation, they are often not dispatched at a higher level as a result
of this mitigation. This occurs since mitigatioteofresults in a minor change in bids and market

A N = oA oA w

LINKA OSa 2F0GSy SEOSSR | dzyAliQa dzy YAGAILI SR 0ARO®

Although the mitigation provisions have not had a significant direct impact on market results, this
does not mean that these provisions are unneeded or did @weha more significant indirect

impact. Effective local market power mitigation provisions in the-alagad and realime markets
encourage forward contracting and deter attempts to exercise market power in all of these markets.
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6.1 Overall market competiti veness

To assess the competitiveness of the -@dngad marketbMM compares actual market prices to
competitivebenchmarkprices thatwe estimate would result unddrighlycompetitive conditions
DMM estimatescompetitive baseline prices by-smulating he market using the dagthead market
software with bids reflecting the actual marginal cost of-Geexd units® Figure6.1 compares this
competitive baseline price average systerwide prices in the dagphead and Sninute realtime
markets. As shown iRigure6.1:

1 Prices in the dayahead market have consistently been about equal to the competitive baseline
prices. Since June, the competitive baseline prices excemdgdge prices for the ISO systéemn
about3 percent. Since May, average r¢iahe prices have been closer to both average-dhgad
prices and the competitive baseline than in 2010 and in January.2011

1 Except for January 2011, average systeitie reattime prices were approximately eal tothe
competitive baseline in 2011.

Most of the differences in redime prices andhe competitive baseline were caused by one of two
factors: extremely highprice spikesduring a small portion of-inute reattime intervals or intervals of
over-generation when prices were negativAs discussed in Chapt&rthese price spikes generally
reflect shortterm modeling limitations, rather thafundamental underlying supply and demand
conditions. Theseeaktime price spikes are not attributable to uncompetitive bidding or other-anti
competitive behaviorbut rather often reflect structural modeling limitations.

DMM also calculates an overpllice-cost markup by comparing competitive baseline prices to total
average wholesale energy costsTotal costs used in this analysis represent a weighted average of all
energy transactions in the daghead, hourahead and realime markets’ Thus, ths analysis includes
energy procured at higher prices in the réiahe market, as well as net energy sales in the kalead
market at lower prices.

Figure6.1 compares this competitive baseline price to average sysigite prices in the daghead and
5-minute reattime markets. As sen inFigure6.1, prices in thelay-ahead market have consistently

been about equal to the competitive baseline prices. Since June, the competitive baseline prices exceed
the statewide average prices by about 3 percent. Since May, averagéimeaprices have been closer

to both aveage dayahead prices and theompetitivebaseline than in 2010 and January 2011. This

> A more detailed description of the methodology used to estimate competitive baseline prices and the price cesprisark
LINE @A R S R QuasferlysRemoian Market Issues and Perforomirebruary 13, 2013, 14,
http://www.caiso.com/Documents/QuarterlyReport Market%20Issues Performdretgruary2012.pdf

" Default energy bidsised in calculating benchmark priceslude a 10 percent adder above fuel and variable coBte fact
that market prices are slightly below this competitive benchmark reflects that many gas units bid below these default energy
bids.

" DMM calculates th pricecost markup index as the percentage difference between actual market prices and prices resulting
under this competitive baseline scenario. For example, if market prices averaged $55/MWh during a month, but the
competitive baseline price was $50/MVVthis would represent a prieeost markup of 10 percent. DMM considers a market
to be generally competitive if this index is no more than a 10 percentuariver the competitive baseline on a monthly
and annual basis.

® These costs are based on themee data and methodology used in the analysis of total wholesale energy costs provided in
Chapter2.
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change has mainly been the result of the decreased frequency of penalty prices associated with ramping
limitationsinfluencing reatime market pricegsee Sectio3.2).

Figure6.1 Comparison of competitive baseline with deghead and reatime prices
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In 2010 and 2011, the overaliice-cost markup was slightly negative, abot percent and4 percent,
respectively”?’ In 2009, DMM estimated the overall pricest markup to be about 1.5 percentThe
lower pricecost markup in 2011 can be attributed to deghead market prices thavere somewhat

lower in 2011 relative to the competitive baseline prices calculated using thaltegd market
software.

DMM has analyzed the priegost markdzLJ F2NJ / F f AF2NY AL Qa ¢6K2fSattsS YIN
ISO in 199&Figure6.2a dzY Y NAT Sa (GKS NBadzZ a LlJdzofAaAKSR Ay 5aaQ
Figure62>s 5aa Kla O2yOf dZRSR GKIFG / FEAF2NYALF QA sK2t Sal

with a pricecost markup generallyranging from 5 to 10 percent.

The pricecost markup and other analysis in this report indicate that prices under the nodal market
designhave beerextremely competitive.However, as discussed in our 2009 annual report, direct

comparisons reported in pxgous years are difficult due to the significantly different way in which DMM
calculated pricecost markup.*

" As a result of technical difficulties, DMM had difficulty loading andurming save cases in the months of February, March
and April. Unfortunately, the current market model is too fiifent to replicate enough useful market results for this period.

8 See2009 Annual Report on Market Issues and Performafypal 2010, pp. 3-B.3 and 4.464.47:
http://www.caiso.com/2777/2777&322d0f0.pdf
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Figure6.2 Pricecost markup: 19982011

$50 - - - 50%
=== Pricecost markup ($/MWh) =
[%]
== Pricecost markup (percentof market cost) 8
$40 - - 40% g
g E
S
2 $30 - 30% 5
~ €
o [}
> [8)
< 0 O
s $20 - 20% &
E p
g 2
o $10 10% g

Q

a :
(&)
$0 - 0% &
a

-$10 - - -10%

199819992000 2001 2002 2003 2004 2005 2006 2007 2008 2009 2010 2011

6.2 Structural measures of competitiveness

Market structurerefers to the ownership of the available supply in the market. The structural
competitiveness of electric markets is often assessed using two related quantitative measures: the
pivotal supplier test and residual supply index. Both of these measuressatbe sufficiency of supply
available to meet demand after removing the capacity owned or controlled by one or more entities.

9 Pivotal supplier test If supply is insufficient to meet demand with the supply of any individual
supplier removed, then thisupplier is pivotal. This is referred to as a single pivotal suppler test.
The twopivotal supplier test is performed by removing supply owned or controlled by the two
largest suppliers. For the thrg@votal test, supply of the three largest supplissgsemoved.

1 Residual supply indexThe residual supply index is the ratio of supply from-pimotal suppliers to
the demand®* A residual supply index less than 1.0 indicates an uncompetitive level of supply when
GKS I NBSad &dzZJd#dA SNEQ &Kl NBa NS SEOf dz

In the electric industry, measures based on two or three suppliers in combination are often used
because of the potential for oligopolistic bidding behavior by multiple suppliers. The potential for such
behavior is high in the electric industry besauhe demand for electricity is highly inelastic, and
competition from new sources of supply is limited by long lead times and regulatory barriers to siting of
new generation.

8 For instance, assume demand equals 100 MW and the total available supply equals 120 MW. If one supplier owns 30 MW of
this supply, the residual supply index equals 0.90, or €120)/100.
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In this report, when the residual supply index is calculated by excludingrdpesk supplier, we refer to
this measure as the RSMWith the two or three largest suppliers excluded, we refer to these results as
the RSland RS) respectively. A detailed description of the residual supply index was provided in

I LILISY RAE RO0OPafinudl mepo®@ &

6.2.1 Dayahead system energy

Figure6.3 shows the hourly residual supply index for the ddnead energy market in 2011. This
analysis is based on system energy only and ignores potential limitations due to transmission
limitations®** Results are only shown for the 500 hours when the residual supply index was lowest.
These hours generally correspond to the highest load hours. As shokigune6.3, the residual supply
index with the three largest suppliers removed gr®hs less than 1.0 during only 2 hours.

These findings reflect the ¥arable overall system supply and moderate load conditions. Under these
conditions, the underlying structure of the overall energy market fosters competitive behavior and
outcomes in the systemwide energy market. However, as discussed in the follongatjians, since
ownership of resources within different areas of the ISO grid is highly concentrated, local reliability

requirements and transmission limitations give rise to local market power in many areas of the system.

Figure6.3 Residual supply index for daghead energy

1.5 4
)
2
(]
c
o 14 -
S
[
4
n 1.3 -
é ——
)
o 1.2 -
=
>
= 11 - Single pivotal supplier test (RSI1)
3 .
v === TWO pivotal supplier test (RSI2)
©
= === Three pivotal supplier test (RSI3)
% 1.0
(&)
4
0.9 T T T T T T T T T T T
50 100 150 200 250 300 350 400 450 500
Hours

6.2.2 Local capacity requirements

The 1SO has defined ten local capacity areas for which separate local reliability requirements are

Saidlof AAKSR dzy RSNJ 6 KS adl 4SQa NB&a2dz2NOS | RSIljdz O@

8 All internal supply bid into the dagheadmarket is used in this calculation. Imports are assumed to be limited to
12,000MW. Demand includes actual system loads plus ancillary services.
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available capacity is needed to meet peak reliabglgnning requirements. One or two entities own
most of the generation needed to meet local capacity requirements in each of these areas.

Table6.1 provides a summary of the residual supply index for major local capacity areas. The demand in
this analysis represents the local capacity requirements set by the ISO-séwaty entities meet these
requirements through a combination of s@fvned geneation and capacity procured though bilateral
contracts. For this analysis, we assume that all capacity owned bgéwaithg entities will be used to

meet these requirements with the remainder procured from the other entities that own the remaining
resouces in the local area.

As shown imable6.1, the total amount of supply owneoy nontload-serving entities meets or exceeds

the additional capacity needed by loadrving entities to meet these requirements in most areas.

However, in most areas, one or more suppliers are individually pivotal for meeting the remainder of the
capacii @ NXBIjdZA NBYSy G o LYy 20KSNJ 62NRA&AX a2YS LRNIAZ2Y 7
requirements. This is indicated by R@luesless than 1.0 and RShluesof 0.24 or lower in each of

these areas.

Table6.1 Residual supply index for major local capacity areas based on resource adequacy
requirements

Net nonLSE Total Total Number of
capacity non-LSE residual individually
. requirement capacity supply pivotal
Local capacity area (MW) (MW) ratio RS] RS} RS4 suppliers
PG&E area
Greater Bay 3,927 4,479 1.14 049 0.03 0.01 2
North Coast/NorthBay 601 707 1.18 0.03 0.01 0.00 1
SCE area
LA Basin 5,853 6,162 1.05 0.39 0.23 0.12 3
Big Creek/Ventura 232 2,902 12.51 333 024 0.07 0
San Diego 1,448 1,323 0.91 0.12 0.05 0.01 3

In addition to the capacity requirements for each local capacity area used in this analysis, additional

reliability requirements exist for numerous salpeas within each local capacity areégome of these

require that capacity be procured from specific individual generating plants. Others involve complex
combinations of units which have different levels of effectiveness at meeting the reliability

requirements. These swdrea requirements & not formally included in local capacity requirements
AYO2NLIR2 NI GSR Ay GKS adlidSQa NBaz2dz2NDOSardaRSIjdzZ O& LINE
requirements represent an additional source of local market power. If a unit needed forareab

requiremert is not procured in the resource adequacy program and that resource does not make itself
available to the I1SO in the spot market, the ISO may need to procure capacity from the unit using the
backstop procurement authority (the capacity procurement meckiam)i

As discussed in Chapt@rin 2011 loaeserving entities continued to procure all capacity needed to
meet local resource adequacy requirements through bildtecatracts. As a result, the ISO has not
needed to procure capacity through reliability mugh contracts or the capacity procurement
mechanism in the ISO tariftlowever, having this authority in the tariff serves as a backstopttekuis
to mitigate the potential for local market power in bilateral markets for this capacity.
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In the energy markets, the potential for local market power is mitigated through bid mitigation
procedures, as discussedSection6.4. These procedures require that each transmission constraint be
pre-designated as eithezompetitiveor non-competitivebased on seasonal planning studies performed
several months in advancé&.he following section examines the actual structural competiveness of
transmission constraints when congestion has occurred in theatteyad and realime markets.

6.3 Competitiveness of t ransmission constraints

Background

Local market power mitigation prosions require that each constraint be pesignated as either
competitiveor non-competitive Generation bids are subject to mitigation if that unit is committed or
dispatched to relieve congestion on a constraint-gesignated ason-competitive Forthese
provisions to be effective, it is important that constraints designated as competitive are in fact
competitive under actual market conditions.

The methodology used to designate transmission constraints as competitive aromopetitive is the
compettive path assessment. This methodology incorporatepa8tal supplier test’ The

competitive path assessment evaluates if a feasible power flow solution of a full network model can be
reached with the supply of any three suppliers excluded from theketd*

Starting in April 2010, the ISO perfarthcompetitive path assessment studies on a seasonal basis four
times per year and updatkconstraint designations based on these restftsinderthis process, the
competitiveness of constraints under actuahrket and operating conditions may vary from results of
the study for a variety of reasons:

1 The assessment must currently be performed on a network model combining a typieaheag
model and a typical congestion revenue rights model. This network moalediffer from the
model used in the actual market software, which is frequently updated to reflect new constraints,
transmission outages or ratings, or other adjustments.

1 The assessment does not incorporate any generation or transmission outages.

1 The &sessment is run for a series of scenarios representing different load,-Blgbiic and import
conditions. Although these scenarios are based on historical data and are designed to cover a wide
range of possible conditions, actual load and market dm may vary from these scenarios.

 For a detailed description of this methodology, $&@mpetitive Path Assessment for MRTU Final ResufMRTU Gda.ive,
Department of Market Monitoring, February 20Q8tp://www.caiso.com/2365/23659ca314f0.pdf

% The competitive path assessment is performed with relatively high penalty pricemeddd any overflow conditions on
paths being tested for competitiveness. Major paths deemed to be competitive are assigned much higher penalty prices.
This ensures that if a feasible solution does not exist, flows on paths being tested will excesdigsaon limits before any
overflow occurs on paths not being tested. With this approach, if flows on any paths being tested exceed limits, the path is
deemed to be norcompetitive

& During 2009, constraints were designated as competitive andaoompeitive based on a study performed in February 2009
prior to the start of the new market in April 2009. Results of this first study were applied for the first 12 months efathe n
market. Se€ompetitive Path Assessment for MRTU Final Results for MROle@®epartment of Market Monitoring
February 200%http://www.caiso.com/2365/23659ca314f0.pdf
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1 DMM currently uses simulation software to perform the assessment, rather than the actual market
software.

One of the drawbacks of the competitive path assessment is that the process isditmeming given
5aaQa Ordxéltgols.The ISO has developed a new dynamic competitive path assessment
that will be run in the market software and will more accurately account for current conditions that are
influencing market dispatch and prices. The dynamic competitive gegbssment will be implemented

in the dayahead market in April 2012 and in the r¢imhe market in the fall of 2012. The 1SO will also
implement a new method for triggering mitigation, based on the path competitiveness determined by
the dynamic competive path assessment, on a similar schedule.

Residual supply index for counter -flow

The approach used for assessment of the competitiveness of constraints is referred to as the residual
supply index focounterflow on congested constraintsThis speciéi approach was developed by DMM
based on similar metrics used by several other ISOs to assess the competitiviein@ssmission
constraints. DMM has used this index to monitor the competitiveness of constraints and assess the
accuracy of the competitivpath assessment methodology under actual network and market
conditions®®

The residual supply index measures hgiwotal one or more suppliers are based on their ownership or
control of the supply of effective countdlow capable of relieving congestioifi @ specific transmission
constraint. The index is the ratio of the demand for cousitew divided by the total residual supply of
potential effective counteflow after removing the generation controlled by one or more of the largest
suppliers. An indeof less than 1 indicates that the residual supply of coufitev controlled by all

other suppliers is insufficient to meet the demand for courfierw on a constraint. The index may be
used to measure whether a single supplier is pivotal, or whethdtipheisuppliers are jointly pivotal.

One of the main strengths of the residual supply index is that it is calculated based on the actual supply
and demand for counteflow during hours when congestion occurs. Results therefore reflect changes in
system onditions not captured in the competitive path assessment. For example, if a transmission line
is derated, this increases the demand for counftow used in the test. If a unit effective at providing
counterflow is unavailable due to an outage, thisaeases the supply of countlow used in the test.

Day-ahead market results

Figure6.4 and Table6.2 summarize results of the hourly residual supply index for-competitive

constraints @ which dayahead congestion occurred in 2011. Typically these constraints were deemed
non-competitive because they did not meet the criteria used to determine candidate paths eligible to be
analyzed and deemed competitive as part of the competitive pathlysis studies. Under these criteria,
constraints are only eligible to be studied for competitiveness if congestion on these constraints has
been managed for at least 500 hours over the previous 12 months.

% Revised Draft Final Propogdbynamic Competitive Path Assessm&wupartment of Market Monitoring, July 2011,
http://www.caiso.com/Documents/RevisedDraftFinalPropeBginamicCompetitivePathAssessment.pdf

8 Draft Final Proposat Local Market Power Mitigation Enhancemeritéay 2012,
http://www.caiso.com/Documents/DraftFinalProposhbcalMarketPowerMitiganEnhancements.pdf

BeKS YSiKz2zR2f238 dzaSR G2 OFfOdAd I GS (KS&$S Y R008AnGuRl Repartoh f f dza G NI
Market Issues & Performancapril 2010http://w ww.caiso.com/2777/27778a322d0f0.pdf
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As shown irFigure6.4, the frequency of congestion on these constraints was relatively low in 2011.
Duringhours when congestion occurred in the dalyead markettheresidual supply indeixdicates
that theseconstraints weraincompetitivea relatively small portion of the time. These findings are
similar to those from 2010.

Figure6.5 and Table6.3 summarize results of the hourly residual supply index for paths that met the

500 hour criteria used to determine candidate paths and were found to be competitive in the

competitive path anlysis. As shown in these results, most of these paths were competitive under the
residual supply index. These findings are consistent with results of analysis of competitive constraints in
2010.
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Figure6.4 Residuabkupply index¢ Non-competitive paths in 2011 for daahead market
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Table6.2 Summary of RSI resultsNon-competitive paths in 2011 for dayahead market
Congest. RSI<1 RS}<1 RSi<1 RSi>1
Constraint_Name Hours Hours % Hours % Hours % Hours %

TMS_DLO_NG 438 53 12% 35 8% 89 20% 261 60%
31482_PALERMO _115 31516 _WYANDJT2_ 115 255 1 0% 1 0% 0 0% 253 99%
25406_J.HINDS _230_24806_MIRAGE _230_BR_1 161 0 0% 133 83% 1 1% 27 17%
30500_BELLOTA _230_30505_WEBER _230_BR_1100 63 63% 3 3% 0 0% 34 34%
HUMBSB_BK_BG 93 1 1% 0 0% 0 0% 92 99%
SLIC_1551245 ML_OLIND NG 89 0 0% 0 0% 0 0% 89 100%
33936 MELNS JB_115 33951 VLYHMTP1_115 | 77 5 6% 7 9% 0 0% 65 84%
32218 DRUM _115 32244 BRNSWKT2_115_BR_2741 74 100% 0 0% 0 0% 0 0%
32200 PEASE 115 32288 E.MRY J1_115 BR 1 %0 32 46% 0 0% 0 0% 38 54%
SLIC 1593828 GOLD HILL CB112 57 23 40% 0 0% 0 0% 34 60%
30005_ROUND MT_500_30015_TABLE MT_500_ 57 32 56% 17 30% 1 2% 7 12%
32214 _RIO OSO _115 30330_RIO OSO _230_XF_1 55 0 0% 0 0% 0 0% 55  100%
BARRE-LEWIS_NG 52 0 0% 0 0% 0 0% 52  100%
Barre_Ellis_Overload_NG 49 0 0% 0 0% 1 2% 48 98%
SLIC 1177680 LUGO_MOHAVE-2 41 0 0% 0 0% 0 0% 41  100%
30005_ROUND MT_500_30015_TABLE MT_500_ 38 8 21% 20 53% 1 3% 9  24%
22824 SWTWTRTP_69.0_22820 SWEETWTR_6! 32 0 0% 0 0% 0 0% 32 100%
SLIC 1503011_COTTWD_SOL-3 28 28  100% 0 0% 0 0% 0 0%
SLIC 1575761 GOLD HILL SOL-2 24 17 71% 0 0% 0 0% 7 29%
SLIC 1518376_ML_OLIND_ML_W_NG_DA 23 0 0% 0 0% 0 0% 23 100%
SLIC 1446790 EGL_SLV_FLTN_SOL-1 21 10 48% 0 0% 0 0% 11 52%
31488 GRIZ JCT_115 31512 BIG BEN2_115 BFR_1 21 21 100% 0 0% 0 0% 0 0%

Totals 1,855 368 20% 216 12% 93 5% 1,178 64%

Table6.3 Summary of RSI resultsCompetitive paths in 2011 for daghead market
Congestion RSJ<1 RSj<1 RSi<1 RSi> 1
Constraint Name Hours Hours Hours % Hours % Hours %
34112 EXCHEQUR_115 34116 LE GRAND_115 3R_11376 195 14% 1181 86% 0 0% 0 0%
SDGE_PCT_UF_IMP_BG 636 0 0% 0 0% 0 0% 636 100%
SCE_PCT_IMP_BG 472 0 0% 0 0% 2 0% 470 100%
33200_LARKIN _115_ 33204 POTRERO _115 BR_2 _1 434 262 60% 0 0% 0 0% 172 40%
31566_KESWICK _60.0_31582_STLLWATR_60.0_BR_1 163 4 2% 0 0% 0 0% 159 98%
SDGEIMP_BG 123 0 0% 0 0% 0 0% 123 100%
33203 MISSON _115 33204 POTRERO _115 BR_1 1 94 22 23% 0 0% 0 0% 72 7%
31580_CASCADE _60.0_31582_STLLWATR_60.0_ 90 1 1% 0 0% 0 0% 89 99%
34101 _CERTANJ2_115 34116 LE GRAND_ 115 ER_1 188 0 0% 88 100% 0 0% 0 0%
32314_SMRTSVLE_60.0_32316_YUBAGOLD_60.C 78 0 0% 0 0% 0 0% 78 100%
IVALLYBANK_XFBG 68 3 4% 0 0% 0 0% 65 96%
31461 JESSTAP _115 31464 COTWDPGE_115 BR_1_B4 0 0% 0 0% 0 0% 34 100%
Totals 3,656 487 13% 1,269 35% 2 0% 1,898 52%
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Figure6.5 Residuakupply index¢ Competitive paths in 2011 for daghead market
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Real-time market results

Figure6.6 and Table6.4 summarize results of the residual supplgéx for noncompetitive paths on
which realtime congestion occurred in 2021.As shown irFigure6.6, duringhours when congestion
occurred in theeaktime market theresidual supply indexdicates that these constraints were
uncompetitivea relatively high portion of the time. h&€ summary totals in the bottom row dfable6.4
show that during 4®ercent of the hours when congestion occurred on these paths, thenRSlless
than 1, indicatig a single supplier was pivotal.

Figure6.7 and Table6.5 summarize results of the hourly residual supply index for paths that met the
500 hour criteria used to determine candidate paths and were found to be cotiwpan the
competitive path analysis. As shown in these results, a majority of time the constraints were
competitive under the residual supply index.

Overall, these redime analysis results indicate that although the current method of designattigsp
as competitive or nostompetitive is not highly dynamic, this approach is reasonably accurate:

9 Paths deemed nogompetitiveunder the competitive path assessment methodology were
structurally uncompetitivea much higher portion of the timim the real-time market than in the
day-ahead market (comparEigure6.4 and Figure6.6). This reflects the fact that in retine, the
available supply of effective countéiow is much more limited byesourceramping constraints and
that longstart units that are not online cannot be used to relieve congestion.

1 Paths deemed uncompetitivevere structurally uncompetitive duringoaut half of the timein the
reaktime market when congestion occurred on these paths based on the residual supplyseéex
Figure6.6 and Table6.4).

9 Paths designated as competitive using the competitive path assessment methodology were
structurally competitive in most hours under actuglerating conditions based on residual supply
index results in both the daghead and realime markets (se€igure6.5 andFigure6.7).

8 The competitive path assessment is a procedure updated every few months. However, the ISO market model may vary
daily. So there may be mismatches due to constant model evolutions. One of the issussudied tansmission
constraints. Currently the implementation process marks anynatched market transmission constraints as non
competitive, as these constraints are nottire competitive path list or grandfather path list. As shown in the-tiaé
results, here are two paths PATH26-SNand PATH15-N§ which are not in the standard market model, have different
ratings, are urstudied, and are thus set to be naompetitive. The corresponding grandfathered path names are
PATH26_BG and PATH15_BG.
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Figure6.6 Residuakupply index¢ Non-competitive paths in 2011 for reafime market
Hours of congestion in regime market
Constraint 0 50 100 150 200 250 300
I I
TMS_DLO_N
PATH26_N-
25406_J.HINDS _230_24806_MIRAGE _230 BR
30500 BELLOTA 230 30505 WEBER _230 B
31482 PALERMO 115 31516 WYANDJT2_ 115 |
1
BARRE-LEWIS_N
SLIC_1551245_ML_OLIND_|
32200 PEASE 115 32288 E.MRY J1_115 B ERSI1<1
HERSI2<1
33932 MELONES 115 33936_MELNS JB_115 B MRSI3< 1
LHRSI3>1
VICTVL_B
33936 MELNS JB_115 33951 VLYHMTP1_115 B
PATH15 S-N
32228 PLACER _115 32238 BELL PGE_115 B

116

Annual Report on Market Issues and Performance



Department ofMarket Monitoringg California ISO April 2012

Table6.4 Summary of RSI resultsNon-competitive paths in 2011 for reaime market
Congest. RSI<1 RSi<1 RSi<1 RSI>1
Constraint_Name Hours Hours % Hours % Hours % Hours %
TMS_DLO_NG 240 118 49% 1 0% 0 0% 121 50%
PATH26_N-S 68 56 82% 1 1% 0 0% 11 16%
25406_J.HINDS 230 24806 MIRAGE 230 BR_ 1 1 59 34 58% 0 0% 0 0% 25 42%
30500 BELLOTA _230_30505 WEBER 230 BR.1_1 54 28 52% 4 7% 0 0% 22 41%
31482_PALERMO _115 31516 WYANDJT2_ 115 BR_2 146 11 24% 0 0% 0 0% 35 76%
BARRE-LEWIS_NG 39 18 46% 3 8% 1 3% 17 44%
SLIC_ 1551245 ML_OLIND_NG 38 18 47% 5 13% 1 3% 14 37%
32200 PEASE _115 32288 E.MRY J1_ 115 BR_1_1 34 12 35% 0 0% 0 0% 22 65%
33932_MELONES _115 33936_MELNS JB_115 BR_1_1 34 14 41% 0 0% 0 0% 20 59%
VICTVL_BG 30 14 47% 1 3% 1 3% 14 47%
33936 MELNS JB_115 33951 VLYHMTP1 115 BR_1_121 2 10% 0 0% 0 0% 19 90%
PATH15_S-N 20 15 75% 4 20% 0 0% 1 5%
32228 PLACER 115 32238 BELL PGE_115 BR 1 1 20 3 15% 0 0% 0 0% 17 85%
Totals 703 343 49% 19 3% 3 0% 338 48%
Table6.5 Summary of RSI resultsCompetitive paths in 2011 for redlme market
Congestion RSI<1 RSi<1 RSi<1 RS> 1
Constraint Name Hours Hours % Hours % Hours % Hours %
34112_EXCHEQUR_115_34116_LE GRAND_115 BR_1 _1 225 79 35% 0 0% 0 0% 146 65%
SDGE_PCT_UF_IMP_BG 147 19 13% 1 1% 0 0% 127 86%
IVALLYBANK_XFBG 70 54 77% 0 0% 0 0% 16 23%
SDGEIMP_BG 52 20 38% 0 0% 0 0% 32 62%
33200_LARKIN _115_33204_POTRERO _115 BR 2 _1 31 0 0% 0 0% 0 0% 31 100%
34101_CERTANJ2_115_34116_LE GRAND_115_ BR_1_1 27 21 78% 2 7% 0 0% 4 15%
SDG&E_CFEIMP_BG 26 4 15% 0 0% 0 0% 22 85%
Totals 578 197 34% 3 1% 0 0% 378 65%
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Figure6.7 Residuakupply index¢ Competitive paths in 2011 for realme market
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6.4 Local market power mitigation

6.4.1 Frequency and impact of bid mitigation

The competitive baseline analysis presente@attion6.1is calculated by using default energy bids for
all gasfired units in place of their market bids. This analysis provides an indication @ gt would
result if all gadired generators were always subject to bid mitigation. As discussddtion6.1,
average monthly prices for thicompetitive baseline are nearly equal to actual market pridéss
provides a clear indication that the competitiveness of market outcomes is primarily due to highly
competitive bidding.

The impact of bids that are actually mitigated on market prizs only be assessed bymening the

market software without bid mitigation. Given the solution times for the market software, this is not a

practical approach for assessing impacts that mitigating bids of individual units or suppliers may have on
market prices. However, DMM has developed a variety of metrics to estimate the frequency with which

OAR YAUGAIFI(GA2Y LINPOA&AAZ2YA KIFI@ZS 6SSy GNAIISNBR | yR
bids and dispatch levets.

As shown irFigure6.8 and Figure6.9:

1 The number of units eligible for mitigation in the dalyead market inreased slightly starting in the
fourth quarter of 2010 through 2011. This slight increase in mitigation activity is in part related to
the implementation of the multstage generating resourcesirecember 2010

1 An averagef 3.6units wee subject to mitigation each hour, with an average of 1.3 units having
their bid actually lowered due to mitigation. In 2010, bids were lowered for an average of about 1.5
units per hour in the dayahead market.

1 The estimated increase in energy dispatcliethe dayahead market from these units averaged
less than 6.6 MW per hour. This compares to an estimated impact from mitigation of about 4.6 MW
in 2010.

Several factors contributed to the increase in ddnead mitigation:
1 Congestion on uncompetitivenastraints within the ISO system was slightly higher in 2011.

9 Spurious mitigation, mitigation that occurred when there was no congestion prevalent across the
system, was more frequent in 2011 than in 2010.

PeKS YSGKzR2f238 dzaSR G2 OFfOdAd I GS (KS&S Y R008AnGuRl Repartoh f f dza G NI
Market Issues & Performancapril 2010http://www.caiso.com/2777/27778822d0f0.pdf
L Further analysis of the frequency and scope of spurious mitigation is included as part of the FERC filling to amerid the tarif

for the new local market power mitigation procedure. For more informatiee,tke following
documentationhttp://www.caiso.com/Documents/201411-16 ER12423 LMPMAmend.pdf
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Figure6.8 Average number of units mitigated in daghead market
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Figure6.10  Average number of units mitigated in redgilme market
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Figure6.11 Potential increase in realime energy dispatch due tonitigation: Hourly averages
(2010¢ 2011)
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The frequency of bid mitigation in the retiine market in 2011 was comparable to that of 2010, as
shown inFigure6.10. However, as shown Figure6.11, the impact of bid mitigation increased slightly:
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1 In 2011, bids for an average of about 3.9 units were lowered as a result of theahead mitigation
process. This comparesan average of about 4.6 units per hour in 2010.

1 An average of about 1.6 units per hour was dispatched at a higher level in tHéweaharket as a
result of bid mitigation in 2011, compared to about 1.5 units per hour in 2010.

1 The estimated increase reakltiime dispatches from these units because of bid mitigation averaged
about 39 MW in 2011 compared to about 33 MW in 2010.

Thus, while the impact of mitigation on retithe dispatches increased in 2011, the overall impact of bid
mitigation remains lav in the readtime market.

6.4.2 Mitigation of exceptional dispatches

Exceptional dispatches are manual instructions issued when the automated market optimization is not
able to address a particular reliability requirement or constraitmore detailed discuiss of
exceptional dispatches is provided in Sectoh

9EOSLIiA2Yy Il f RAALI GOKS& F2NJ SySNHé 10208 || dzyAidQa
operator logs indicate the dispatch was issued to mitigate congestion on a designatedmetitive

constraint. If an exceptional dispatch is mitigafed § KS ISy SNI 2NJ A& LI AR GKS 13
price or default energy bid. Otherwise, all exceptional dispatches are paid the greater of the nodal price

2N) GKS dzyAdQad dzy YAGAIFGSR 0AR LINAOSO®

As shown irFigure6.12, the volume of total exceptional dispatch energy and the portion of this energy
subject to mitigation decreased substantially in 2010, but rose agaheithird quarterof 2011

9 Over half of exceptional dispatch energy cleared the markseguence, meaning that bid prices
were below the market clearing price for energy.

1 An average of less than 8 MW of energy per hour was exceptionally dispatcheftsrguence in
2010. In 2011this numberdoubled to 16 MW.

1 Only aboutlO percent of this ouof-sequence exceptionalispatch energy in 201das logged as
being related to a noiwompetitive constraint and therefore subject to mitigation. Tikidown from
19 percent ir2009 and only a small increase from 9 percent in 2010.

Thetotal volume and portion of oubf-sequence energy logged bsing for norcompetitive constraints
increased in 2011 without rising back to 2009 levels for several reasons:

1 Exceptional dispatchder ramp rate issues comprised the bulk of aitsequence energy,
particularly in the first and third quarters of 2011. Exceptional dispatches logged as being for unit
ramp rate issues are not treated as being associated withaoonpetitive constraintand therefore
are not subject to mitigation.

1 Exceptional dispatches for mitigating congestion on Path 26 increased in the third and fourth
guarters of 2011. Path 26 is one of the major constraints deemed to be a competitive constraint by
default.

2 Al exceptional dispatch numbers and figures in this report exclude April 2009 data due to lack of avaitabiiélability of
that data.
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Figure6.12 Exceptional dispatches subject to bid mitigation
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Figure6.13 shows the average price of cof-sequence exceptional dispatch energy with and without
mitigation.

1 The higher yellow line shows average prices if no exceptional dispatches were mitigated.

1 The blue line shows the actual average prices paid for exceptional dispatch energy. The difference
between this line and the higher yellow line shows the impact of mitigation on the overall price of
exceptional dispatch energy.

1 The lower green line shamaverage prices if all exceptional dispatches were mitigated to the higher
2T GKS YIFNJSG LINRAROS 2NJ 0KS dzyAdQa RSTFldAZ & Sy SNHE
actual exceptional dispatch prices. The difference in this line and the highew line reflects the
RSINBS (2 6KAOK SySNHeée o0AR& T2N SEOSLIiA2ylLt RAAL
and the market clearing price for energy.

The large increase in the average price of exceptional dispatch energy in the secaied msaited

from a relatively small volume of energy that was dispatched at a bid price of $1,000/MVjllst five

days, during a total of 24 hours, almost $5.3 million in exceptional dispatch payments were incurred for
energy bids at prices approxim&gesqual to the $1,000/MW bid cap. This energy was not subject to
mitigation since it was not logged as being a wwompetitive constraint?

% This energy was logged as being needed to ramp a unit up to a level where it had a higher ramp rate and could provide more
additional capacityr ancillary servicé needed. See Sectioirror! Reference source not foundbr further information on
he implementation of dynamic ramp rates to address stranded ancillary services.
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In the third and fourth quarter of 2011, the increase in the average prices efmbgated exceptional
dispatctes is predominately due to a small subset of units. The resources were exceptionally dispatched
for reliability purposes, but were not the lowest cost units available. This caused the separation
between what the irsequence cost would have been and thg-of-sequence energy price actually

paid in those intervals. This is indicated by the large gap between the yellow and blue lines compared to
the green line.

Figure6.13 Average prices for oubf-sequenceexceptional dispatch energy
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6.4.3 Start-up and minimum load bids

Owners of gadired generation can choose from two options for their stapt and minimum load bid
costs: proxy costs and registered codt®rior to April 1, 2011, owners electing the registered cost
option were required to submit costs for both minimum load and start Starting on April 1, 2011, the
options changed allowing participants to elect whichever combination of proxy or reggisteinimum
load and starup costs they prefet’

% Under the proxy co2 LJG A 2 y £ S | -Gpkard daiylimuimQaiad casits lard Hutomatically calculated each day based on
AYRSE 2F RIAf&@ aLl2G Y Nipé&nd misimuin lohiNdel@éhsumpfith asirépBrtedinythelm@sier & G | NI
file. Unit owners selectinthe registered cosbption submit fixed monthly bids for stattp and minimum load costs, which
are then used by the daily market softwarRegistered cost bids are capped at 200 percent of projected costs as calculated
under the proxy cost optionOne of the reasons forrpviding this bidbased option was to provide an alternative for
generation unit owners who believed they had significant-fieel startup or minimum load costs not covered under the
proxy cost optionSee FERC filing September 29, 209://www.caiso.com/23fc/23fch61b29f50.pdf

% SeeStartUp Minimum Load Tariff Amendment in Docket Number ERA60-000, January 26, 2011:
http://www.c aiso.com/2b12/2b12b6a22ed60.pdf
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Capacity under registered cost option

At the start of thenodalmarket in April 2009, about 25 percent of gagd capacitywas onthe
registered cost option fostart-up and minimum load bids. This incsed to approximately 48 percent
by December 2010As shown irFigure6.14 and Figure6.15, a noticeable upward shift in the amount of
capacity under the registered cost option for both stapt and minimum load occurred after the April
2011tariff modifications

As shown in these figures:

1 In December 2011, the portion of natuigas fueled capacity for stamp costs under the registered
cost option increased approximately 48 percent from December 2010, while minimum load capacity
increased over 16 percent.

1 In December 2011 bmut 61 percent of all natural gas fueled capaaiyapproximately
21,000MW, was orthe registered cost staftip option About 42 percentapproximately 4,000
MW, was on the registered cost option for minimum load bids.

1 By the endbf 2011, no natural gas fueled capacity solely elected the registasdminimum load
option. Over 17 percerif natural gas fueled capacithose the registered cost option for starp
costs only.

9 The portion of capacity at or near the bid cap for signtcosts has remained large asidble in
2011, as shown irigure6.16. In the fourth quarter of 2011, over f@rcent of theregisteredstart-
up bidswere greater than 180 percent of thealculated fuel costs

1 Registered cost b&for minimum load capacity tend to be lower and range more widely relative to
actual minimum load fuel costs, as showrFigure6.17. In the fourth quarter, about 12 percent of
minimum load bids were less than 120 percent of the bid cap, while 60 penegetgreater than
180 percent of the cap.
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Figure6.14  Start-up gasfired capacityunder registered cost option
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Figure6.15 Minimum load gasfired capacity under registered cost option
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Figure6.16 Registered cost startip bids by quarter
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DMM alsoexamined the amount of capagitinder the registered cost option by teoblogy?® As
shown inFigure6.18 and Figure6.19:

w Of total natural gas capacitiy December 2011, the registered stagp option was chosen by over
69 percent of combined cycles and 66 percent of steam turbines. Omlgréént of gas turbines
elected this option.

w Of total natural gas capacity in December 2011, the registered minimum load option was chosen by
over 52 percent of combined cycles and 66 percent of steam turbines. Only 31 percent of gas
turbines elected tfs option.

w Most capacity under the stauip registered cost bid option submitted bids at or near the bid cap.
This trend began in December 2010. As showkigare6.18, nearly 0 percent of capacity under
the registered cost option subntéd start-up bids greater than 180 percent of actual stap fuel
costs.

w Minimum load registered cost bid capacity has a wider range of bid costs thafuptadsts. Nearly
30 percent of the bids are less than 140 percent of #imtual minimum load proxy costs

w Generally, steam turbines bid close to the bid cap for both atprand minimum load costs. Bid
costs for gas turbines and combined cycles had a wider range.

9 Overallresults of this analysis suggest that the registered cost option for-s@aetnd minimum
load bids are heavily skewed toward the 200 percent*aphis is especially true for steam turbine
capacity.

% Generationtechnology consists of steam turbines, gas turbines and combined cycles.

" DMM recommended in its third quarter report that the 1SO reevaluate the composition of registered costs to determine the
validity ard effectiveness of the 200 percent calpttp://www.caiso.com/Documents/QuarterlyReport
Marketlssues Performanddovember2011.pdf Furthermore, DMM catinued to support consideration of the inclusion of a
fixed component for nofuel costs associated with stamp and minimum load costs, given that they can be reasonably
quantified and verified. The ISO has begun a stakeholder process in 2012 toaeriavitment costsmore informationcan
be found here http://www.caiso.com/informed/Pages/StakeholderProcesses/CommitmentCostsRefinement2012.aspx
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Figure6.18 Registered cost startip bids by generation type December 2011
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Figure6.19 Registered cost minimum load bids by generation typ®ecember 2011
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7 Congestion

Thischapter provides aeview of congestion and the market for congestion revenue rights in 2011.
Findings include:

1 The frequency and charges farrmgestion ormost majorinter-ties connecting the 1SO with other
balancing authority areasas higher in 201 Iparticularly for inér-ties connecting the 1SO to the
Pacific Northwest. Thappearsprimarilydue to abundant supplies of relatively lepviced energy
from hydro-electric and wind resources in the Northwest.

1 Congestion on transmission constraints within the ISO continoade relatively infrequent and had
minimal impact on average overall prices in the different load areas.

9 Prices in the San Diego area were impacted the most by internal congestion. However, congestion
increased average prices in the San Diego areaeathmygy/stem average by just under $0/88/Vh
or about3 percent. Nearly all of this increase is due to congestion on import limits directly into the
SDG&E area.

1 Congestion drove prices in the SCE area above themsysterage prices by about $0/RBNh or
aroundl percent. About 5@ercentof this increase was due to the limits on the percentage of load
in the SCE area that can be met by total flows on all transmission paths into the S€EAd®at
35 percentof this increase was from smaller consirai throughout the time period and about 10
percentof this increase was due to congestion in the nedksouth direction on Path 26.

1 The overall impact of congestion on prices in the PG&E area was to reduce prices below the system
average by about$0.36/MWh or about-1 percent. This results from the fact that prices in the
PG&E area are lowered when congestion occurs on the constraints that limit flows in theaorth
south direction on Path 2&nd constraints limiting flows into the SCE and SDG&E.areas

1 Average profitability of all congestion revenue rights was close to $0.07/MW in 20fripared to
about $0/MW in 2010.This increase was driven largely by higher levels of congestion origger
in 2011. The most consistently profitable congestion revenue rights continue to be those in the
opposite direction of prevailing congestion patterriRarticipants are paid for these congestion
revenue rights in the auction, but then obligated to pay when congesitcurs.

7.1 Background

Locational marginal pricing enables the 1SO to more economically and efficiently manage congestion and
provide price signals to market participants to salinage congestion. Over the longer term, nodal
pricesare intended toprovide efficient signals that encourage development of new supply and demand
side resources within more constrained areas. Nodal pricing also helps identify transmission upgrades
that would be most coseffective in terms of reduced congestion.

Congestion ira nodal energy market occurs when the market model estimates flows on the
transmission network have reached or exceeded the limit of a transmission constraint. As congestion
appears on the network, locational marginal prices at each node reflect coogeststs or benefits

% Thisconstraintis designed to ensure that enough generation is being supplied from units within SCE in the event of a
contingency that significantly limit imports into SCE or decreases generation within the SCE area.
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from supply or demand at that particular location. Within areas where flows are constrained by limited
transmission, higher cost generation is dispatched to meet demand. Outside of these transmission
constrained areas, demand is ni®t lower cost generation. This results in higher prices within
congested regions and lower prices in unconstrained regions.

When a constraint is binding, the market software produces a shadow price on that constraint. This
represents the cost savingsatwould occur if that constraint had one additional megawatt of
transmission capacity available in the congested directibimsshadow price is not directly charged to
participants; it only indicates an incremental cost on the objective function ofrtheket software of

the limited transmission on the binding constraint.

There are three major types of transmission constraints that are enforced in the market model and may
impact prices when they become binding:

1 Flowgates represent single transmissiame$ or paths with a single maximum limit.

9 Branch groups represent multiple transmission lines with a limit on the total combined flow on
these lines.

1 Nomograms are more complex constraints that represent interdependencies and interactions
between multipletransmission system limitations that must be met simultaneously.

Congestion on inteties between the ISO and other balancing areas decreases the price received for
energy imports. This congestion alftects payments for congestion revenue rights.wdwer, this
congestion has generally had minimal impact on prices for loads and generation within the 1SO. This is
because when congestion has limited additional imports on one or more-fig®radditional supply

from other interties or from within thelSO has been available at a relatively small increase in price.

7.2 Congestionon inter -ties

The frequency and financial impacts ohgestion ormostinter-ties connecting the 1SO with other
balancing authority areasas higher in 201, Iparticularly for inér-ties connecting the 1SO to the Pacific
Northwest.

Table7.1 provides adetailedsummary of the frequency of congestion on these irtes along with

average andotal congestion charges from the dajpead market.The congestion price reported in
Table7.1is the shadow price for the binding intée constraint. For a suflipr or loadserving entity

trying to import power over a congested tie point, this congestion price represents the decrease in the
price they receive for imports into the ISO. This congestion charge also represents the amount paid to
owners of congestionevenue rights that are sourced outside of the ISO at points corresponding to
these interties.

Figure7.1 compares the percentage of hours that major inters were congested in the daahead
marketover the last three yearskigure7.2 provides a graphical comparisontotal congestion charges
on major intertiesin each of the last three year#\s shown in these summaries:

1 Congestiorincreasedsubstantiallyon the two major inte#ties linking the 1SO witthe Pacific
Northwest ¢ the Nevada / Oregon Border (NOB) ahd Pacific A/C Intertie (PACI)otal congestion
on thesetwo inter-ties increased from $32 million in 2010 to about $74 million in 200His reflects
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the increase inmports from theNorthwestresulting from relatively abundant supplies of energy
from hydro and wind resources.

1 Congestion also increased significantly on the largest-tie linking the ISO with th&uthwestg
Palo Verde Congestion charges on Palo Veirreased from $2million in 2010 to about $2
million in 2011 Congestion othis inter-tie was driven up in 2011 when this path wasrd¢ed on
several occasions to accommodate transmission maintenance and upgrades.

1 The frequency of congestion on the Mead intir linking the 1SO to th&uthwest dropped from
21 percent to 13 percent, but overall congestion charges on this-tirdeemained about the same
at $8.3 million.

9 Virtually no congestion occurred on thater-mountain Power Project DC Adelanto branch group
Congestion charges for this constraitécreasedrom $7.9 million in 2010 tdess than $190,000 in
2011.

Table7.1 Summary of import congestion (2002011)
Frequency of Average congestion charge Import congestion charges
Import import congestion ($/MW) (thousands)
region Inter-tie 2009 2010 2011 2009 2010 2011 2009 2010 2011
Northwest PACI 5% 11% 11% $5.9 $9.2 $9.1 $6,370 $20,194 $48,903
NOB 5% 7% 8% $11.0 $12.7 $9.2 $7,078  $12,253 $25,471
COTPISO 1% 1% 13% $48.3 $10.9 $24.7  $43,483 $20,968 $629
Summit 0% 0% 1% $26.1 $10.0 $46.9  $29,027 $14,884 $317
Cascade 0% 2% 32% $15.5 $6.8 $12.0 $1 $78 $2,481
New Melones 0% 0% 17% $0.0 $0.0 $33.4 $0 $0 $6,788
Tracy 230 0% 0% 1% $0.0 $0.0 $669.4 $0 $0 $3,841
Southwest Palo Verde 30% 14% 19% $8.1 $7.0 $10.2 $49,586 $20,712 $25,885
Mead 15% 21% 13% $3.8 $5.1 $7.1 $3,728 $8,433 $8,287
IPP DC Adlanto (B(G) 15% 26% 0% $4.9 $5.9 $11.7 $3,822 $7,859 $186
IID - SCE 1% 1% 4% $2.9 $34.0 $9.8 $85 $1,377 $1,579
El Dorado 12% 1% 2% $11.1 $11.4 $8.4 $10,126 $1,222 $2,183
Mona IPP DC (MSL) 0% 0% 14% $0.0 $0.0 $3.9 $0 $0 $631
Adlanto SP 7% 1% 0% $2.4 $5.0 $0.2 $1,312 $389 $0
Other $1,009 $312 $205
Total $155,628 $108,681 $127,386

* The IPP DC Adlanto branch group and the Mona IPP DC market scheduling limit are not inter-ties, but are included here because «

function in limiting imports from the Adlanto / Mona regions and the frequency with which they were binding.
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Figure7.1

Percent of hours with congestion on major intéies (2009¢ 2011)
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7.3 Dayahead congestion on internal constraints

When a constraint within the ISO system is congested, resources on both sides of the constraint are re
dispatched to maintain flows under the constraint limit. In this case, congestion has a cleareantd di
impact on pricesvithin the ISO systemin 2011, cagestion omumerous internatonstraints

significantly affected priceduring hours when congestion occurretiowever, since this internal
congestion occurred infrequently, it had a minimal impactoverall dayahead energy prices.

Price impacts of individual constraints

The impact of angestionon any constraint orach pricingrode in the 1ISO system can be calculaigd
summing the product of the shadow prioéthat constraint and the shift faor for that node relative to

the congestedonstraint This calculation can be done for individual nodes, as well as groups of nodes
that represent different load aggregation points or local capacity ateas.

Figure7.3 shows the impactof congestion on specific internabnstraints during congested hours on
averageday KSR LINRA OS & | iaggiedats loatl araadDfen cddgestiok dlidhstraints
within Northern California increases prices within the PG&E area, but decreases prices in the SCE and
SDG&E areawith the inverse being true afongestion within Southern California

Table7.2 provides a more detailed analysis by quaded shows:

9 Congestion occurred oBCE PCT_IMPBGprimarily in the first three quarters of the yeawjth the
highest number of hours occurring in the second quarfehis led tgoriceincrease of around
$3.50/MWh in the second and third quarters for S@ttl decreasefor SDG&E and PG&Ejust
over $3.00/MWh.

1 TheSDGEPCTUF IMP_BG was mainly congested in the first two quarters of the y&éh most of
this congestion occurring duringeriods of transmissionutages. This increased prices in the
SDG&E area by over $10/MWh and decreased prices in PG&E and SCE areas by about $1/MWh.

1 Path 15 was congested in the soutitnorth direction in the fourth quarter 62011 due to
scheduled maintenance. This increased prices in the PG&E area by ab@¥$8tB8and
decreased prices in the SCE and SDG&E areas BYMPR/R during congested hours.

9 In the third quarter, ongestion orthe 30060 Midway 500 24156 Vinvent 50R BB 2 line
within SCBccurred due to transmissiooutages This constrainlecreased PG&E prices by about
$8/MWh and increased prices in SCE and SDG&E by $5.30/MWh during congested hours.

1 Gongestion in the nortio-south direction on Path 2&asassociatd with outages orthe Midway ¢
Vincent 500 kVine. Rices in the PG&E arekecreasedy over$6/MWh and prices in the SCE and
SDG&E areascreasedby almost $5/MWh during congested hodos the third quarter Second
quarter congestion decreased PGgi#icesaround-$2.50MWh and increased SCE and SDG&E area
pricesby just over $5/MWh.

1 TheSDGEIMP_BGconstraintwas mainly congested in the first two quarters of the yeanichwas
associated with outages. This increased prices in @& area byabout $3.40/MWh in the first
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quarter and $7.50/MWh in the secondnd decreased prices in PG&E &@Eareas by about
$0.37MWh and-$0.78/MWh, respectively

Figure7.3 Frequency and impact of congestion amternal constraints(Februaryq December)
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As shown in thee figures andiables congestion on some constraints significantly affected prietng
hours when congestion occurredHowever, since this internal congestion occurred infrequently, it had
aminimal impact on overall daghead energy pricesAdditional analysis and discussion of the impact
of congestion on average annual prices for different areas within the ISO is provided in the following
section of this chapter.

Impact of average prices

This section provides an assessment of differences on overall averiageqaused by angestion

between different areas of the ISO systefdnlike the analysis provided in the previous section, this
assessment is made based on the averemggestion compoent of the locational marginal prices as a
percent of the totalaveragesystem energy pricduring all hourg including both congested and nen
congested hoursThis approach shows the impact of congestion taking into account the frequency that
congestim occurs as welisthe magnitude of the impact that congestion has when it occtirs.

100 11y addition, this approach identifies price differencesised by congestion without including pidifferences that result

from differences in transmission losses at different locations.
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Table7.2 Impact of congestion on daghead prices by load aggregation poifffebruaryc December)
Congested hours Q1 Q2 Q3 Q4
Area |Constraint Q1 Q2 Q3 Q4 PGAE SCE SDG&E PGAE SCE SDG&E PGAE SCE SDG&EH PGAE SCE SDG&E
PG&E PATH15 BG 52 $3.32 -$2.73 -$2.73
30630 NEWARK 230 30703_RAVENSWD 230 BR 1 1 1 $41.82 -$41.82 -$41.82
SCE SCE_PCT_IMP_BG 115 238 114 3 -$2.29 $2.82 -$2.29 -$3.10 $3.64 -$3.10 -$3.16 $3.57 -$3.16 -$0.65 $0.75 -$0.65
PATH26 BG 61 31 14 -$2.46 $2.02 $2.02 -$6.41 $4.91 $491 -$2.95 $1.86 $1.86
SLIC_1551245 ML_OLIND_NG 89 $1.13 $1.81 $0.00
BARRE-LEWIS_NG 4 6 42 -$0.32 $0.51 -$0.01 -$0.06 $0.50 -$1.47 -$0.66 $0.95 $0.39
Barre_Ellis_Overload_NG 16 33 -$259 $2.71 -$6.76 -$0.66 $0.84 -$1.78
30060 _MIDWAY _500 24156 VINCENT _500 BR_3 2 47 $7.83 $5.30 $5.30
SLIC 1518376_ML_OLIND_ML_W_NG_DA 23 $2.16 $3.04 $0.00
SOUTHLUGO_RV_BG 14 -$10.64 $6.43 $9.95
SLIC 1518826 SONG_SNT2_SV_SS_NG 11 $1.89 $3.31 -$37.66
SLIC 1506931_VINCENT_CL1_NG 8 -$8.02 $755 $0.00
SLIC 1507610_VINCENT_CL1_NG 6 -$11.37 $11.70 $0.72
SLIC 1521334 VINCENT_CL1_NG 5 -$13.58 $14.36 -$1.03 $0.00 $0.00 $0.00
SDG&E SDGE_PCT_UF_IMP_BG 285 242 95 10 -$1.07 -$1.07 $10.79 -$1.34 -$1.34 $13.66 -$1.01 -$1.01 $11.04 -$0.39 -$0.39 $4.06
SDGEIMP_BG 85 16 22 -$0.37 -$0.37 $3.44 -$0.78 -$0.78 $7.50 -$0.56 -$0.56 $5.65
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Table7.3 shows the overall impact of congestion on different constraints on average prices in each load
aggregation area in 201{. These results show that:

9 Prices in the San Diego area were impacted the most by internal congestion. However, congestion
increased average prices in the San Diego area above the system avejasfaihger $0.85 MWh
or about 3 percent. Nearly all othis increase is due to coagtion on import limits directly into the
SDG&E area.

1 Congestion drove prices in the SCE area above the system average pebesit$026/MWh or
aroundl percent About50 percentof this increase was due tonits on the percentage of load in
the SE area that can be met by total flows on all transmission paths into the SCE atdwut 35
percentof this increase was from a compilation of smaller constraints throughout the time period
and about 1Qpercentof this increase was due to congestion re north-to-south direction on Path
26.

1 The overall impact of congestion on prices in the PG&E area was to reduce prices below the system
average by about$0.35/MWh or about-1 percent. This results from the fact that prices in the
PG&E area are lowedevhen congestion occurs on the constraints that limit flows in the ntoth
south direction on Path 2énd constraints limiting flows into the SCE and SDG&E.areas

Table7.3 Impact of constraints oroverall dayahead pricegFebruaryg December)
PG&E SCE SDGE

Constraint $MWh  Percent |$/MWh  Percent |$MWh  Percent

SDGE_PCT_UF_IMP_BG -$0.09 -0.29% -$0.09 -0.28% $0.91  2.84%

SCE_PCT_IMP_BG -$0.17  -0.54% $0.19 0.62% -$0.17 -0.52%

SDGEIMP_BG -$0.01  -0.02% -$0.01 -0.02% $0.07 0.20%

SLIC 1518826 SONG_SNT2 SV_SS_NG $0.00 0.01% $0.00 0.01% -$0.05 -0.16%

PATH26_BG -$0.05 -0.15% $0.04 0.12% $0.04 0.11%

Barre_Ellis_Overload_NG -$0.01  -0.02% $0.01  0.03% -$0.02 -0.06%

30060_MIDWAY _500 24156 VINCENT _500_BR_3_2$0.04 -0.14% $0.03 0.10% $0.03  0.09%

PATH15 BG $0.02 0.07% -$0.02 -0.05% -$0.02 -0.05%

30630_NEWARK _230_30703_ RAVENSWD_230 BR_%0D1 0.02% -$0.01 -0.02% -$0.01 -0.02%

SOUTHLUGO_RV_BG -$0.02 -0.06% $0.01 0.03% $0.02  0.05%

SLIC_1551245_ML_OLIND_NG -$0.01  -0.04% $0.02 0.06%  $0.00  0.00%

BARRE-LEWIS_NG $0.00 -0.01% $0.01 0.02% $0.00 0.00%

SLIC 1518376_ML_OLIND_ML_W_NG_DA -$0.01  -0.02% $0.01 0.03%  $0.00  0.00%

SLIC 1507610 VINCENT_CL1 NG -$0.01 -0.03% $0.01 0.03% $0.00  0.00%

SLIC 1506931_VINCENT_CL1 NG -$0.01  -0.03% $0.01 0.02%  $0.00  0.00%

SLIC 1521334 VINCENT_CL1_NG -$0.01 -0.03% $0.01 0.03% $0.00 0.00%

Other $0.05 0.16% $0.03 0.09% $0.03  0.10%

Total -$0.35 -1.1% $0.26 0.8% $0.83 2.6%

101

102

Due to data limitations, this analysis only includes congestion for February through December 2012.
This constraint is designed to ensure that enough genenat being supplied from units within SCE in the event of a

contingency that significantly limit imports into SCE or decreases generation within the SCE area.
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Table7.4 shows tle overall impact of congestion on dayeadprices within each of the local capacity
areasin 2010and 2011'* Thedifference in theaverage congestion component for generation nodes
within different local capacity areas was minimdlhis analysis indicates that:

1 Differences in dayahead prices within the PGé&ifeaare due to congestion and have remed
relatively low in 2010 and 2011. For instance, congestion only raised prices in the Humboldt area
about $0.50/MWh higher than prices in the Bay Ame2011

1 Inthe SCE area, prices in the-Bigek Ventura area were only about $0.09/MWh higher thacgs
in the LA Basin area due to congestion.

Table7.4 Day-ahead congestion by local capacity area

Average of Congestion LMP as Percent of System LMP

2010 2011
Avg. LMP 2010 Avg. Avg. LMP 2011 Avg.

LAP LCA (congestion) (congestion)

PG&E Bay Area -$0.12 -0.3% -$0.34 -1.1%
Fresno -$0.16 -0.4% -$0.49 -1.6%
Humboldt $0.60 1.7% $0.12 0.2%
Kern -$0.19 -0.5% -$0.42 -1.4%
North Coast North Bay -$0.19 -0.5% -$0.48 -1.6%
Sierra -$0.15 -0.4% -$0.28 -1.2%
Stockton -$0.34 -0.9% -$1.40 -4.7%

SCE Big Creek-Ventura $0.18 0.5% $0.23 0.8%
LA Basin $0.18 0.5% $0.14 0.5%

SDG&E San Diego -$0.11 -0.3% $0.72 2.5%

7.4 Consistency of day-ahead and real-time congestion

Because most load and generation is scheduled in theatiegd market, congestion in this market has
the greatest overall market impact. Congestion revenue rights are also settled based-anedaly
prices. When redaime congestion occurs, it sometimessults in very high prices because the ability to
re-dispatch resources in retime to relieve congestion is much more limitedowever, theoverall cost
impact of this reatime congestion was very low because of the high level ofatead scheduling.

Nevertheless, theonsistency of daghead congestion with congestion in the healvead and realime
energy markets provides a potential indicator of the degree to which the market and network model
efficiently model and manage similar conditions andgestion. For example, if a constraint is
frequently not binding in the daghead market but is in the reéime market, this may warrant further
review of how the constraint is modeled in the dalgead and realime markets. Other factors such as
loop flow and conforming of constraints may contribute to this trend.

193 Unlike the previous tables, this table includes congestion that occurred throughout2ilLaf
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Figure7.4 compares the frequency and consistency of congestion on binding constirgloencing
prices at load aggregation points2011*** Table7.5 provides a more detailed comparisofithese
data

Figure7.4 Consistency of congestion in daghead and reatime markets
7% -
H Congested in day-ahead only
6% H Congested in day-ahead and real-time
07 i Congested in real-time only
5% -
4% -
3% -
2% -

As shown irFigure?7.4, congestion was extremely low lioth the day-aheadandreaktime markets on
most internal constraintsOn many constraints, the overall frequency of congestion in theadtesad
market tendel to be slightly higher than in the reine. This may reflect the fact that in rei@he,
operators can adjust constraint limits upwards to avoid congestion if actuatirealflows are observed
to be lower than flows calculated by the market softwanéhis is discussed in more detail in Sectidn

Table7.6 provides a mee detailed comparison of the frequency and consistency of congestion on inter
ties with neighboring control areas in the dakiead and houahead markets, including:

1 The Cascade intdre was congested 32 percent of the time and the Pacific ACit@bout 26
percent in the dayahead market, primarily because of planned outages and line maintenance.

194 SPRNG GJ toMiuk 115 kV (Line) and the EXCHECQUR to LE GRAND 115 kV (Line) are not included as the impact on the

LMP is small. However, the SPRNG GJ-Mik 115 kV (Line) was 19.1 percent congested in theati@ad market alone,

1.8 percent congested in the reitne market alone and 5.3 percent congested in both. EXCHECQUR to LE GRAND 115 kV
(Line) was 1.6 percent congested in the @nead market alone, 0.9 percent congested in the-teaé market alone and
2.3percent congested in both markets.
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1 TheNevada / Oregon Border (NOB) inte¥ was congested about®percentof the time. This was
alsoprimarily because of planned outages and line maiatece.

Table7.5 Summary of dayahead and reatime congestion on internal constraints
Total Total Binding in IFM Only Binding in RTD Only Binding in Both IFM and RTD
Average Binding  Binding
. Binding Frequency Average | Frequency Average | Freq.of Avg.SP Avg. SP
Constraint Name o Frequency Frequency
Limit ] . of Shadow of Shadow Cong. IFM RTD
in IFM in RTD . . . .
(MW) Congestion  Price Congestion  Price
SPRNG GJ to MI-WUK 115kV (Line) 96 29.0% 7.6% 23.5% $11 2.1% $44 5.5% $14 $39
EXCHEQUR to LE GRAND 115kV (Line)56 18.6% 3.3% 16.3% $23 0.9% $199 2.3% $24 $74
SDGE_PCT_UF_IMP (BG) 1,540 7.4% 1.7% 6.2% $12 0.5% $158 1.2% $18 $74
LARKIN to POTRERO 115kV (Line) 155 6.9% 0.7% 6.7% $10 0.5% $854 0.2% $7 $913
IPPDCADLN (BG) 444 6.8% 2.7% 5.9% $11 1.8% $73 0.9% $11 $70
SCE_PCT_IMP (BG) 6,589 5.9% 0.4% 5.8% $6 0.3% $208 0.1% $3 $26
TMS_DLO (NG) 385 5.0% 2.7% 3.4% $65 1.2% $847 1.6% $85 $758
DRUM to BRNSWKT2 115kV (Line) 77 3.2% 0.0% 3.2% $38 0.0% . 0.0% . .
PALERMO to WYANDJT2 115kV (Line) 61 2.9% 0.5% 2.6% $20 0.2% $86 0.3% $19 $31
ULTRA JT to ULTR-RCK 115kV (Line) 31 2.2% 0.0% 2.2% $10 0.0% . 0.0% . .
KESWICK to STLLWATR 0.0kV (Line) 21 1.9% 0.1% 1.9% $23 0.1% $604 0.0% $25 $1,000
J.HINDS to MIRAGE 230kV (Line) 306 1.8% 0.7% 1.5% $17 0.4% $387 0.3% $60 $94
GRIZ JCT to BIG BEN2 115kV (Line) 65 1.8% 0.1% 1.7% $13 0.1% $77 0.1% $11 $51
BELLOTA to WEBER 230kV (Line) 309 1.6% 1.0% 1.3% $53 0.7% $735 0.3% $50 $1,000
SDGEIMP (BG) 2,188 1.6% 0.7% 1.5% $5 0.6% $376 0.1% $4 $91
BRNSWKT1 to DTCH2TAP 115kV (Line)75 1.6% 0.0% 1.6% $54 0.0% . 0.0% . .
Mira Loma-Olinda 220 kV Line (NG) 1,406 1.4% 0.6% 0.9% $28 0.1% $698 0.6% $56 $181
MISSON to POTRERO 115kV (Line) 136 1.4% 0.1% 1.4% $35 0.1% $1,000 0.0% . .
ELECTRA to BELLOTA 230kV (Line) 174 1.4% 0.1% 1.4% $170 0.0% $51 0.0% $64 $34
PATH26 (BG) 2,247 1.2% 0.6% 1.0% $7 0.4% $123 0.2% $7 $66
ROUND MT to TABLE MT 500kV (Line)1,890 1.1% 0.2% 1.0% $19 0.2% $56 0.1% $24 $28
HUMBSB_BK (BG) 52 1.1% 0.1% 1.1% $19 0.1% $281 0.0% $2 $502
T-133 METCALF (NG) 145 1.0% 0.2% 1.0% $12 0.2% $1,371 0.0% $23 $1,000
CASCADE to STLLWATR 0.0kV (Lire) 29 1.0% 0.1% 1.0% $30 0.1% $356 0.0% . .
CERTANJ2 to LE GRAND 115kV (Line) 68 1.0% 0.3% 1.0% $16 0.3% $300 0.0% $22 $118
SMRTSVLE to YUBAGOLD 0.0kV (Line)24 0.9% 0.1% 0.9% $214 0.1% $453 0.0% $24 $333
MELNS JB to VLYHMTP1 115kV (Line) 55 0.9% 0.2% 0.8% $33 0.2% $386 0.1% $34 $429
PEASE to E.MRY J1 115kV (Line) 95 0.9% 0.4% 0.6% $24 0.2% $22 0.3% $23 $28
IVALLYBANK (XF) 1,000 0.8% 0.8% 0.6% $10 0.7% $63 0.1% $3 $215
SLIC 1593828 GOLD HILL CB112 95 0.7% 0.0% 0.6% $37 0.0% . 0.0% $700 $144
RIO OSO 1 (XF) 130 0.6% 0.1% 0.6% $33 0.0% $1,000 0.0% $24 $1,109
BARRE-LEWIS (NG) 1,470 0.6% 0.5% 0.5% $15 0.4% $393 0.1% $16 $136
PATH15 (BG) 2,522 0.6% 0.0% 0.6% $7 0.0% $1,000 0.0% . .
Barre_Ellis_Overload (NG) 1,320 0.6% 0.2% 0.5% $41 0.2% $366 0.0% $5 $63
MIDWAY to VINCENT 500kV (Line) 1,492 0.5% 0.2% 0.5% $32 0.1% $516 0.1% $50 $460

Table7.6 Summary of dayahead and howahead congestion on inteties
Full Binding in IFM Only Binding in HASP Only Binding in IFM and HASP
(Import) |Total Binding Total Binding Avg. Avg.
Rating |Frequency irFrequency il Binding Shadow Binding Shadow Binding Avg. SP
Inter-Tie name (MW) IFM HASP Frequency Price Frequency Price Frequency Avg. SP IFM HASP
CASCADE_ITC 80 32.2% 18.2% 18.1% $11 4.1% $47 14.1% $15 $53
PACI_ITC 3200 26.0% 23.0% 12.1% $8 9.1% $13 13.9% $11 $16
NOB_ITC 1564 22.6% 21.0% 10.1% $7 8.5% $20 12.5% $11 $19
PALOVRDE_ITC 3328 19.0% 8.3% 13.0% $10 2.3% $19 6.0% $15 $18
MEAD_ITC 1460 13.3% 9.7% 7.3% $6 3. 7% $13 6.0% $8 $21
COTPISO_ITC 33 12.5% 5.8% 8.8% $26 2.1% $58 3.7% $23 $55
IID-SCE_ITC 600 3.7% 0.0% 3.6% $10 0.0% $47 0.0% $17 $62
ELDORADO_ITC 1655 2.1% 1.5% 1.5% $8 0.9% $25 0.6% $13 $17
SUMMIT_ITC 120 1.3% 2.0% 0.9% $75 1.5% $62 0.4% $289 $65
SILVERPK_ITC 17 0.0% 0.1% 0.0% $2 0.1% $29 0.0% $1 $76
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Day-ahead and real -time p rice differences by local capacity area

This section provides a more detailed analysis of locational price differences in tab ey and real

time markets because of congestion. Locations examined in this analysis reptesaggregation of

all generation nodes within the local capacity areas andasels used for determining local resource
adequacy requirementéee Sectiod.1.2. These areas have been identified as the major transmission
constrained load pockets in the system.

As noted above, daghead and realime prices in local capacity areas can diverge as a result of
differences in congestion between thesed markets. Table7.7 and Table7.8 show quarterly average

peak hour and ofpeak hour price differences by local capacity area, and also include the results for
different subregions within theBay Are@” and Los Angeles local capacity areas. Various shades of red
in the tables indicate areas wheeaverage monthly redalme prices were higher than deghead prices,
while various shades of blue indicate areas where average monthiimeaprices were lower.

As shown immable7.7 and Table7.8, differences in daahead and realime prices between local

capacity aeas and sulareas within each load aggregation point were very limited in 2011. This reflects
that divergences in daghead and realime priceshave been primarily driven by specific grid and

market conditions rather than congestiotowever there arespecific examples of congestion related
differences impacting the peak and gqiéak hours:

1 Inthe Bay Areghe San Francisco local capacity suba experience price divergence in the third
quarter. This was due to a forced outage on thétAV #2 115V (Bayshore to Potrero section)
cable.

1 The Sierra sularea within NP26 experienced price divergence in the last two quarters of ZDHi%
wasprimarily due to forced outages on the DreRio Oso #1 11KV line and the DrurGrass Valley
Weimar 70kV line.

1 In SP26the San Diego su@irea experienced price divergence in the first and second qrsadke
2011. This was primarily due to the South®®ONG8ranch group and the San Diego under
frequency import branclgroup.'®® Theseconstraintswere impacted byHe outage othe Imperial
ValleyNorth Gila 500 kV line artie Imperial Vallessan Mguel 500 kV lineAlso, the San
Diego/CFE import branch group was limited due to scheduled outagg®dviiguel Sycamore
CanyonrOtay Mes&30KkV line. Additional outag@s impacting the sufarea includé scheduled work
onthe North GilaHassayampa 500 kV line

1 The limit on the Humboldt branch group was conformed for grid reliability. This issueuwiliagd
in a previous technical bulletifi’

9 Price divergence occurred in the LA Basin (Westernpsed in the first quarter. The divergence is
associated with the SCE percent import branch group and the South of Lugo RV branch group. This
congestion was primarily associated with outages on thedtsPalo Verde 500 kV line, the Mira

195 The full netvork model database 55 was put into production on August 11, 2011. This incorporated the termination of

generationwithin the San Francisco Bay Area, e.g. the Potrero Generating Station Units 3, 4, 5 and 6.

196 geeTechnical Bulletin 20109-03: Local Samiego Area 25% Minimum Generation Requirement

http://www.caiso.com/2818/281883a449830.pdf
107 1n September 2010, the ISO automated the enforcement of an ufrdguency import limit in the markemnodel to meet

the 25 percent minimum generation requirement for the local San DiegoEeehnicaBulletin 201611-01 Minimum
Generation Online Commitment in Humboldt Afdavember 24, 201Mttp://www.caiso.com/2858/2858789a3c1c0.pdf
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Loma 500 kV bank, the Midwagincent #3 500 kV line, the Santa Cldmacent 220 kV line, the
Coachella Vallelpevers 220 kV line, the La Frédimson 230 kV line and the Lulyra Loma #2

500KV line.
Table7.7 Average difference between redlme and dayahead price by local capacity area
peak hours®
2010 2011

Region  LCA (Sub-Area) Q1 Q2 Q3 Q4 Q1 Q2 Q3 Q4

NP26  Humboldt -1% -3% -5% 109 47%  11%  -14% -9%
Sierra 1% 6% 1% 17% 18%  -11% 7% 0%
North Coast North Bay -1% 8% -1% 17% 13% -11% -12% -7%
Bay Area (Pittsburg) 1% 10% 1% 17% 12%  -11%  -12% 7%
Bay Area (San Francisco) 0% 11% 6% 29% 11%  -120%00024%  N/A
Bay Area (San Jose) -1% 12% -1% 18% 13% -10% -12% -7%
Bay Area (Other) 1% 12% 1% 17% 18%  -11%  -11% 7%
Stockton A% -18%  -18%  17% 13% -9% -9% -4%
Fresno 1% 7% 1% 17% 13%  -12%  -12% -6%

SP26  Kem -2% 7% 1% 18% 12%  -11%  -13% -8%
Big Creek-Ventura 19% 8% 18% 22% 15% 1% -10% -4%
LA Basin (Eastern) 16% 7% 23% 12% 10% -6% -9% -6%
LA Basin (Western) 17% 8% 21% 2690N20% 1% -10% -2%
LA Basin (Other) 17% 8% 21%  29% 12% 5%  -10% -5%
San Diego 3% 10% 16%  46000N2i% -5% -6% -4%
No LCA 2% 7% 3% 18% 13%  -10%  -14% -8%

Table7.8 Average difference between redlme and dayahead price bytocal capacity areq
off-peak hours®
2010 2011

Region LCA (Sub-Area) Q1 Q2 Q3 Q4 Q1 Q2 Q3 Q4

NP26  Humboldt 5%  36% 7% 20%  25%  27% -5% -6%
Sierra -2 NEE% -5% 16%  21%  34% 6% -3%
North Coast North Bay -aoJNE5% -4% 17% 20% 33% 1% -4%
Bay Area (Pittsburg) -2 NEE% -5% 16%  20%  34% 1% -5%
Bay Area (San Francisco) -2 NEE% -4% 17%  21%  33% 0% NA
Bay Area (San Jose) -2 5% -4% 17% 21% 33% 2% -4%
Bay Area (Other) -2 NEE% -5% 16%  21%  34% 3% -5%
Stockton -4% 30%  -20% 16% 21% 30% 6% -4%
Fresno -40/- -4% 16% 21% 34% 2% -4%

SP26  Kem -4% -4% 17%  21%  34% 1% -6%
Big Creek-Ventura 0ovd52% -2% 18% 24% 28% 1% -5%
LA Basin (Eastern) 0od52% 1% 18% 25% 29% -2% -5%
LA Basin (Western) 0o 53% -2% 19% 25% 29% -2% -5%
LA Basin (Other) 194 NE8% -2% 19% 25% 29% 1% -5%
San Diego -4 A%, -2% 23% 12% 21% 0% -5%
No LCA -390 0NE60% -4% 17% 22% 37% 0% -5%

198 seefootnote 105 This causes values in the fourth quarter in 2011 to be not applicable (N/A).

199 see footnotel05. This causes values in the fourth quarter in 2011 to be not applicable (N/A).
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7.5 Conforming constraint limits

Constraint limits in the market software are sometimes adjusted or conformed to account for
differences in flows calculated by the market model and actual flows observed itimeal The two
most common reasons to adjust transmission limits are to:

1 Acheve greater alignment between the energy flows calculated by the market software and those
observed or predicted in redgime operation across various pathBor example, operators
sometimes adjust operating limits upward to avgidantom congestioin the dayahead or real
time market. Phantom congestion refers to cases wbemgestion occurs in the market model
when the actual physical flows are below the limit in the market model. In other cases, operators
adjust constraints in the daghead market® mitigate the potential for congestion occurring in the
reaktime market

1 Set prudent operating margins, consistent with good utility practice, to ensure reliable operation
under conditions of unpredictable and uncontrollable flow volatility.

Table7.9 lists all constraints conformed in the reithe market. This table only presents the statistics
calculated for intervals in which the conforming actimoved the effective limit from the actual limit.
As shown imable7.9:

9 Atotal of 17 constraints were conformed greater than 3 percent of the time. Only nine of these
constraints were conformed in redime more than 20 percemnf the time,

1 There was strongonsistency in conforming between the heainead and realime markets in both
frequency and level of adjustment.

1 A small portion of all constraints were conformed in the fiir@le market during a significant
percentage of hours. Only 11 constraints eeonformed ovesevenpercent of the hours, with
only nine being conformed between 20 and 97 percent of the time.

9 Of the 17 constraints listed ifiable7.9 about 25 percent, or 4 constraints; were conformed only
in the upward direction to avoid congestion that was not actually occurring based on observed
flows.

 The TMS_DLO nomogram and the SDG&E import limit branch group were conformed mostly
downward. Operators tend to conform down the operating limit of these major transmission lines
G2 YFAYOGFEAY 'y FTRSIldzZ §S NBtAFOATAGE YINBAYyO®
operating limits, even when sudden unpredictable flow changes doawattime.

Figure7.10 compares the consistency of conforming limits in &k to hourahead for every interval.
This analysis indicates conforming performedhe hourahead and realime markets is consistently
applied across both markets.

Congestion in the daghead market is reviewed on a regular basis to determine the need for

O2y F2NX¥AY 3 GKS O2yaidNFAy(daQ 2 LISNbtraiktsas rarelyy A (i & ®
conformed in the dayahead market.Table7.11lists all internal constraints conformed in the dalyead
market. The majority ahe conformed hours were conformed upward to account for transmission
outages and inconsistencies between the market software and actual values.
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Table7.9 Realtime congestion and conforming of limits by constraint
Conformed upward Conformed downward
G Average Average Average Average
Flowgate name A—— Conformed conformed Congested| shadow | Conformed conformed Congested shadow

interval limit intervals price interval limit intervals price
LUGO_VINCENT (NG) 98.7% 98.6% 135 0.1% 74
TRNBAY (MSL) 61.8% 61.8% 100
T-163-Magunden-Pastoria (NG) 58.3% 58.3% 149 0.0% 95
T-133 (NG) 49.2% 37.7% 111 0.00% $40 11.5% 99 0.01% $4,133
T-151 SOL-1 (NG) 46.7% 6.6% 121 40.1% 82 0.01% $775
TMS_DLO (NG) 38.5% 38.5% 81 1.60% $918
PATH26 (BG) 36.1% 34.8% 200 1.3% 85 0.05% $23
IPPDCADLN (BG) 20.7% 20.7% 100
T-167 SOL-2 (NG) 20.0% 20.0% 106
SPRNG GJ to MI-WUK 115kV (Line) 18.8% 4.9% 106 $39 13.9% 92 0.79% $36
EXCHEQUR to LE GRAND 115KV (Line) 14.1% 11.7% 107 0.13% $47 2.4% 92 0.69% $51
PATH26_N-S 6.5% 0.1% 165 6.4% 56 0.39% $176
SDGE_PCT_UF_IMP (BG) 5.8% 4.4% 108 1.4% 93 0.13% $106
GOLD HILL #2-115kV BUS (NG) 4.1% 4.1% 82 0.00% $1,000
LARKIN to POTRERO 115KV (Line) 3.9% 3.9% 107 0.06% $956 0.0% 95
BELLOTA to WEBER 230KV (Line) 3.8% 2.6% 113 0.02% $535 1.2% 93 0.24% $1,070
PLACER to BELL PGE 115KV (Line) 3.0% 2.9% 120 0.1% 94

Table7.10

Conforming of constraint limits in houahead and reatime markets

Conforming in

Conforming Level Matcl

Conforming Level Doe
not Match in RTD and

Avg. Conforming Level Matc Avg. Conforming Level Does n

Flowgate name RTD in RTD and HASP HASP in RTD and HASP (%) Match in RTD and HASP (%

SPRNG GJ to MI-WUK 115kV (Line) 13.9% 11.5% 2.4% 95 92
EXCHEQUR to LE GRAND 115kV (Line)10.5% 8.2% 2.3% 104 100
SDGE_PCT_UF_IMP (BG) 4.7% 4.3% 0.4% 104 102
PATH26 (BG) 4.3% 3.6% 0.7% 178 90
BELLOTA to WEBER 230kV (Line) 2.7% 2.4% 0.3% 105 96
TRNBAY (MSL) 2.6% 2.6% 100 100
LARKIN to POTRERO 115kV (Line) 2.3% 2.0% 0.2% 109 107
VICTVL (BG) 2.2% 1.4% 0.8% 89 88
KESWICK to STLLWATR 0.0kV (Line) 2.1% 2.0% 0.1% 187 129
SCE_PCT_IMP (BG) 2.0% 1.8% 0.2% 107 106
SUTTEROBANION (BG) 2.0% 2.0% 0.0% 100 100
IVALLYBANK (XF) 1.9% 1.7% 0.3% 86 85
MONAIPPDC (MSL) 1.6% 1.6% 100 0

MKTPCADLN (MSL) 1.6% 1.6% 100 0

ADLANTOSP (MSL) 1.6% 1.6% 100 0

IPP-IPPGEN (MSL) 1.6% 1.6% 100 0

PENSQTOS to MIRAMRTP 9.0kV (Line) 1.5% 1.4% 0.1% 114 102
CASCADE to STLLWATR 0.0kV (Line) 1.5% 1.4% 0.1% 122 119
PALERMO to WYANDJT2 115kV (Line) 1.2% 1.2% 0.1% 125 127
IPPDCADLN (BG) 1.2% 1.1% 0.2% 100 100
CERTANJ2 to LE GRAND 115kV (Line) 1.0% 1.0% 112 89
SDGE_CFEIMP (BG) 1.0% 0.8% 0.2% 102 94

Annual Report on Market Issues and Performance

145



Department of Market Monitoring, California ISO April 2012

Table7.11 Conforming of internalconstraintsin day-ahead market

Average Average
Conformed  conformed Congested shadow
Constraint hours limit intervals price
LARKIN to POTRERO 115kV (Line) 1.6% 113
MISSON to POTRERO 115kV (Line) 0.9% 117
EXCHEQUR to LE GRAND 115KV (Line) 0.5% 104
BELLOTA to WEBER 230kV (Line) 0.5% 160
PITSBRG to TBC 230kV (Line) 0.3% 120
WEBER to TESLA E 230KV (Line) 0.3% 160
ULTRA JT to ULTR-RCK 115kV (Line) 0.3% 110 0.02% $1

7.6 Transmission infrastructure changes

In 2011, a variety of notable transmission infrastructure changes were made within and impacting the
ISO balancing aré&. Themore significant upgrades or additions are described below:

T

Hoodoo Wash New 5KV SuHoop andthe North GilaHassayampa 50KV linewere added and
form two new 500kV lines (HassayamyprdoodooWash and HoodooWadtorthGila). These
additions begarmperation in mid-Decembeiand connecthe 290 MW Agua Caliente project.

John DayGrizzly #1 and #2 500/linesas part of the Californi®regon Intertie (COI),800MW and
Pacific DC Intertie (PDC|1@0 Projectvere completed in the first quarterRelated wok included
the Malin 500kV SubReplace Series Capacitors at Malin on MBRidundMountain #2 50KV line.

Phase one of a foyshase longerm program to facilitate the export of renewable energy from
Imperial Valley, the Midwaannister 23KV generatia tie projectwas completedn mid-March.
Thisconsisted of building 8.5 miles of 230 kV single circuit transmission line (prepared for double
circuit) fromthe Midway substation to the Salton Sea geothermal ar€he project also includes

the expansiorandupgrade of the existing 11D Midway Substation #mel3.5mile generator tie to

the planned Geothermal Generation Facility.

The GatesGregg 230 kV substation upgrade project was completedidMarch This completed
the GatesGregg 23V line and cnductor upgrade and installation of new line relays at Gates,
Gregyand Henrietta.

In early Augusthe Hassayamp®lesquite #2 new 508V transmission line was completedhis is
the first phase of project to bringn 150MW of solar power The projetwill eventually support
upto 700MW.

110

See information provided by the ISO Transmission Planning group:

http://www.caiso.com/planning/Pages/TransmissionPlanning/Default.aspx
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