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Executive summary

TheL { h Q& comtidNkd® perform efficiently and competitivelgverallin 2012. Key highlights of
market performancenoted in this report by theDepartment of Market Monitoring (DMMpclude the
following:

1

Total wholesalelectric costs fell by 2 percent. However, natural gas prices dropped almost 30
percent, so that ISO prices were higher after accounting for lower gas prices. This increase was
driven by a combination of higher loadsyer hydro-electricsupply,over 2000 MW ofnuclear
generationoutagesandincreasedcongestion.

Overall prices in the ISO energy markets over the course of 2012 were about equal to what DMM
estimateswould result under highly competitive conditionsbout 97 percent of system load was
scheduled in the dayahead energy market, which continued to be highly efficient and competitive.

Average reatime prices were driven higher than dajpead market prices during some periods by
relatively infrequent but high price spikes. Rtale prices spiked over $250/MWhin about 1
percent of 5minute intervals with many of these spikes being driven by congestion

Other aspects of the markets performed well and helped keep overall wholesale costs low

T

The 1SO implemented new automated local maipe@iver mitigation procedures in the deghead
and reaitime software that mitigated local market power very effectively and accurately. This
helped keep prices at competitive levels during most peak summer load periods.

Ancillary serviceosts totaled 84 million, orabout 1 percent of total energy stscompared to
about 2percentin 2011. This decrease waartly driven by the decrease in natural gas prices and
increaseduse of limitedhydro supplies to providepinning reserves rather than energy.

Bid cost recovery payments total&l04 million, or aboutl.3 percent of total energy costs in 2012,
compared to 1.5 percent in 201Rbout half of thesgpayments resulted from unitsommittedto
operateto meet speciatapacity relatedeliability requiements.

Exceptional dispatches, out-of-marketunit commitments and energy dispatchissued by 1ISO
grid operatordo meet constraints noincorporatedin the market softwareincreased from 2011
but remained relatively low. Energy from exceptional dispes totaled bout 0.53 percent of total
system energy in 201é@mpared to 0.40 percent in 2011

Although the volume of energy from exceptional dispatches increabedalbovemarket costs
resulting fromthesedispatclesdecreasedrom $43 million in 211 to $4 million in 2012.These
costs decreaselecause more aheseexceptionaldispatches werenade to manage congestion on
uncompetitive constraints and were therefoseibject to bcal market power provisiona the 1ISO
tariff.

Congestion increasesignificantly in 2012largely as the result of new reliability constraints
incorporatedin the market models and outages of tBan Onofre Nuclear Generating StatiSONG
units. This congestiompacted market performance imumerousways
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1 Congestin within the ISO systemesultedin an increasén price divergence betweeaoverall
locational market prices ithe dayahead, hourahead and realime markets. Reaidtime congestion
was typically higher than in the dahead market as a result of redumtis in transmission
constraint limitsmadein response to power flows observed in ré¢iahe.

1 Congestion also drove reaime market revenue imbalancéharges allocated to loaderving
entitieshigher. Theselargesincreasedrom $28 million in 2011 t§186 million in 2012¢r about
2 percent of total wholesale costs.

1 Convergence (or virtuabidding inflated theseealtime congestiorimbalances by increasing the
volume of transactions settled at higher reahe congestion prices.

1 Almost allof the $5 million in netprofits receivedby virtual biddersresultedfrom divergences of
day-ahead and realime congestiorassociated with changes in reductions in transmission flow
limits after the dayahead market In 2011, most profits received by virtuatithers resulted from
divergence in system energy pridestween the dayahead, houwrahead and realime markets

This report also highlights key aspects of market performance and issues relating to longer term
resource investment, planning amdarket desgn.

1 About 700 MW of peak generating capacity from renewable generation was added in 2012. Energy
from wind and solaresourcedirectly connected tdhe ISO grigbrovided slightly more than 5
percent of system energy, compared to 3.9 percent in 2011.

1 Enegy fromnew wind and solar resources is expected to increase at a much higher rate in the next
fewd SIF NB & | NBadzZ G 2F LINRP2SO0Ga dzyRSNJ O2y ad NUzOG A
standards. This will increase the need for flexildad fast rampig capacity that can bdispatched
by the ISO to integrate increased amounts of intermittent enaffigienty and reliably

1 Over 1300 MW of new ga$ired generation was added in 201Rlowever, he estimated net
operating revenues for typical new gheed generationg excluding revenues fromesource
adequacy contracts or other bilateral contragtsemainedsubstantially below the annualized fixed
cost of new generation.

Net operating revenues for margif not mostc older existing gafired generaion are likely to be lower

than the goingforward costs of these unitsA substantial portion of this existing capacigylocated in

transmission constrained areas and is needed to meet local reliability requireraidts ensure

enough flexible capagitexists to integrate the influx of new intermittent resourcédost of this

capacity will alsmeed to be replaced or repowered to comply witteth G I 4§ SQ& NBaINAROUA2Y a
oncethrough-cooling. This investment is likely to require some form ofdenterm capacity payment

or contracting.

¢CKS adFiSQa NBaz2dz2NOS | RSIljdza O& -eiNiapabltyroddmgeittdA y dzSR
mechanism. However, it has lmene increasingly apparentthéit K S & G I (G S Qaar dbelaiNBy & 2y S
resource adequacgrocess is not sufficierto ensure that sufficient flexible generation vk kept

online over the next few years to reliably integrate the increased amount of intermiteeréwable

energy coming online.

Annual Report on Market Issues aRdrformance 2



Department of Market Monitoring, California ISO April 2013

The ISO and the California Public Utilities @asion (CPUCPntinuedto addresgheseresource
adequacy issuethrough several initiatives in 20120ne initiative involvedevelopment of specific
requirements for flexible generating capacitgeded to integrate increasing amounts of intermittent
renewable generation into the ISO system. The ISO and CPUC are also collabomfingoass and
discussionghat could lead to incorporation dheseflexibility requirementsinto amulti-year ahead
resource adequacgrocessor centralized capacity marke

DMM is highly supportive dhese initiativesas wagofA Yy ONB I aAy3 (GKS SFTAOA

procurement processand RRNBaaAy3a (KSasS {Seé& 3l L&A TFhyeeldyKkS
recommendations provided by DMM on thesapadty procurementinitiativesare highlighted below.

9 Hexible capacity requiremeniacorporated inthe longer term procuremenprocessshouldensure
that sufficientflexible capacity is procured to me¢te L { Hifiefient market andoperational
needs This includes needseing addressed though tHeminute flexible ramping product and 30

minute contingency response constraint being developed by the Fible capacity requirements

yO?
Q1S

™ NN

usedinlongi SNY LINP OdzNBYSy (i aK2dzZ R debtedinarkdB Ol f & o6 &SR

requirements forthesedifferent dimensions of resource flexibility

1 IS0 ruleshouldinclude mustoffer and market power mitigatioprovisions ensuring that flexible
capacity procuredeveral years in advance is available aad be effectiely utilized to meet the
L { h Q-to-ddy market or operational requirementd hesetariff provisions should explicitly
include future market requirements for the flexible ramping product aner80ute contingency
response constraint being developed InetlSO.

1 A welldesigned centralized capacity market may offer sevadabntagesompared to continued

relianceonthe8 I 1 SQ& NI & 2 dzNI SA chpachyjnizkedday pidkiledaNdore @liable

and efficient mechanism forrpcuring portfolios ofresources thatover thedifferent attributes of

Tt SEAOATAGE YSSRSR (2 YSSi iaidBaybembr@aiiicientand] S i

easier tocoordinatein a centralized marketA capacity market may also provide a more efficient
mechanism ¢ encourage demand response and other options for meeting local reliability
requirements in transmission constrained argaswhich a large portion of existirgasfired

OF LJ OAGe Ydzad 0SS NBLX F OSR 2 NJ NB( NBrgughicablhdg o 2

Total wholesale market costs

Total estimated wholesale costs of serving load in 2012 werklsion or just under $8/MWh. This
represents a decrease of aba2ipercentper megawatthour from a cost obver $36/MWh in 2011.

While eletricity prices decreased slightly, natural gas prices decreakedst 30 percentn 2012*
Much of this decrease occurred in the first half of the year. After accounting for lower gas piidiels,
estimates thatotal wholesale energy costs increasednfr@33/MWh in 2011 t@mver $42/MWh in
2012, representing an increase of ové@rcent in gasiormalized prices.

Y n this report, we calculate average annual gas prices by weighting daily spot market pricesdigltt®Q system loads. This
results in a price that is more heavily weighted based on gas prices during summer months when system loads are higher

% Gas prices are normalized to 2009 prices.
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A variety of factors contributed to the increase in g@smalized total wholesale costs in 2012. As
highlighted in this reportmajor factosthat contributed to higher prices include:

1
T
T
1

higher average angeak summefoads;
lower in-state hydro-electric generation;
outages ofover 2,000 MW of nucleageneration and

increased congestiowithin the ISO

In addition to lower natural gas priceseveral other factors helped keep prices lower. These include:

T
1
1
T

increased imports from the Southweashd the Northwest
additions ofover 2,000MW of new generation capacity;
high dayahead scheduling relative to actual loadsd

more effectivemitigation of local market poweduring high load periods.

Figure EL shows total estimated wholesale costs per MWh from 2009 to 2012. Wholesale costs are
provided in nominal termgblue bar) as well as after normalization for changeswerage spot market
prices for natural gag/ellow bar) The green lineepresentshe annual average natural gas pried
shows the correlation between the cost of natural gas and the total wholesale costs.

Figure EL Total ennual wholesale costs per MWh of load (20@®12)
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Market competitiveness

Overall wholesale energy prices were about equaldmpetitive baseline prices DMM estimates would
result under perfectly competitive conditions. DMM calculates competitagebne prices by re
simulating the market using the actual daliead market software with bids reflecting the marginal cost
of gasfired units. Figure 2 compareghis price to actual average systemide prices in the daghead
and 5minute realtime markets. When comparing these prices, it is important to note that baseline

prices are calculated using the dalgead market software, which does not reflect all system conditions
and limitations that impact reaime prices.

Asshown inFigure B, prices in thedlay-ahead marketvere about equal to the competitive baseline
pricesin most months, but exceeded this baseline price by about 7 percent in the peak load month of
August High prices in Augustere driven byhigh congestioron constraints in Southern Califorpia

along with peak loadanduncompetitive bidding by some market participantdnder these conditions,
high pricescan result sinca limited set of resourceare available to resolve tr@smission conditions

In the realtime market, aerage systenwide prices were lower than the competitive baseline in 2012

in most months except for April, May, August and Septembethdmpeak month oAugust,highreal

time prices were driven by congdon impacting Southern California priaegated to peak loads
unscheduled flowsindwildfires. In the realtime market, congestion typically causes prices to rise more

sharply than in the daghead market because thereasnuch morelimited set of resources available to
resolve the transmson conditions

Figure 2 Comparison of competitive baseline with daghead and reatime prices
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¥ DMMwas unable to rerun mostave cases iBecember dued software system limitations.
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As discusseth sections of this report on market power mitigatiorew local marlet power bid

mitigation proceduresmplemented in 201elpedkeep pricescompetitiveby very effectively
mitigating the exercise of local market power. In August, the 1ISO also gained approvah&éimderal
Energy Regulatory Commissi)iERto expandmarket power mitigation provisions applicable to
exceptional dispatchessued to unitsieeded to meet special reliability requirements not incorporated
in the realtime market modef. This expansion of mitigatidior exceptional dispatches furtheleters
uncompetitive bidding in the daghead and realime energy marketby unitsfrequentlyneeded to

meet these special reliability requiremerits

Energy market prices

System energynces were lower in the first half of the year arabe notablyduring the second half of
the year. This is primarily attributable tioe increase imatural gas prices during theear. Higher loads
and lower hydro supplies also contributed to higher prices in the last half of the fgure B and
Figure 1 show average quarterly system energy prices in the three energy markets for peak and off
peak hours, respectivefy Exceptfor peak hours in the second quartelifferences imaverage day

ahead andeattime pricesin 2012 werdow, indicating anmprovementin system energy price
convergence compared ®011. Average prices in the howtheadmarketcontinued to diverge from
day-ahead and realime prices for sustained periods in 2012.

One of the ky factorsdrivingdivergenced S 6 SSy | @SNI 3S LINA OS&a Ay GKS
has been the occurrence of relatively infrequent eutremdy high eaktime price spikesFigure E5

shows the frequencyf different levels of price spikéis aggregate loadreapricesby quarter, over the

past two years The frequency of realime price spikefias been similar over the lasto years with

about 1 percent of realime prices exceeding $250/MWh. In tfeurth quarter of 2012, the frequency

of price spikes remained high, but the level of these prices decreased.

While system energy price convergence improved betweenradeaad and realime prices in 2012,
congestion increased significantlyfhisresulted in a continued divergence in the total locational
marginal pricebetween the dayahead, houahead and realime markets. Almost allprofits received
by convergence bidithg positions in 201%ere associated with congestiorin 2011, almost all profits
received by virtual bidders resulted from divergence in system energy prices

4 { S Excéptional Dispatch and Residual Imbalance Energy Mitigation Tariff AmerddmEBER@ocket No. ER12539-000,
August 282012 at: http://www.caiso.com/Documents/August282012ExceptionalDispatch
ResiduallmbalanceEnergyMitigationTariffAmendmBuaicketNoOER12539:000.pdf

® Additional discussion of this issue i®pided in Sectiol.3.20f this report.

®In previous reports, DMM used the Pacific Gas and Electric area price to highlight price trends. However, since congestion
increased in 2012, DMM has switched its price analysisaayistem marginal energy price, which is not affected by
congestion or losses.
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Figure B5 Price spike frequency by quarter
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Convergence bidding

Virtual bidding is a part of thEERGtandard market design and is in place at all other ISOs with day
ahead energy markets. the CalifornialSOmarket, virtual bidding is formally referred to as
convergencdidding The ISO implemented convergence bidding in theatagad market on February
1, 2011. Virtual bidding on inteties was suspended on November 28, 201lhus, 2012 represents a
full yea with virtual bidding within the 1ISO system but not at the intieis.

When convergence bids are profitable, they may increase market efficiency by improviabekay unit
commitment and scheduling. Convergence bidding also provides a mechanismtitipgats to hedge
or speculateagainstaverageprice differences in the two following circumstances:

9 price differences between the daghead and realime markets; and
9 congestion at different locations.

Total netrevenuespaid to entitiesengaging irconvergence biding totaled ove$56 million in2012

Most of these net revenues resulted fromfifsetting virtual demand and supply bids placed by
participants at different internal locations that are designed to profit from higher congestion between
these Ications in reatime.

This type of ffsetting internalsupply and demand@idsplaced by the same participantpresented over
55 percentof allacceptedvirtual bids in 2012, up fror85 percentin 2011. The increase in both the

" See 137 FERC 1 61,157 (20dgepting and temporarily suspending convergence bidding at the-figgisubject to the
outcome of a technical conference aadurther commisgn order. More information can also be found under FERC docket
number ER1:4580-000.
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quantity and net revenuesf offsetting internal virtual bidgkely stemsfrom the increasedlifferences
in congestion between the daghead and realime marketsin 2012 Frequently, theseffsettingbids
were placedat points that increased market floves) transmission paths lch had limits reduced in
reaktime relative to the dayahead market. As a result, thegietual bids substantially contributed to
increasing reatime congestion revenue imbalangaid by loadserving entities.

5aaQa [Iinfdicatestrimtimbdst convergnce bidding activity was conducted by entities engaging in
pure financial trading that do not serve load or transact physical supply. These entities accounted for
almost $50 million (90 percent) of the totaét profits received by virtual biddems 2012. Table EL
compareghe distribution ofconvergence bidding volumesd revenues among different groups of
convergence bidding participants. The trading volumes show cleared virtual positions along with the
corresponding revemes in millions of dollars.

For this analysi€§MM has defined financial entities participantswho control no physical powerdo

not serve any load, angarticipatein only the convergence bidding and congestion revenue rights
markets. Entities inclded in the fhysical generdbn and physical load categoripamarily participae

in the ISO as physical generators and tsadving entities, respectively. Marketers include participants
on the interties and participants whose portfolios are not printafocused oreither physical opurely
financial participation in the ISO market.

As shown ifmable EL, financial participants represent the largest segment of the virtual market,
accounting for about 64 percent of volumes armbat 90 percent ohet revenues. Marketers represent
about 30 percent of the trading volumes and 11 percent ofriberevenues. Generation owners and
load-serving entities represent a small segment of the virtual market both in terms of volumes and in
terms ofnet revenues (less than 5 percent).

Table EL Convergence bidding volumes and revenues by participant type (2012)
Average hourly megawatts Revenues ($ millions)
Trading entities Virtual Virtual Virtual Virtual
demand supply ek demand supply i
Financial 1,049 757 1,807 31.2 18.7 49.9
Marketer 467 374 841 6.8 -0.3 6.5
Physical Generation 61 70 131 18 0.0 1.8
Physical Load 8 36 45 -1.1 -0.5 -1.6
Total 1,586 1,238 2,823 38.7 17.8 56.5

Local market power mitigation

In April 2012 the ISO implemented a nemethod for mitigatingocal marké power in the dayahead
andreaktime markets. These new market power mitigatiggrocedureswere put to the test under
challenging market and system conditions in 2012.

During the summer monthshe potential forthe exercise oflocal market poweimn Soudhern California
increased substantially due to relatively tight supply and demand conditions, frequent congestion and
an increase in the portion of capacity offered at uncompetitively high bid pritles.new mitigation

Annual Report on Market Issues and Performance 9



Department of Market Monitoring, California ISO April 2013

procedures limited local market peer effectively and accurately. Four specific indicators of the
effectiveness of the performance of these new procedures are discussed below.

The new mitigation procedures helped keep prices significantly lower in high load hours, when the
potential forlocal market power was highesburing the highest load days of the summer months,
mitigation was frequently triggered by congestion into tteuthern CaliforniaEdisonand &inDiegoGas
& Hectricareas. When mitigation was triggered in the SCE aresage peak hour prices remained
below $100/MWh or about 10 to 35 percent less than would have resulted without mitigation.

The new mitigation procedures resulted in more accurate projection of congestion in thatdsd

market This is important since tigation is triggered only when congestion is projected to occur in this
pre-market process. This new method predicted congestion in theati@ad market with over 90
percent accuracy, compared to 45 percent under the previous method. This improverflents¢he
factthat these new premarket procedures incorporate all bids used in the-dhgad market, including
convergence (or virtual) supply and demand bids.

These new procedes also resulted in more accurate classification of-nompetitive constrants.

'YRSNJ GKS L{hQa LINA2NJ YAGAILIGAZ2Y | LILINRI OKZ (GKS
was assessed based on planning studies done months in advance and many constraints were not eligible
to be deemed competitive. With the new methgatthis assessment is performed automatically by the

market software based on actual system and madatditions. Using this approach, the accuracy with
which constraints are classified as either competitive or uncompetitive has increased from about 30
percent to 90 percent.

Thenew mitigation approach essentially eliminates unnecessary mitigation, or bid mitigation when
structural local power market does not exiSthe new mitigation approach applies bid mitigation only

to resources that can directly lieve congestion on a constraint found to be roompetitive. As noted
above, the new prenarket mitigation procedures identify very accurately when congestion would occur
and when transmission constraints were uncompetitive under actual market conditibhngs, the new
method has almost completely eliminated the triggering of bid mitigation when the potential for local
market power does not esti

As discusseth other sections ofhis report, local market power provisions applicable to exceptional
dispaches were also highly effective in mitigating local market power by resources needed to meet
special noamodeled reliability requirements.

Ancillary services

Ancillary service costetaled about $84 million in 2012, representing a 40 percéatrease fron 2011.
Ancillary service prices were lower in 2012, driving the decrease in overallldosprice decrease is

likely due to relatively low natural gas costs and an increase in the provision of spinning reserves from
hydro-electric generators, compadesto 2011.

As shown irFigure B, ancillary service costs decreased to $0.36/MWh of load in 2012 from
$0.63/MWh in 2011. This representslecrease in ancillary service costs to about 1 percent of total
energy cats in 2012 from 1.9 percent of total energy cost in 2011.
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Figure B6 Ancillary service cost as a percentage of wholesale energy cost
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Exceptional dispatches

Exceptional dispatches are instructions issued by grid operatoes Wie automated market
optimization is not able to address particular reliability requirements or constraiftese dispatches
are sometimes referred to amanualor out-of-marketdispatches The ISO has made an effort to
reduce exceptional dispatchéy refining operational procedures afmtorporating additional
constraints into the market model that reflect reliability requirements.

Total energy from all exceptional dispatches increased ir2, 2@ding from 0.40 percent in 2011 to 0.53
percent of sykem load in 2012.The following is shown iRigure EZ:

1 Minimum load energyrom units committed through xceptional dispatches averaged aboutMBv
per hour in both 2012 and 2011 his represents abo@5 percent of energy from exceptional
dispatches in 2012.

1 Exceptional dispatches resulting in enftsequence reatime energy with bid prices higher than the
market prices accounted for an average of about 52 MW per hour in 2012, up from 22 MW in 2011.
This incease was primarily the result of more exceptional dispatches made to position units at a
level where they could provide more upward ramping capacity.

1 About 20 percent of the energy above minimum load from exceptional dispatches cleared in
sequence, meang that their bid prices were leshdn the market clearing prices.

Although energy fronexceptionaldispatches increasedhé¢ abovemarket costs of all exceptional
dispatchegdecreasedrom $43 million in 2011 to $4 million in 2012. Thisdecrease in cds reflects the
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fact that a much larger portion of exceptional dispatch energy in 2012 was to manage congestion for
non-competitive constraints and therefore subject to local market power mitigation provisions.

As discussed in Chapter 6, these mitigafoovisionsmitigated about$227million of coststhat would
have otherwise resultd fromthe need to dispatch extremely high priced bids in theteae marketto
meet special reliability requirementsot incorporated in the market softwareAsnoted in Chapter 10,
the ISOhas aninitiative underway to incorporate these requirements in the market software and
provide compensation for resources helping to meet these requirements.

Figure EZ Average hourly energy from excepti@hdispatches
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Out-of-market costs

There are multiple forms of otdaf marketcosts incurred in the ISO marketghich arenot directly paid
to generators or collected from loagkrving entities through market clearing pricédost of these costs
are ultimately allocated to loagerving entities through various chargesmetimes referred to as
uplifts. While some of thee costsareincurredfor reliability purposessome of these costsdve been
the result of inappropriate participant behavior inconsstenciesbetween the dayahead and realime
market models.These costsnclude the following categories:

9 Bid cost recovery payments;

1 Reaitime imbalance offset costs;

1 Realtime exceptional dispatch costand
1

Other reliability costs including reliabylimustrun and capacity procurement mechanism costs.
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Bid cost recovery payments

Generating units are eligible to receive bid cost recovery payments if total market revenues earned over

G§KS O2dzNBS 27F |
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recovery payments can indicate inefficient unit commitment or dispatdbwever, & described below,

It

a large portion of bid cost recovery payments in 2012 were incurred in order to meet special reliability
issues that requiréaving units odine and ready to ramp up in the event of a contingency.

Figure BB provides a summary of total estimated bid cost recovery payments in.Z0A@sepayments
totaled around $104 million or abod.2 percent of total energy costs. This compares to a total of $126

million or about 1.5 percent of total energy costs in 20dr1a decrease of about 17 percent from 2011

DMM estimates that units committed due to minimum online constraints incorpatatethe dayahead

energy marketo meet special capacigased reliability requirementaccounted for $22 million or over

20 percentof total bid cost recovery payments in 2012.

Approximately$26 million or about 25 percemf the reattime bid cost reovery payments 2012
stemmed fromunits committed through exceptional dispatch&s meet otherspecial capacitpased

reliability requirements.

Figure BB

Bid cost recovery payments
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Real-time imbalance offset costs

The realtime imbalance offset charge tise difference between the total money paid out by the ISO
and the total money collected by the ISO for energy settled at{atviad and Sninute market prices.
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The charge is allocated as an uplifidad-serving entitiesand exporters based omeasuredsystem
demand.

The reaitime imbalance offset charge consists of two components. Any revenue imbalance from the
energy and loss components of heainead and 5ninut reattime energy settlement prices is collected
throughthe reaktime imbalance energy offset char@RTIEO). Any revenue imbalance from just the
congestion components of these retghe energy settlement prices is recovered through thakttime
congestion imbalance offset charRTCIO).

Total reattime imbalance costs for energy and congestion were about $236 million in 2012, compared
to $165 million in 2011 As sownin Figure B this was primarily attributable to increases in the real
time congestion imbalance offset costs, ainirose from $28 million to $186 million. i¥mcrease was
driven primarily byhigh realtime congestion prices on constraints whose flow limits were redafet

the dayahead market.In most cases, these limits were reduced to account for unschediaoed

observed in reatime. In Chapter 3 of this report, DMM describes a method that might be used as a
framework for allocating these revenue imbalances more equitably.

Reaitime imbalance energy offset costs decreased from $137 million in 20110ton$iBon in 2012, the
lowest yearly value since the nodal market began in 2009. The decreasetimeahbalance energy
costs in 2012 was primarily driven by the suspensiorirtual bidding on inteties in December 2011.

Figure B9 Realtime imbalance offset costs

$140 - . o
H Real-time congestion imbalance offset cost

$120 | ® Real-time energy imbalance offset cost

Total cost (S millions)

‘@ $100 - 2010 2011 2012
2 Energy $79  $137 $50
€ $80 - Congestion $23  S$28 S186
‘f/ Total $102 $165 $236
%)

8 $60 -

s

L2

$40 -
) _i o

Q1 Q2|Q3|Q4|Q1|Q2|Q3|Q4|Q1|Q2|Q3 Q4
2010 2011 2012

Real-time exceptional dispatch costs

Realtime exceptional dispatch costs, also known asau$equence costs, decreased from just under
$12 millionin 2011to around$8 million in 2012. Although the amounf exceptional dispatch energy
increased in 2012, the abowearket cost of this energy decreased because a larger portion resulted
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from dispatches to maage congestion omncompetitiveconstraints and was therefore subject to
mitigation.

In August.the ISOalsoamendkd its tariff to expananitigation of ppyments for exceptional dispatches
to include all reatime exceptionaldispatches needed to ensure thatesourceis operating at its
minimum dispatchable levél As previously noted, these mitigatigmovisions avoided abo#227
million inabovemarketcosts that would have otherwise been incurred as a result of the need to
dispatch extremely high priced bids in the riade market to meet special nemodeled reliability
requirements.

Other reliabili ty costs

Other reliability costs include reliability musin and capacity procurement mechanism cogcause
load-serving entities procure most of the needed local capacity requirements thrthegtesource
adequacy program, the amount of capacity amsts associated with reliability musgin contracts
reduced notably in 2011 and 2012, compared to the previous yédrese costs totaled around $7
million and $6 million in 2011 and 20X2spectively.

However, while reliability mustun payments remaied low, capacity payments related to the capacity
procurement mechanism increased. The increase in the capacity procurement mechanism payments in
2012 were directly related to the outages of San Onofre Nuclear Generating Siaiisr2 and 3which

were offline foralmostall of 2012 due to a combination of planned and forced outages as well as for
testing of critical systems.

These combined outages created local reliability concerns. In response $OINS 8utages, the 1ISO
used itscapacity procurerant mechanism to procure a total capacity of 966 MW at a cost of ap2it
millionin 2012 In 2011, capacity procurement mechanism payments totaled around $1.5 million.

Resource adequacy

¢ KS L { mesolrceNlegiuBic® Arovisions require lestvingentities to procure adequate

generation capacity to meet 115 percent of their monthly forecast peak demand. The capaoiimt

offered into the market each day depends on the actual availability of resources being used to meet
these requirements. For arple, thermal generatioavailabilitydepends on forced and planned

outages. Hydro, cogeneration and renewable capaciiailabilitydepends on their actual available

energy. The amount of capacity from these endigyted resources that can be useditweet resource
adequacy requirements is based on their actual output during peak hours over the previous three years.

Chapten9in this report provides an analysis of the amount of resource adequacy capacity actually
availabé in the ISO market durirgD12 peak hours This analysis shows th&source adequacy
capacityavailabilitywas relatively high during the highest load hours of each month. During the peak
summer load hours, about 91 percent of resource adequacy capaeis available to the deghead
energy market. This is approximately equal to the target availakghslincorporated in theresource
adequacy program and similar to the results in prior years.

8 { S Excéptional Dispatch and Residual Imbalance Energy Mitigation Tariff AmerddmEBER@ocket No. ER12539-000,
August 282012 athttp://www.caiso.com/Documents/August282012ExceptionalDispatch
ResiduallmbalanceEnergyMitigationTariffAmendmBuaicketNoER12539-000.pdf
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mechanism.Capacity made available under the resource adequacy program in 2012 was mostly

sufficient to meet systenwide and local area reliability requirementklowever,because othe two

SONG@anit outages and potential local contingencies in certain areas, the ii8@eased reliancen

meeting local reliability requirements through th®Ocapacity procurement mechamsprovisions

However, it hadecomeincreasingly apparentthat KS & (i I (i S QaarabDedaNddsBuycaé 2y S
adequacyprocess is not sufficiertb ensure that sufficient flexible generation will be kept online over
the next few yearsd reliablyintegrate the increased amount of intermittemtind and solaenergy
coming online.Thisissue is disgssedfurther in the following section and in the secti®im this report
summarizing DMMR i@commendatioss.

Generation addition and retirement

California currently relies on lorgrm procurement planning and resource adequacy requirements

placed on loaeserving entities by the CPUC to ensure that sufficient capacity is available to meet system
and local reliability requirements. Trends in the amount of generation capacity being added and retired
eachyear provide an indication of the effectiveness of thalifornia market and regulatory structure in
inceniing new generation investment.

Figure ELOsummarizes the quartertiyends in summer capacity additions in 2012 and planned
additions in 2013. Over 3,000 MWradw nameplate generation began commercial operation within
the 1ISO system in 2012, contributingdeer 2,0 MW of additional summer capacity. This included
over 1300 MW of new gadired capacity and about 2,000 MW of nameplate renewable generation,
which addedabout 700 MW of summer capacity.

In the coming years, the ISO anticipates construction of several thousand megawatts of new nameplate
NEySeéloftS ISYSNIdAaAz2y (2 YSSi K Sover 13000MB/@fgaso o LISNDS
generation camenline in 2012 andver 2,000 MW is anticipated in 2013, much of the generation

expected going forward will be renewable. As more renewable generation comes online, the ISO has
highlighted the need to backup and balance renewable generation with thidiflxof conventional

generation resources to maintain reliability.

Underthe CalifornialS@ a Y I NJ S RS & A Jfgf Existing afdizlew units kriiicalfor O 2 a G &
meeting reliability needs can be recovered through a combination ofteng bilateral contracts and

spot market revenues. Each year DMM analyzes the extent to which revenues from the spot markets
would contribute to the annualized fixed cost of typical new-fijgesl generating resources. This
represents a market metric tracked by BIOs and FERC.

° More information on renewable integration can be found here:
http://www.caiso.com/informed/Pages/StakeholderProcesses/IntegrationReat#aResources.aspx
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Figure ELO Generation additions by resource type (summer peak capacity)
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Results of this analysis using 2012 prices for gas and electricity show a decrease in net operating
revenues for hypothetical new gasits compared to 2010. The 2012 net revenue estimates for
hypothetical combined cycle and combustion turbine uciistinued to fallsubstantially below the
estimates of the annualized fixed costs for these technologies. For a new combined cycietunit,
operatingrevenues earned from the markets in 2012 are estimdtetde about $38/kWyear in
Southern California, compared pmtential annualized fixed costs of $176/k\e¢ar.

Under current market conditiongdditional new generic gd#red capacity des not appear to be

YySSRSR |G GKA&a GAYSO | 26 SOSNE | & dzo &-firdd yapdeity . LJ2 NJi
is located in transmission constrained load pocketsianteeded taneet local reliability requirements.

Much of thisexistingcapacityis also needetb provide the operational flexibilityequiredto integrate

the large volume of intermittent renewable resources coming onliHewever, this capacity must be

retrofitted or replaced to eliminate use of orterough cooling technalgy over the next decade.

C2NJ YlIye SEA&GAY3I NBaz2dNOSazr ySi 2LISNIGAYy3a NBOSYdz
costs. Tis capacity increasinglyuneconomic to keep availabte retrofit without some form of

capacity paymentThis hghlighsd S@SNI t 1Se& f AYAGLl GA-fymdproaumentKk S adl G
planning and resource adequacy programs.

1 Neither of these processes incorporates any specific capacity or operational requirements for the
flexible capacity characteristics thaill be needed from a large portion of gfieed resources to
integrate the large volume of intermittent renewable resources coming online in the next few years.

9 The resource adequacy program and the capacity procurement mechanism in the 1SO tariff are
based on procurement of capacity only one year in advance. This creates a gap between these
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procurement mechanisms and the mujtear timeframe over which some units at risk of retirement
may need to be kept online to meet futusystem flexibility or loal reliabilityrequirements.

In 2012, he ISO completed a stakeholder process to develop an interim mechanism in the ISO tariff to
ensure the ISO has sufficient backstop procurement authority to procure any capacity at risk of
retirement not contracted ader the resource adequacy program that the ISO identifies as needed up to
five years in the future to maintain system flexibility or local reliability. However, in early 2013, FERC
NE2SOGSR GKS L{hQa GFNARTT TFAfuhofig®G2 SadlofAak
The I1SO is also taking the following steps to address this issue on a more comprehensive and longer
term basis

1 Working with the CPUC and stakeholders to integrate requirements for new categories of flexible
resource characteristics into the iwent resource adequacy prograth.

9 Proposing that the CPUC establish a mydiar resource adequacy requirement, including flexibility
requirements, in the next resource adequacy preaiag that would establish resource adequacy
requirements starting in @14.

5aaQa O02YYSyida IYyR NBO2YYSYyRIGA2Yy 2y (GKA& AaadzS

Recommendations

DMM works closely witthe ISOto providerecommendations orurrent market issues anaarket

design initiatives on an ongoing basisdetailedRA & Odza aA 2y 2F 5aaQa O2¥YSyia

are provided in Chapterl0 of this report.

Re-design of the real-time market

The 1SO is proposing major changeis reattime market as part ot$ effort to complywith FERC
OrderNo. 764, which requires all balancing areas to offemiiiute scheduling on transactions

between balancing areas. The {3@oposed changes are designed to better integrate the process for
dispatching and settling transactions between the IS@ ather balancing areas with therBinute
process used to dispatch and settle resources within the 1SO.

DMM worked closely with the ISO and stakeholders in developing these market design changes, which
include several key modifications made to addressceons identified by DMM. We are very supportive

of the final proposal and believe it represents a major improvement over the current market structure.
5aaQada Y2NB aLISOAFTAO O2YYSyia 2y (KSasS LINRLRaSR

1 The proposed chages should significantly reduce revenue imbalances allocated to load through
reaktime imbalance offset charges by decreasing the difference in prices used to setti&enter
transactions and Bninute prices currently used to settle energy from resounékin the 1SO.
However, as discussed@hapter3, DMM cautions that large redime revenue imbalances could

1% Eor further details se€lexible Capacity Procurement Market and Infrastructure Policy Straw Progaseh 7, 2012:
http://www.caiso.com/Documents/StrawProposdllexibleCapacityProcurement.pdf

™ For further details see the Flexible Capacity Procurement stakeholder process site:
http://www.caiso.com/informed/Pages/StakeholderProcesses/FlexibleCapacityProcurement.aspx

Annual Report on Market Issues aRdrformance 18

pul;

i KA

w»


http://www.caiso.com/Documents/StrawProposal-FlexibleCapacityProcurement.pdf
http://www.caiso.com/informed/Pages/StakeholderProcesses/FlexibleCapacityProcurement.aspx

Department of Market Monitoring, California ISO April 2013

still occur if transmission limits are adjusted downward after the-dlagad market to account for
unscheduled flow and congestion.

T ' YRSNJ GKS L{hQ&a LINRLRAlTf3>X 0ARMMR jrices MBORES NE g Af €
the bid price of fixed hourly transactions. DMpports this approachecause icreates
appropriate price signakhat more closelyeflect the valueof fixed hourly-block resourceand
provide an incentivéo transition to providing 18ninute scheduling flexibility.

1 The ISO is proposing to-mmplement virtual bidding on inteties in conjunction with these market
design changes. DMREautions that virtual bidding on inteties could inflate reatime revenue
imbalances in the event that constraint limits need to be adjusted downward in thraitiGte
process to account for unscheduled flows not incorporated in theat®ad market mode as
noted above. Thus, DMM recommends the ISO carefully consider this issue and that virtual bidding
on interties be reimplemented in a very limited and gradual manner that is contingent on the
observed performance of this new market desidn.Chapér 3 of this report, DMM describes a
method that might be used as a framework for allocating these revenue imbalances more equitably.

The 1SOs currently planning on filing this proposal with FERC in late 2013 for implementatiginirig
2014.

Flexible ramping product

The I1SO is proposing to replace the flexible ramping constraint with a flexible ramping product, to be
implemented in late 2014 in conjunction with the raahe market redesign stemming from FERC Order
No.764. DMM is supportive of thiroduct as a more effective way of ensuring operational ramping
flexibility than the current flexible ramp constraint.

TheL { hQ&a Tt SEA 0 tphpobhl ald icyidesmalis®iRidaCeiisures all energy bid into the
day-ahead and realime marlets is available to meet market requirements for thisduct However,

these provisionslo not prevent the exercise of market power by bidding up to the $250/MW bid cap.
Since this product will be procured to a systarnde requirement, DMM does not vieadditional

mitigation measures as necessary. However, the ISO has left open the potential to procure flexible
ramping product regionally, which would require further assessment of competitiveness and potentially
additional mitigation measures.

Contingency modeling enhancements

As part of an initiative to reduce the need for exceptional dispatches, the ISO has proposed an
alternative modeling approach aimed at reducing the use of exceptional dispatches and minimum
online capacity constraints. The enhancments proposed by the ISO include the modeling of post
contingency preventiveorrective constraints and generation contingencies in the market optimization
so the need to position units to meet applicable reliability criteria would be incorporated ieto th
market model.

DMM is highly supportive of this initiative. The initiative directly addresses one of the recommendations
in our 2011annual report, in which we recommended th&e ISO monitor andeek tolimit exceptional
dispatches related to needsifonline capacity and ramping capability to meet overall system and south

12 Contingency Modeling Enhancements Issue Rdyarch 11, 2013http://www .caiso.com/Documents/IssuePaper
ContingecyModelingEnhancements.pdf
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of Path26 need§. CN2 Y 5aaQa LISNRLISOGAGS: 296f8hisagproackiS Y I Ay |
that it will allow these reliability requirements to be met more efficiently csitthey will be met by

explicit constraints incorporated in the market model. This will allow the requirements to be calculated

in a more automated manner based on actual system conditions and then met by the least cost mix of
resources.

In some casesequirements that can only be met by resources controlled by a limited number of
suppliers would give rise to local market power. In the-teaé market, temporal market power may
also exist in cases when only a limited number of resourapableof meeing requirement are
committed to operate. Once additional information is available on these requirements and how they
will be modeled, DMM will work with the ISO to determine if market power mitigation provisions are
needed and, if so, how these might imeorporated into the market process in the most automated
manner possible.

Forward procurement of f lexible capacity

Ly 5aaQa f | ai wshavedxpfegsar stippdilotai§edr Eapacity procurement
that includes multidimensional fleible requirements. In these reports and as part of other ISO
initiatives, DMM has emphasized two major recommendations:

91 Hexible capacity requirementshould be directly linkedvith operational ramping needs The ISO
is developing a-“minute flexible ranping product to be implemented in 2014. The ISO is also
developing new model constraints that will result in resources being scheduled and compensated to
help ensure sufficient additional capacity is available to respond to contingencies withimGtes.
Any flexible capacity requirement established for a mydtar forward resource adequacy process or
capacity market should ensure these resource flexibility needs can be consistently met by the
flexible capacity procured.

9 Hexible capacityprocurementshould be directly linked with a musbffer obligation for
operational rampingproducts The ISO tariff should also include moffer provisions ensuring
that flexible capacity procured to meet forward requiremeritsactually made available in the ISO
markets to meet operational and market needs. In some cases, market power mitigation or other
economic provisions may be appropriate to ensure this capacity can be utilized to meet
requirements for ISO market products or operational constraints develtpeaket flexibility and
reliability needs.

In 2011, the ISO proposed three different types of flexible capacity requirements (regulation, load
following and maximum continuous ramping), and continues to indicate that this type of multi
dimensional flexibity requirement will be needed. The CPUC and some stakeholders expressed concern
that this approach was overly complex to incorporatt® the resource adequacy requirements at this

time. The current interim proposal being considered in the first phdse@PUC resource adequacy
process to address this issue includes the sameyaae time period as the current resource adequacy
program, and would establish a singkda@ur continuous ramping requirement for the 2014 compliance
year.

13 2011 Annual Report on Market Issues and Performabepartment of Market Monitoring, April 2012, p. 200:
http://www.caiso.com/Documents/2011AnnualRepearketissuesPerformance.pdf
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DMM believes this irgrim proposal is a step in the right direction, but recommends that the ISO and
CPUC should continue to work toward a my#ar ahead flexibility requiremenvhich ensures that all
operational and market flexibility requirements can be met by capacitgymed to meet these
requirements. This first phades highlighted thehallenges in quantifying flexible resource capacity,
specifying requirements andefiningappropriate mustoffer obligations linking flexible capacity

LINE OdzNB R 4 A (i Kondl &8 mdrkgtime@ds. 2 LIS NI G A

For example, DMM is concerned that a sirgflgour continuous ramping requirement may not ensure
that shorterterm ramping requirements are meflhese shorteterm requirements include those
associated with the $ninute flexible ranping product to be implemented in 2014, as well as new model
constraints being developed to ensure sufficient additional capacity is available to respond to
contingencies within 3éninutes.

Forward capacity market

The 1SO hasuggestedhat a new capacitparadigm is needed in California due to the dramatic change

in net load predicted to begin in 20£5.DMM is supportive of efforts to begin a detailed design of a
multi-year capacity market, such as a five yahead market.In prior annual reports and aer

comments, we have noted the difficulties of incorporating local requirements in a capacity market,
defining and quantifying flexibility characteristics of different resource types, and linking forward
procurement of flexible capacity to ISO operatioaatl market needs through musffer and price

mitigation provisions? These complexities must be specifically addressed well in advance of the start of
a multiyear capacity markéef. As noted above, the ISO asthkeholdersare engaged in a variety of
initiatives inconjunctionwith the CPUC in which these issues are being addressed.

DAGSY [/ FTEAF2NYAlI Qa OdZNNBy il 26ySNARAKALI 2F NBaz2dz2NOSa
requirements, a centralized capacity market may offer several signifzarefits relative to the option
2F FAdZNLIKSNI Y2RAFeAY3A GKS adlrisSQa OdzZNNByld NBaz2dzZNDS

1 Mitigation of local market power could be incorporated inb@ capacity market design itself
1 Procuremenibf multiple flexible capacity requirementaaybe more reliably and efficiently et

througha centralized market than through bilateral procurement of each flexible attribute
separately.

1 A capacity market may help enable a more esff¢ctiveway of ensuring thaénough capacitys
maintained tomeetlocal capacity requirements while meeting ortteough-cooling restrictions
applicable to much of the capacity located within these local areas

1% See theComprehensive Forward Capacity Procurement FrameWa#ISO, February 26, 2013:
http://www.caiso.com/Documents/Californial SBriefingPapet ongTermResourceAdequacySummit. pdf

15 2010 Annual Report on Market Issues and Performabapartment of Market Monitoring, April 2011, pp.-18:
http://www.caiso.com/Documents/2010AnnualReportonMarketlssuesandPerformance. pdf

'® For instance, if a resourégcountedtoward meeting a specific flexible requirementsuchas load following then rules
must be established in advance to ensure that this ramping flexibility is made available in thimmeeaiarket. Current
market rules allow resources to salthedule or bid in lower ramp rates so any fast ramping cappritgured may not
actually be available to the retime market.
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1 Experience in other ISOs suggests that a capacity market may result in increased development of
energy efficiemy anddemand response, whidre preferred resourceunder California state
regulatory policy guidelines.

Organization of report

The remainder of this report is organized as follows:

1 Loads and resourcesChapterl summarize load and supply conditions impacting market
performance in 2012. This chapter includes an analysis of net operating revenues earned by
hypothetical new ga$ired generation from the ISO markets.

9 Overall market performance Chapter2 summarizes overall market performance in 2012.

1 Reaktime market performance.Chapter3 provides an analysis of reéiine market performance,
including reasons for redime imbalance uplifts.

1 Convergence biddingChapter4 analyzes the convergence bidding feature that was added in 2011
and its effects on the market.

1 Ancillary services.Chapters reviews performance of the ancillary service markets.

1 Market competitiveness and mitigation.Chapteré assesses theompetitiveness of the energy
market, along witimpact and effectiveness of market powand exceptional dispatcmitigation
provisions.

1 Congestion.Chapter?7 reviews congestion and the market for congestion revenue rights.

1 Market adjustments. Chapter8 reviews the various types of market adjustments made by the ISO
to the inputs and results of standard matkmodels and processes.

f Resource adequacyChapter9 assesses the sheit SNY LISNF2NXY I yOS 2F /I f AF2N
adequacy program in 2012.

1 Recommendations.Chapterl0 highlights DMM recommendathson current market issues and
new market design initiatives on an ongoing basis as well as follow up on a variety of specific
recommendations for market improvements made in ouiopannual and quarterly reports.

Chapterl2 ¥ 5aaQa H M rolidgsyadzrminanNdbthdhddhl market design implemented
in 2009 and key design enhancements that have been added in 2010 and 2l1i%.chapter of our

2010 annual report also highlights various state policies and requirements closely linked to thre desig
and performance of the ISO markets.

7 2010 Annual Report on Market Issues and Performarqgeil 2011, pp. 1-B2.
http://www.caiso.com/Documents/2010AnnualReportonMarketlssuesandPerformance. pdf

Annual Report on Market Issues aRdrformance 22


http://www.caiso.com/Documents/2010AnnualReportonMarketIssuesandPerformance.pdf

Department of Market Monitoring, California ISO April 2013

1 Load and resources

Both load and supplgonditions were challenginig 2012 Peak dadsreached évels not seen in several
years hydro-electric generation was dowsignificantlyandover 2,000 MW ofmportant nuclea
generation was on outageKey trends highlighted in this chapter includiee following

1 Theloadweightedaverage price of natural gas in the daily spot markets decrealsadst30
percent from 201.** This was the main driver the slight decrease ithe nominalannual
wholesale energy cost per MWh of load served in201

1 Summer loads peaked at 46,88V, a 2.9 percent jump from 2011 and the highest peak load
observed since 2008.

1 Hydroelectric generation provided approximatehp@rcent oftotal supply in 2012, a decrease from
14 percent in2011. The drop in hydreelectricenergy was concentrated in trimmer months
from June to Augustduring which hydro energy w&$ percent lower than in 2011.

1 Netimports increased by 7 percent in 2012 ovet 2@riven by a 9 percent increase inports
from the Southwest compared to 2011

1 About700MW of peak generating capacity from renewable generation was added in 2012. Energy
from wind and solar currently provides slightly more than 5 percent of systesrgg,compared to
3.9percent in 2011. kergy from new wind and solar resources is expected to increase at a much
higher rate inthe nextfe® S N&E & | NB&adz G 2F LINRP2SOGA dzy RSNJ (
renewable portfolio standards.

1 Demand respose programs operated by the major utilities continued to maledut5 percent of
GKS L{hQa 2@SNIfft aeaitSYy NB&a2dz2NOS I RSljdzr 0& OF LI (
continued to be limited in 2012, despite more than doublingm 2011levels

9 Price responsive demand response capacity surpassed reliability based demand response capacity
for the first time. Priceresponsive capacity accounted 68 percent of demand responge 2012.
Thiscapacity can be dispatched during the operating aeresponse to redime marketconditions
or on a dayahead basisiresponse to expected markeonditions. Reliabilitybased programs that
can only be activated under extreme system conditions made up the remaining 42 percent.

1 Overl,300 MW of new gadired generation was added in 2017 he estimated net operating
revenues for typical new gdsed generation in 202 remainedsubstantially below the annualized
fixed cost of new generation. This analysis does not include revenues earned from resource
adequacy contracts or other bilateral contracts. However, these findings continue to emphasize the
critical importance of longerm contracting as the primary means for investment in any new
generationor retrofit of existing generationeeded undethe 1S (arrent market design.

8 1n this report, we calculate average annual gas prices by weighting daily spot market prices by the total ISO system loads.
This results in a price that is more heavily weighted baseglsprices during summer months when system loads are higher
than winter months, during which gas prices are typically highest.
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1.1 Load conditions

1.1.1 System loads

Systemoads weresignificantlyhigherin 2012, approaching levels not seen since 200&: increase is
likely due to a combination of high temperatures in peak demand months and a recovering economy
Table 1.1 summarizes annual system peak loads and energy use over the last five years.

Tablel.1 Annual system load: 200® 2012

Annual total Average loac Annual peak
Year energy (GWh) (MW) % change load (MW) % change
2008 241,128 27,526 -0.4% 46,897 -3.5%
2009 230,754 26,342 -4.3% 46,042 -1.8%
2010 224,922 25,676 -2.5% 47,350 2.8%
2011 226,087 25,791 0.4% 45,545 -3.8%
2012 234,882 26,740 3.7% 46,847 2.9%

Annual, average and pe&kadmeasures all increased in 2012.
1 Annual totd energy reached 234,882 G\ 3.9 percentncrease over 2011.
9 Average loads ding all hours increased by 3.7 percent

1 Summer loads peaked at 46,847 on Augusatl3:53 p.m, a2.9 percenjump from 2011 and the
highest peak load observed since 2008.

Demand was especially high during peak hatompared to 2011 (see Figure 1.2 for load duration
curves for 2010 through 2012pystem load exceeded 40,000 MW in 151 hours in 2012 compared to 61
hours in 2011, an increase from 0.6 percent to 1.7 percent.
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Figurel.1 System load duration curves (2010 to 2012)
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Other measures of pedkad servedn 2012also increased. System demand during the single highest
load hour varies substantially year to year becaussumnmer heatvaves. The potential for such heat
related peak loads creates a continued threat of operational reliability problems and drives many of the
L{hQa NBfAlFIOAfAGE LIXIYyyAy3d NBIdZANBYSyiliaod

Figurel.1 summarizes load condliins during summer peak hours.

1 Average hourly summer peak load was 32,603 MW, higher than any observed sinc& 2002.
1 Average daily peak load grew 5 percent to 36,438 MW.

1 The s$ngle hour peak load greabout 3.8 percent to 46,664 MW"

Peak load was slight higher thani K S L-i§-2hy&sé forecastin coordination with the CPUC and

other local regulatory authoritieshe 1SO sets system level resource adequacy requirements based on
the 1-in-2 year or median yearforecast of peak demand. Resource adiecy requirements for local
areas are based on thein-10 year or 90" percentile yearpeak forecast for each area.

Summer peak demand in 2012 was slightly higher than time2lyear forecast and well below theind-
10 year forecast, as demonstrated Figurel.3. The instantaneous peak load (46,847 MW) was only 0.4
percent above 46,639 MW, theifi-2 year forecast.

19 9ymmer peak hourincluded in this calculation are frodune to August, houmnding7 to 22

% This value is lower thahe instantaneous peakeported earlier because DMRgalculatesthe hourlypeakloadas the
average of twelve Bninute intervals.
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Figurel.2 Summer load conditions (2002 to 2012)
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Figurel.3 Actualload compared toplanning forecasts
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1.1.2 Local transmission constrained areas

The ISO has defined 10 local capacity areas for use in establishing local reliability requirements for the
a i S QaadeéySaiypoxNain (séegurel.4). Tablel.2 andFigurel.5 summarize the total

amount of load within each of these local areas under the-10 year forecasused to set local

reliability requirements.Most of the total peak system demand is located wittvito areas the Los
AngelesBasin(41 percent) and the Greater Bay Area (21 pergent

The threeinvestorowned utility IOU areasmay be characterizedsgollows:

1 The Southern California Edison area accounts for 51 percent of total local capacity area loads under
the 1-in-10 year forecast. Loads in the Los Angeles Basin account for 81 percent of the potential
peak load in this area.

1 The Pacific Gas anteEtric area accounts for 39 percent of total local capacity area loads under the
1-in-10 year forecast. Loads in the Greater Bay Area account for 53 percent of the potential peak
load in the PG&E area.

1 The San Diego Gas and Electric area is compriseedinfjle local capacity area, which accounts for
10 percent of the total local capacity area load forecast.

In the following chapters of this report, we summarize a variety of market results for each of these three
main load areas also known asoad aggegation pointsor LAPs. Isome cases, we provide results for
specific local capacity areaghese results provide insight into key locational trends under the nodal
market design. The proportion of load and generation located within the areas shovabiel.2 and
Figurel.5is an indication of the relative importance of results for different aggregate load and local
capacity areas on overall market results.

In addition to lochcapadiy area load forecast§,ablel.2 shows the total amount of generation in each
local capacity area and the proportion of that capacity required to meet local reliability requirements
established in the state resource adequacy pamg. In most areas, a very high proportion of the
available capacity is needed to meet peak reliability planning requirements. One or two entities own
the bulk of generation in each of these areas. As a result, the potential for locational marketipower
these load pockets is significaftis issue is examined @Ghapter6 of this report.

The available supply ifablel.2 for the Los AngeleBasin includesver 2,000 MW of generation from
the San Onofre nucleglant thatis not expected tde available in 2013As shown imTablel.2,

without this generation, all of the available supply within thes IAngele®asin is needed to meet local
capacity requirements.

In addition,/ I £ A F 2 N3hrowglecaolirg) YOOGS regulations affect a significant proportion of

capacity needed to meet local capacity requirementfourlocal capacity areasGreater Bay Areapk
AngelesBasin, Big Creek/Ventura and San Diego. FuRhera Odza a A2y 2F (GKAA& A a&aadzsS
201l1annualreport.?*

2 2011 Annual Report on Market Issues and PerformaDepartment of Market Monitoring, April 2012, p. 27:
http://www.caiso.com/Documents/2011AnnualRepearketissuesPerformance.pdf
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Figurel.4 Local capacity areas

Percentages represent the portion of
system peak load in each local capac
area.
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Tablel.2 Load and supply within local capacity areas2012

Peak Load Dependable  Local Capacity Requirement
(2-in-10 year) Generation Requirement as Percent of

Local Capacity Area LAP MW % (MW) (MW) Generation
Greater Bay Area PG&E 9,954 21% 6,588 4,278 65%
Greater Fresno PG&E 3,120 6% 2,770 1,907 69%*
Sierra PG&E 1,816 4% 2,037 1,974 97%*
North Coast/North Bay = PG&E 1,420 3% 859 613 71%
Stockton PG&E 1,086 2% 505 567 112%*
Kern PG&E 1,110 2% 611 325 53%*
Humboldt PG&E 210 0.4% 222 212 95%*
LA Basin SCE 19,931 41% 12,083** 10,865 90%
Big Creek/Ventura SCE 4,693 10% 5,232 3,093 59%
San Diego SDG&E 4,844 10% 3,087 2,944 95%*
Total 48,184 33,994 26,778 79%

Source2013Local Capacity Technical Analysis: Final Report and Study ArghysiS80, 2012 See Table 6 on pagé.
http://www.caiso.com/Documents/April302012L CTStudyReport2013indocketnoR1110023.pdf

* Generation deficient LCA (or with sabea that is deficient) Deficient aea implies that in order to comply with the
criteria, at summer peak, load may be shed immediately after the first contingency.

** Includes over 2,000 MW of generation from the San Onofre nuclear planighait expected tavailable in 2013.

Figurel.5 Peak loads by local capacity area (based eim-1L0 year forecast)
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1.1.3 Demand response

Overview

Demand response plag increasingly importantrole MSSG Ay 3 / F f AT2NY AL Q& OF LI O
requirements fo peak summer demandTheseprogramsare2 LISNJ 6 SR o6& inwesSora il 1SQa
owned utilitiesand meet almost 5 percenof total ISCsystem resource adequacy capacity

requirements.

Demand response is a resource that allows consumers to reduce elgatgein resporse to forecast
or actual market conditions, including high prices and reliability sigmglgrovidingcapacity to help
meet demand on extremely high load dagiemand response could decrease demantighuse
periods enough to lower maek prices for energy and ancillary servieesl increase transmission
reliability.

Demand response programs agenerallydispatchedand administeredy the utilities that sponsor

these programgrather thanby the 1SO These programs are overseen by BBUC Independent
curtailment service providers offer demand response by participating in utility sponsored programs, as
do other nonutility entities. Currently, demand response provided directly to the ISO is primarily
limited to water pumping loads.

In August 2010, the ISO implemented a proxy demand resource grodihics market enhancement
allows aggregators of engse loads to bid directly into the energy and ancillary service markets. This
product was implementetb increase direct participatn in the energy and ancillary service markets by
utility demand response programs, as well as aggregateedusedr independent curtailnme service
providers. However, less than 6 MW of proxy demardource capacity @re registered when load
peaked in2012, down fromabout12 MWin 2011 Nobids from these resources were dispatchad

2012 so that no payments were made by the ISO for any demand reductions

In addition to the utility demand response programs discussed in detail below, the ISO issadsrfie
when system conditions are expected to be particularly higlex alerts urge consumers to voluntarily
reduce demand through broadcast process releases, text messages and other mbkansogram is
funded by the utilities under the authority ¢tfie CPUC. The ISO issued a stdtke flex alert on August
10, 2012 and an alert for Southern California on August 14, 2@u2ing the peak summer hours.

Utility demand response programs

tfyzad FEf 2F [ FfAT2NYAlF QA& adddanpeBighiiprof&ns bpgrtedys & L2 v &
GKS adl S Qaowie&KNEeS. These@Bogranss lMde triggered by criteria set by the utilities

andare not necessarily tied to market prices. Notification times required by the retail programs are also

not well synchronized withSOY I NJ SG 2 LISNI A2y a o ¢ K béidispatched 10 a G KS |
during periods of the highest loads and prices

2 The 1SO does not release information on the amount of participating loads since virtually all thisydapgerated by one
market participant; the California Department of Water Resources.
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Utility-managed demand response programs can be grouped into three categories:

1 Reliability-based programs.These programs consist primarily of large retail customers under
interruptible tariffs and air conditioning cycling programs. These demand resources are primarily
triggeredonlywhen the ISO declares a system reliability threat.

1 Dayahead priceresponsve programs These programs are triggered on a-@dnead basis in
response to market or system conditions that indicate relatively high market prices. Specific
indicators used by utilities to trigger these programs include forecasts of temperaturest drean
rates that may be scheduled given projected #xale prices. This category also includesical
peak pricingprograms under which participating customers are alerted that thidhypay a
significantly higher rate for energy during peak hooirthe following operating day.

1 Day-of priceresponsive programs These programs are referred tode~of demand response
programs since they can be dispatched during the same operating day for which the load reduction
is needed. These resources includpacity from airconditioning cycling programs dispatched
directly by the utilities and much of the load reduction capacity procured through curtailment
service providers. These programs can also be triggered onahaayl basis in response to market
or system conditions.

From the perspective afverallmarket performance and system reliability, dafyprice responsive
demand programs are significantly more valuable than pricsponsive programs that can only be
triggered on a daghead basis.

Tablel.3 summarizes total demand response capacity for each of the three major utilities during the
peak summer month of August, as reported to the CPUC sind&?*2@G shown ifTablel.3, there is a

notable drop in reported demand response capacity from 2009 to 2010. This was due to a change in the
way that demand response capacity is assesswtireported

Through 2009, demand response capacity was reporteddandotalcontrollableloadenrolled in each
program. Protocols in effect since 2010 require utilities to report two measures of demand response
capacity: ex anteandex post* Ex postwalues are calculated by multiplying total program enrollment
by the average customer impact for customers enrolled in the previous yieamrntevalues are

calculated by multiplying total program enrollment by the estimated average load impact that would
occurunderexpectedweather and load conditionsn the peak day fothe month between 100 p.m.

and 600 p.m.in 2012. Theex ante values form the basis for the remaining discussion in this section
becausehey are most representative of actual available demand response capacity during 2012.

Eachinvestorowned utilityuses demand response capaditymeetresource adequacy requirements.
As shown in the bottom two rows dfablel.3, demand response capacity used to meet resource
adequacy requirementsom 2010 to 2012 &stracked closely with estimates of actual demand
response capacity reported in these years under the more advargeaiting protocols The amount of
this capacity used to meet resource adequacy requirements is determined by the IR on its
estimate of demand response capacity that can be expected under peak summer conditions.

% The monthly reports are available laittp://www.cpuc.ca.gov/PUC/energy/Deand+Response/Monthly+Reports/index.htm

% | oad Impact Estimation for Demand Response: Protocols and Regulatory Guitkiiomia Public Utilities Commission
Energy Division, April 2008.
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In 2012 exante estimates of demand response capa@tilable in August equaled approximately 95
percentof the resource adequacy requirements that the CPUC allowed tiesseirrces to meetThe
decrease in demand response used to meet resource dgpacjuirementssince 2010@eflects the use

of the more stringent standard protocols for measuring and reporting demand response programs that
took effect in 2010.The CPUCaws a 15 percent adder to be applied to demand response capacity
used to meet resource adequacy requirements. This accounts for the fact that demand reductions
reduce the amount of capacity needed to meet the 15 percent supply margin used in settioigoess
adequacy requirements.

Tablel.3 Utility operated demand response programs (202812)

2008 2009 2010 2011 2012
Utility/type Enrolled Enrolled Estimated* Estimated* Estimated*

MW MW MW MW MW

Priceresponsive

SCE 381 498 214 287 962
PG&E 752 508 304 469 340
SDG&E 154 89 72 58 118
Subtotal 1,287 1,095 589 814 1,420

Reliability-based

SCE 1,458 1,577 1,245 1,167 727
PG&E 466 533 291 253 282
SDG&E 83 62 9 8 2
Subtotal 2,007 2,172 1,544 1,428 1,010
Total 3,294 3,267 2,134 2,270 2,430

Resource adequac!
allocation 2,670 2,637 2,221 2,421 2,598
With 15 percent adder 3,071 3,033 2,554 2,784 2,987

* Capacity for 2002009 based oplanning projections of program enrollment and impacts.
Capacity for 2012012 based orx anteassessment of program enrollment and impacts.

Figurel.6 summarizes data ifiablel.3, but provides a further breakdown of the portion of price
responsive capacity that can be dispatched on aatzgad and dapf basissince2010?° The following
is shownin Figurel.6:

9 Priceresponsive programs accounted fd8 percent of this capacity in 201@&hich isa major
increase from prior yearas reliability programs were historically larger

1 Reliabilitybased programs accoued for 42 percent of the capacity from utilitpnanaged derand
response resourceas 2012

1 In 2022, priceresponsive programs that can be dispatched on aafdyasis grew to 39 percent of
all demand response capacitstompared to about 4 percent in 201Gnd 22 percent in 2011

% Prior to 2010, data provided in the monthly reports are naffisient to differentiate between priceesponsive demand
responsethat can be dispatched on a dajead and dayf basis
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Figurel.6 Utility operated demand response programs (202812
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From the perspective ajverallmarket performance and system reliability, pr@sponsive demand
responsewhichcan be dispatched on the same day that high market pragecritical system conditions
occur are significantly more valuable than programs that can only be triggered onanédagl basis or
in response to a system reliability emergency.

Use of demand response programs

Demand response resources continue to bspaditched by utilities on a limited basishese programs
were dispatchedat more than twice the volume in 2018sin 2011,as measured bpost event
estimatesprovided 7 days after the event. Howevtte total estimated impact of these demand
responsesventsrepresents a very small portion of total energy in the markepproximately 0.01
percent.

Whiledemand response dispatch volume was small in 2012, these resources were dispatched during the
peak months and peak hours of the year, when they &edylito have the most impactigurel.7

shows the annual total amount of demand respoms#ivatedby the three largest utilities in 2012 by
operatinghour. Dispatch was concentratedthre hoursbetween 300p.m. and 600 p.m., often the

peak load hours in the dayAs demonstrated ifrigurel.7 , about62 percent of demand response was
dispatched on a daghead basis. The remaining 38 percent was dispatched on-afaayemergency

basis.

Figurel.8 shows the total amount of demand response dispatched by month and utility. Demand
response resources were not dispatched outside of the peak period {dtmegh October), with the
majority of this dispatctoccuring during the peak summer month of August.

Figure1.9 shows the hourly demancesponseR A & LJF 1 OK 2y (i K S(AugystiiBpadthelS I 1 2 |
dayafter the peak day (August 14T hisfigure demonstrates thatlemand responsedispatchwas
activatedduringhigh load conditios, but varied substantially dag-day. During most hours on these
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peak load days, about 100 MW of demand response were activated. However, during laukudiist
14, demand response topped 500 MW, Il percent of system load.

Figurel.7 Total amount of demand response programs dispatched in 20% hour
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Figurel.8 Total amount of demand response progms dispatched in 2012 by month
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Figurel.9 Demandresponse dispatched oAugust 13 and 142012
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In 2012 most demandesponse was dispatched in response to market or system conditions, rather than
measuement or evaluation. Dispatch for measurement or evaluation accounted for approximately

1 percent of dispatch for daghead programs and 22 percent of dispatch for-daprograms in 2012.

In 2011, dispatch for measurement and evaluation accounted §eater portion¢ 5 percent of day

ahead dispatch and about 80 percent of same day dispatch.

Demand response issues

While use of demand respongacreasedn 2012 several challenges remdaefore this capacity is well

integrated intothe market andSQOoperational decisions. These challenges include limited use of the
L{hQ& LINRBE& RSYIFIYR NB&a2dz2NOS LINRINIYI (GKS GAYAYy3T |
integration of available demand response data into ISO operations.

While the 1ISO implemented proxy demand resource product in 2010, no bids from these resources
were dispatched in 2012Although proxy demand resource product participation in the ISO markets has
been approved by FERGe CPUC has limitdaindledutility customer participationin this progranto

pilot programs® ¢ Kdza 2 ¢ KAt S ( K $ereddggerediniore Bygpire tha B dlidbivty
purposes, the integrationf these programsvith the market is still poor as camitment and dispatch
decisionscontinue tooccur outsde the market optimization.

% For further detail see CPUC Decisior08@02, issued in Proceeding R:0F041. More information on this decision can be
found here: http://docs.cpuc.ca.gov/PUBLISHED/FINAL DECISION/11896AHimader discussion of regulatory issues is
I @ At I of S5thaghual Be®ant RebpOrie report in kietno. ER0&15-000;
http://www.caiso.com/Documents/20101-17 ER0&15 5thAnnualDR_Report CY2011. pdf
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Daily forecasts of scheduled demand response sent to the 3@ logajor investor owneditilities are
the only source of informatiorfor the ISO on utility operated demand responssources However,
theseforecastsare notwell integrated with market operationf®r several reasons

First,the timing ofthe forecast reportanakes it difficult for these to be includén actual 1ISO resource
commitment decisionsln preparation for the extended outage of SONBEs 2 and 3the three major
utilities agreed to provide the 1ISO with a daily forecast schedule for demand response programs. This
hourly forecast is updated by @ a.m.of the dayon which thedemand response progransse
dispatchedand then updated again by thend of day on which the demand response event occurred
Thus, thdSO receivethe updated forecast informatioshortly beforeor sometimesafter the activation

of the event thusmaking it difficult to incorporate demand response expectations adtalmarket
operations.

Secondmeasuring the impact dispatched demand responsia a timely fashiomemains a challenge.

As noted earlier, the utilities provide forecast estimates the day before and thefdayeration. Seven

days after a demand responseeamnt, the utilities provide the ISO with post event estimates of

dispatched demand response capacity. Under the CPUC monitoring and evaluation protocols, the actual
performance of demand response isassessed on an annual basis using final meteredatada

sophisticated econometric estimates of loaithout demand response Howevertheseresults are not
available until the spring of the following year.

Last demand response forecast scheduless/e also beedifficult to integrate into ISO operations
becausehey candiffer substantially fromactualload reductionsachieved The performance ofemand
response programmc as measured by thdifference between forecastenpactsand after the fad
estimates of actual impactshas been the subject @oncern forboth the ISO and CPUT his may be
particularly trueof new programs without a long history of measured performawtéchrely heavily on
consumer behavior and price responsivenéss

The 1SO has developed explicit procedures to incorporate dsted demand response into the day
ahead market.These procedures were updated in May 2012 to include theattesad demand
response schedules in manual operator adjustmenthefloadforecastused inthe dayahead

market. While operators reviewed thimformation and included these numbers in their evaluation of
the dayahead marketthis rarely resuledin reductions in load projectionsAlthough the ISO received
more timely notice of demand response than in prior periods, forecast demand responsstemtow
relative to total system load and an inconsistent predictor of final estimated demand response
values. As a result, the full benefits of demand respoivséerms of unit commitment decisiomaay not
be realized in the market at this time givearrent procedures and quality of information.

%" Values summarized above are based on post eveminsaries provided by the utilities to the ISO. Because measuring the
guantity of demand response dispatched requires estimating what load would have been in the absence of these programs,
data used for this report may differ from values submitted to th&JCP

B n response to CPUC information requests, SCE and SDG&E provided data with their applications for Approval of Demand
Response Program Augmentations and Associated Funding for the Years 2013 through 2014. These include data on demand
response progranperformance by program and date and explanations for average daily program performance deviations
INBFGSNI GKIFY wmn LISNOSyio {/9Q&a NBalLkyasS Aa LldzotArdfte LRa
http://www3.sce.com/sscc/law/dis/dbattach11.nsf/0/C630953A78996EB688257B250001C3E 7/$FILEIR I 2+et+al
+SCEs+APPLICATION+RE+ADDITIONAL+DR+FOR+2013+ASDE2Rebponse+to+AL:232013+Ruling+.pdf SDG&E
provides information on the proceeding but does not post the response itsf:{/www.sdge.com/regulatory
filing/3973/sdge2013¢-2014demandresponseprogramsg.
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Under the current market design, the ISO does not have the data or responsibility for assessing the
performance of these utility program3Vhen these programs are bid and dispatched directly in the ISO
marketas proxy demand resources, the 8D play a role in assessing the impact of these resources
based on metering data as part of its settlement process.

1.2 Supply conditions

1.2.1 Generation mix

As inprevious yearsmostgenerationin 2012 came from natural gaand imports.Hydro-electric
generationwas lower in 2012lue to low levels of precipitatioand snowpack A growing share was
produced byother renewable energy resourcesich as wind and solar.

Figurel.10 provides a profilef average hourly generation by month and fuel tygagurel.11

illustrates the same data on a percentage basigurel.12 shows an hourly average profile of energy
supply by fuel type for the peakisimer months, July through September. This information is illustrated
on a percentage basis Figurel.13.

These figures show the following:
9 Total generatiomwithin the ISCroseby less thanl percentin 2012.

1 Nuclear generatin was dowm9 percentin 2011, following theextended outages of th8an Onofre
Nuclear Generating Statiamits 2 and 3

1 Hydroelectric generation provided approximatehp@rcentof supply in 2012, a substantial
decrease froml4 percent irR011. The drg in hydreelectric generation was concentrated in the
summer months from June to August when it was 38 percent lower than the same period in 2011.

1 The gap in supply created by falling hy@iectric and nuclear generation was filled, in large part, by
natural gas.Natural gas generators provided approximatdgpercentof supply in 2012, up from
28 percentin 2011.

1 Combined, atural gas and hydrelectricgeneration producedhe most during the higher load
months (August and September) of the yead@mthe higher load hours of the day (7 through 22).
These resourcesere most often marginal in the system.

1 Imports represented approximately 3&rcentof capacity, a slight increase in percentage terms
from 2011 (29%erceni. Overall, energy from iports increased by fercent These values do not
net out exports. Net import valueto remove exports andre discussed in further detddter in
this section

1 Nonhydro renewable generatiodirectly connected to the ISO systeocounted for 10 percerdf
total supply Total renewable generation wag 13 percentfrom 2011?° This increase was due to
growth in energyfrom wind and solar resources.

2 In this analysis, nehydro renewables do not include imports or behind the meter generation such as rooftop solar.
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Figurel.10  Average hourly generation by month and fuelgg in 2012
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Figurel.11  Average hourly generation by month and fuel type in 2012 (percentage)
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Figurel.12  Average hourly generation by fuel type in Q3 201
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Figurel.13  Average hourly generation by fuel type in Q3 2D(percentage)
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Increased noshydro renewable generatiowithin the ISGcame predominately from windut lar
generation also grew rapidlp 2012. Figurel.14 provides a detailed breakdown of ndrydro
renewable generation from 200&hrough2012

9 For the first timegenemtion from wind resourcedirectly connected tdhe ISQgrid exceeded that
from geothermal, becoming the largest source of renewable generation inside California.

1 Wind resources provided 38 percent of renewable energy, up from 35 percent in 20ihd.
provided4 percent of overall system energy in 2012.

1 Geohermal provided approximately 34 percenitrenewable energy in 2018r about4 percent of
overall system energy

1 Biogas, biomass, and waste generatimmtributed20 percent of renewable energyr about2
percent of total system energy

1 Solar powefrom resourceslirectly connected tdhe 1S systemincreased from about 5 percent to
8 percent oftotal renewablegeneration Solar representedboutl percent of overall system
energyin 2012.

Both hydroeelectric and wind generation peaked in the second quarter (April through June), when
system loads are moderate and the supply portfolio is limithee to outages The combination of these
conditions contributes to the potential for negative price spikes due to-geseration during these
months Figurel.15comparesaverage monthly generation from hydro, wind and solar resources.
Currently, the share of generation from solar resoursdsw,relative to the hydro and wind sources
However, solar is expected to provide an increasing portion of supply from newadie resources.

Figurel.14 Total renewable generation by type (2062012)
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Figurel.15 Monthly comparison of hydrowind and solar generation (2032
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Hydro -electric supplies

Yearto-year variation in hydrelectric power supply in California $ia major impact on prices and the
performance of the wholesale energy market. More abundant supplies ebfuiver hydroelectric

power generallyeduce the red for baseload generaticamd imports. Hydro conditions also impact

the amount of hydreelectric power and ancillary services available during peak hours from units with
reservoir storage. Almost all hydadectricresources in the ISO are owned bydeserving entities that

are net buyers of electricity. They therefore seek to manage these resources in a way that moderates
overall energy and ancillary service prices.

Overall hydro-electric production in 202 was low, only slightly higher than prodigst in 2008 the

year with the lowest hydrelectric production in the pastecade. Showpack in the Sierra Nevada
Mountains,asmeasuredon May 1, 202, wasonly 39percent of the longerm average, indicating much
lower than average hydro condition$. Figurel.16illustrates overall production over the last decade.

Figurel.17 compares monthly hydrelectric output from resources within the 1SO for each of the last
three years. Hydro production 2012 was65 percent of production in 2011 and 81 percen201Q
During thesummermonths of Jae to August, hydro productiowas ony 62 percent ofproduction

during the same period of 2011

% For snowpack informéin, please seeCalifornia Cooperative Snow Sun@ysow Water Equivalents (inche€alifornia
Department of Water Resourcegttp://cdec.water.ca.gov/cdecapp/snowapp/sweqd.action
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Figurel.16  Annud hydroelectric production (208-2012)
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Figurel.17  Average hourly hydroedctric production by month (2012012)
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Net imports

Net importsincreased by percent in 202 over 201.*" Net imports fom the Northwest increaseby
3 percent while net imports from the Southwesgtcreased by percent. Figurel.18 compares net
imports by region for each quarter of 20and 202. This increasen importswas acombination of
increasing loaddecreasedbaseloadyeneration availability due to the SONGS outgges Section
1.2.2) and asubstantialdecreasen hydro-electricgeneration within the 1SO

Price differentials between Califtia and adjacent tradingubs reflect these conditiondzalling on
peak prices in the Mi€Columbia trading hub led to increased price differentials between®tumbia
and NP15. Opeak pricest the Palo Verddrading hubalso decreased substantially 2012leading to
a relatively large price differential between Palo Verde and $it&s The growth of net imports into
the 1ISOsystemreflects the changes in the relative price of electricity both within and outsidleeofSO
system

Figurel.18 Net imports by region (201-2012)
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1.2.2 Generation outages

Ceneration outage levels increased significantly in 2012, due primarily to outages at the San Onofre

Nuclear Generating Station. Generation outages ageicgons in available capacity from generating
units. The 1ISO groups generation outages into four categories

1 Planned outages Reductions in available capacity for scheduled maintenance that are submitted

by October 15 of the preceding year and are ugdbduarterly.

3 Net imports are equal to scheduled imports minus scheduled exports in any period. The import values discussed in the

previous section are total import values.
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1 Forced Outages Unplanned reductions in capacity due to equipment failure, unforeseen required
maintenance or other exigent circumstances.

1 Ambient outagest Reductions in available capacity due to external conditions such as temperature
or air quality restrictions.

1 Normal outagest Reductions in available capacity where a planned, forced, or ambient

designation is not appropriate, such as the inability to respond to dispatch instructions due to other
physical limitatios.*

Figurel.19 shows the quarterly averages of maximum daily outages broken out by type during peak
hours®® Overall generation outages follow a seasonal pattern with the majority taking place in the non
summer months. This pattern is primarilsiven by planned outages, as maintenance is performed
outside the higher summer load period. Total outages averaged about 13,500 MW in 2012 up from
10,200 MW in 2011. The SONGS outagbsthitunits 2 and I totaling 2,250 MWt were the

primary driverof increased outages.

Forced outages remained fairly consistent across all quarters in 2012 averaging about 4,600 MW in 2012
up from 2,900 MW in 2011. SONG# 3 accounted for the majority of this increase. Planned outages
also increased to almost 7,60MW in 2012 from 5,800 MW in 2018ONG8nit 2 accounted for the

majority of this increase. Ambient outages fell to 750 MW in 2012 from 775 MM¥liBand normal

outages fell to 490 MW in 2012 from 660 MW in 2011.

Figurel.19 Average of maximum daily generation outages by typ@eak hours
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%2 These are referred to as normal outages because they are submitted to the ISO usingnofiaNR Ay GKS L{hQa 2
management system, SLIC.

% Data are estimated from outage data in the outage management system.
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1.2.3 Natural gas prices

Electric prices in western states typically follow natural gas price trends because natural gas units are
usually the marginal source of generatiorthe ISCand other regional markets. In 2Blthe average
weighted price dnatural gas in the daily spot markets deasedalmost30 percent from 2011 This

was the main drivecausing theannual wholesale energy caser MWh of load servedci 2012 b

decrease relative to 2011

Natural gas prices at California trading hubs followed the decrease in prices at the national level.
Overall, prices fell in 2012 as the amoumstorage was high following a mild winter, and as hydraulic
fracturingcontinuesto play a larger role in increasimgtural gas suppliesFigurel.20 shows monthly
average natural gas prices for@Xhrough 202 at key delivery points in Northern California (PG&E
Citygate) and in Southern CalifornoCaCitygate andsoCal Bordegs well agor the Henry Hub
trading point which acts aa point of referencdor the national market for natural gas

While matural gas prices in California tend to follow national trends, differeneesoccuthat reflect

gas pipeline congestion. Because Northern and Southern California are served by different gas
producing regions and transportation systems, natural gas prices viiiforniaperiodically diverge,

with prices in Northern California tending to be higtiean in Southern CaliforniaWhile the Northern
California gas prices remained higher in 2012 compared to Southern California gas prices, the difference
in price between the PG&E Citygate and the SoCal Citygate decreased whereas the price difference
between the PG&E Citygate and SoCal Border increased.

The SoCal Citygate prjaehich had historically been closer to the SoCal Border priae closer to the
PG&E Citygate price in 2012. The trend began in the fourth quarter of 2011 and continued through
2012(as seen irrigurel.20).

w In 2012, average daily natural gas prices in Northern California exceededatricesSoCaCitygate
by about $009/MMBtu, or 3 percent. In 2011, natural gas prices in Northerfhif@aia exceeded
prices in SoC&itygateby about $015/MMBtu, or 4 percent.

1 In 2012, average daily natural gas prices in Northern California exceeded prices at the SoCal Border
by about $0.20/MMBtu, or 6 percent. In 2011, natural gas prices in NortBalifornia exceeded
prices in SoCal Border by about $0.18/MMBtu, or 4 percent.

While relatively small price differences remain between tloethern andsouthern gas hubs hie overall
stabilization of price differences between Northern and Southern Caldgrices was a result of
structuralchangesn the gas markets. These changes incindezased production and transportation
capacity and lower costs from sources in the northern Rocky Mountain area and Canada to Northern
California. The effects oféhRuby Pipeline coming into service in late July 204d had a significant
effecton reducingthe overallprice differences The pipelingakes low cost natural gas from the Rockies
to the Northwest.
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Figurel.20 Monthly weighted average natural gas pric¢8009-2012)
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1.2.4 Generation addition and retirement

California currently relies on lorgrm procurement planning and resource adequacy requirements
placed on loaeserving entities to ensure that sufficiecapacity is available to meet reliability planning
requirements on a systeswide basis and within local areas. Trends in the amount of generation
capacity being added and retired in the 1ISO system each year provide important insight into the
effectivenes of the California market and regulatory structure in incenting new generation investment.

Figurel.21 summarizes trends in the addition andirement of generation from 2003 throug2012 |t
also includes planned capacitgiditions and retirements in 2013 Tablel.4 also shows generation
addiions and retirements since 2003. It includes projected 2tHahges and totalacross the 1year
period (2003hrough2013.

Figurel.22 and Figurel.23 show additional generation capacity by generator type. As the figures
indicate, most of the additionajeneration capacity is fromvind, solar and natural gas units. The vast
majority of the new renewable capacity is expected to come from wind and solar generators.

Generation a dditions and retirements in 2012

Over 2,000MW of new generatiodlbegan commercial operation within the 1S@stem in 2012. About
1,000MW of this capacity was @taled in the PG&E area amder 1,000 MW came online in the SCE
and SDG&E areaBive major natural gas unitsvere addedwith 1,350MW of combined capacity. This

34 Capacity values in 2011, 2012 and 2013 are calculated summer peak capacity values. The values in 2010 and before are
nominal ca@city values. For 2012, DMM used capacity factors calculated by the ISO for generation of each fuel type on the
basis of actual performance over the prior three year period. These factors may change year to year.
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additional capacitys offset, in part, by the retirement afinits with combined capacity o9 MWin
early 2013® A more detailed listing of unifs provided inTablel.5.

Anticipated a dditions and retirements in 2013

The 1SO anticipatedmost3,650MW of new gnerationin 2013* Around1,350MW of this capacitys
anticipated tocome from renewable resourced.ablel.6 provides more detailed information on these
projects. The ISO expects ab@,f00MW of this new capacity to be commercially available befte
anticipated smmer peak season. The IE&pects 440 MW of natural gas capacity to relisfore the
peak summer months (013

Over the pastwo yearsmuch of thenew gasfired generation has been offset by the retirement of

older gasfired geneation. As a result, nerenewable generation capacity has not grown significantly in

GKS flraid ¥S¢ @SINAIZI ¢6KAES NBYySglrotS ISYSNIGAZ2Y AY
Both 2012 and 2013 may prove to be exceptions. Beyond, Zi)d@ifcant reductions in total gafired

OF LI OAGe IINB LlraaAirof S RdzS G-througiKcdolingidechiiobga NS & i NRX O

Meanwhile, the amount of new renewable generation has begun to increase dramatically. As more
renewable generation coss online, the ISO has highlighted the need to backup and balance renewable
generation with the flexibility of conventional generation resources to maintain reliafility.

¢tKS aidlisSQa NBaz2dz2NOS I RSIjdz 08 eiEapatltypfocdeingnii A v dzS R
mechanism. However,in22% G 6 SOl YS Ay ONBI a Ay Icurient pradess NS y (i G K |
longerterm procurement may not ensure the investment and revenues needed to support sufficient

new orexisting gadired capacity to integratehte increased amount of intermittent renewable energy

coming online. The ISO, CPUC and stakeholders have been working through this issue as a part of
several initiatives in 2012, with many continuing into 2013. fdpsesents a major market design

challenge facing the ISO and state policy makers.

y
B

% In 2013, the only units expected tetire are Huntington Beach units 3 and 4. The California Energy Commission approved
the conversion of both of these units from energy generators to synchronous condensers supplying voltage support in
December 2012. FERC issued an order in Docket No-36R#3n 1 g KA OK adl §Sax Ay LI NI dGKIFG al
4, as synchronous condensers, will only produce reactive power to provide voltage support, not energy or other ancillary
ASNBAOSASE YR gAff y20 LINIHGAOALIGS Ay YEFENJSG GNIyalrOlA2yadg
http://elibrary.ferc.gov/idmws/common/OpenNat.asp?filelD=131480page 7.

% Capacity values reported in this section are estimated summer capacity, unless otherwise noted.

3" More information on renewable integration can be found here:
http://www.caiso.com/informed/Pages/StakeholderProcesses/IntegrationRenewableResources.asp
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Figurel.21 Generationadditions and retirementg2003-2013)
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Tablel.4 Changes in generation capacity since 200
. Total
2003 5008 2000 2010 2011 2012 Froected ough
2007 2013
2013
SCE and SDG&E
New Generation 6,287 45 1,107 1,042 401 1,054 2,410 12,346
Retirements (3,118) 0 0 (414) 0 0 (440)  (3,972)
Net Change 3,169 45 1,107 628 401 1,054 1,970 8,374
PG&E
New Generation 3,816 0 1,329 1,002 115 1,033 1,238 8,533
Retirements (1,199) 0 (26) (175) (362) 0 0 (1,762)
Net Change 2,617 0 1,303 827 (247) 1,033 1,238 6,771
ISO System
New Generation 10,104 45 2,436 2,044 516 2,087 3,649 20,880
Retirements (4,317) 0 (26) (589) (362) 0 (440)  (5,734)
Net Change 5,787 45 2,410 1,455 154 2,087 3,209 15,146
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Figurel.22 Generation additions by resource type (nameplate capacity)
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Figurel.23 Generation additions by resource type (summer peak capacity)
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Tablel.5 New geneation facilities in 202

Resource Summer Commercial

Generating unit Unit type capacity  capacity operation Area
(MW) (MW) date
Montezuma Il * Wind 78 16 1-Feb12 PG&E
Solano Wind ProjectPhase 3 (230KV) Wind 128 27 5-Mar-12 PG&E
Cantua Solar Statio* Solar 20 11 25-Jutb12 PG&E
Giffen Solar Station * Solar 19 11 25-Jut12 PG&E
Huron Solar Station * Solar 20 11 30-Augl2 PG&E
Gridly 6 Solar* Solar 3 1 1-Augl2 PG&E
Mariposa Energy Project Gas Unit 196 196 4-Sepl2 PG&E
California Valley Solar Reh-Phase A*  Solar 210 120 19-Sepl2 PG&E
Tracy Combined Cycle Power Plant ~ Gas Unit 332 332 1-Now12 PG&E
Northern California Power Agency Gas Unit 280 280 27-Now12 PG&E
Nickel 1 ("NLH1") * Solar 2 1 28-Now12 PG&E
Shiloh IV Wind Project * Wind 100 21 8-Decl12 PG&E
Kiara Anderson * Biomass 7 4 12-Dec12 PG&E
Joya Del Sol * Solar 2 1 21-Decl2 PG&E
PG&E Actual New Generation in 201z 1,396 1,033
Agua Caliente Solar * Solar 290 165 22-Jan12 SDG&E
Windstar | * Wind 120 25 28-Jan12 SCE
CPC EastAlta Wind VIII * Wind 150 32 1-Feb12 SCE
Golden Springs Building C1 * Solar 1 1 10-Feb12 SCE
Mountain View IV Wind * Wind 49 10 23-Feb12 SCE
NZWIND 6 CALWND* Wind 9 2 24-Mar-12 SCE
Coram Brodie Wind Project * Wind 102 21 29-Mar-12 SCE
Golden Solar Building D * Solar 1 1 2-Apr-12 SCE
North Palm Springs 1 * Solar 2 1 2-Apr-12 SCE
Industry MetroLink PV1 * Solar 2 1 3-Apr-12 SCE
SS San Antonio West * Solar 2 1 4-May-12 SCE
CPC WestAlta Wind 6 * Wind 150 32 9-May-12 SCE
DesertStar Energy Center Gas Unit 495 495 18-Junl2 SCE
Pacific Wind Project * Wind 140 29 19-Jut12 SDG&E
Copper Mountain Solar 2 * Solar 92 52 3-Aug12 SCE
Lake Hodges Pumped Storadagit2 Pumped Storage 20 20 27-Aug12 SDG&E
Brea Power Il * Biogas 28 17 1-Now12 SCE
McGrath Beach Peaker Gas Unit 47 47 1-Now12 SCE
North Palm Springs 4A Solar* Solar 4 2 2-Now12 SCE
SPVP005 Redlands RT Solar * Solar 3 1 24-Now12 SCE
SPVPO007 Redlands RT Solar * Solar 3 1 24-Now12 SCE
SPVPO018 Fontana RT Solar * Solar 2 1 24-Now12 SCE
SPVP042 Porterville Solar * Solar 5 3 24-Now-12 SCE
North Sky River Wind Project * Wind 160 34 7-Dec12 SCE
JAWBNE 2 SRWND * Wind 77 16 11-Decl2 SCE
Manzana Wind * Wind 189 40 20-Decl2 SCE
WKN Wagner, LLC * Wind 6 1 21-Decl2 SCE
SPVP044 * Solar 3 1 30-Dec12 SCE
SCE and SDG&E Actual New Generation in 2012 2,150 1,054
Total Actual New Generation in 2012 3,546 2,087
Total Renewable Generation in 2012* 2,175 716

Source: California ISO Interconnection Resourcesibapnt
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Tablel.6 Planned generation additions in 2@G1
Number of Resource Summer capacity Commercial

Generating unit projects capacity (MW) (MW) operation date Area
Solar Project * 1 40 23 Janl3 PG&E
Solar Project * 1 90 51 Mar-13 PG&E
Gas Project (Net Replacement) 1 126 126 May-13 PG&E
Solar Project * 1 20 11 May-13 PG&E
Gas Project 2 940 940 Junl3 PG&E
Solar Project * 5 34 19 Junil3 PG&E
Solar Project * 3 41 24 Jut13 PG&E
BiogasBiomass Piect * 1 50 30 Sepl3 PG&E
Solar Project * 1 2 1 Sepl3 PG&E
Solar Project * 1 20 11 Oct13 PG&E
BiogasBiomass Project * 1 2 1 Oct13 PG&E
PG&E Total New Generation in 201 1,365 1,238
Gas Project 1 49 49 Janl3 SCE
Solar Project * 4 73 42 Janl3 SCE
Wind Project * 2 300 63 Jan13 SCE
Solar Project * 2 136 78 Feb13 SDG&E
Gas Project 1 501 501 Mar-13 SCE
Solar Project * 1 137 78 Apr-13 SCE
Gas Project 1 800 800 May-13 SCE
Gas Project (Net Replacement) 1 -120 -120 Junl3 SCE
Wind Project* 1 265 56 Juni3 SDG&E
Solar Project * 1 18 10 Jut13 SCE
Solar Project * 3 809 461 Aug13 SCE
Solar Project * 1 5 3 Sepl3 SCE
Solar Project * 1 150 86 Sepl3 SDG&E
Solar Project * 1 133 76 Oct13 SCE
Solar Project * 3 384 219 Oct13 SDG&E
Solar Poject * 1 19 11 Now13 SCE
SCE and SDG&E Total New Generation in 2013 3,658 2,410
Total Planned New Generation in 2013 5,023 3,649
Total New Renewable Generation in 2013* 2,727 1,353

1.3 Net market revenues of new gas-fired generation

Everywholesale electric market must have an adequate market and regulatory framework for
FILOATAGIOAY3 Ay@SaldyYSyld Ay ySS-wR@&Brodudmestiprace® T y S g
and resource adequacy program is currently the primary mechanism toenmstestment in new

capacity when and where it is needed. Given this regulatory framework, annual fixed costs for existing
and new units critical for meeting reliability needs should be recoverable through a combination-of long

term bilateral contracts ad spot market revenues.

Each year, DMM examines the extent to which revenues from the spot markets would contribute to the
annualized fixed cost of typical new gagd generating resources. This represents an important
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market metric tracked by all IS&sCosts usé in the analysis are based ampreliminary studyby the
California Energy Commissi(DEC)

Hypothetical combined cycle unit

Key assumptions used in this analysis for a typical new combined cycle unit are sfi@abiein?.
Results for a typical new combined cycle unit are showirairiel.8 andFigurel.24. The 2012 net
revenue results show an increase in net revenues compar@@d. The 2012 net revenue estimates
for a hypothetical combined cycle unit in NP15 and SP15 both fall substantially below the $lykkW
estimate of annualized fixed costs provided in the @B&shop

Tablel.7 Assumptions for typical new combined cycle utlit

Technical Parameters

Maximum Capacity 500 MW
Minimum Operating Level 150 MW
Startup Gas Consumption 1,850 MMBtu/start
Heat Rates

Maximum Capacity 7,100 MBTU/MW

Minimum Operating Level 7,700 MBTU/MW
Financial Parameters
Financing Costs $96.7 /kKW-yr
Insurance $7.3 [KW-yr
Ad Valorem $9.6 /KW-yr
Fixed Annual O&M $43.7 [KW-yr
Taxes $18.5 /kW-yr
Total Fixed Cost Revenue Requirement $175.8/kW-yr

% A more detailed description of the methodology and results of the analysis presented in this section are provided in
I LIWJSY RAE | 2900 Adrial Beacat OréiMarket Issues & Performafpe| 2010, which can be found at
http://www.caiso.com/2777/27778a322d0f0.pdf

% The financing costs, insurance, ad valorem, fixed annual O&M and tax costs for a typicathimialie were derived
directly from the data presented in the March 20C&EC Workshop ahe Cost of New Renewable and FoBsiéled
Generation in Californiahttp://www.energy.ca.qov/2013_energypolicy/documents/index.html#030720TBe numbers
reported in the workshop are preliminary numberEhecost of actual new generators varies significantly dutatdors such
asownership, locatiorand environmental constraints. More detailed information can be found in the CEC documents.
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Tablel.8 Financial analysis of new combined cycle unit (260812)
2009 2010 2011 2012
Components
NP15 SP15 NP15 SP15 NP15 SP15 NP15 SP1t
Capacity Factor 57% 57% 67% 74% 53% 66% 70% 75%

DA Energy Revenue ($/kW - $172.67 $169.61 $137.95 $142.65 $101.62 $94.27 $118.95 $134.59
RT Energy Revenue ($/kW- $21.27 $15.50 $34.89 $37.31 $28.62 $30.84 $11.70 $11.62
' k{ wS@SydzS 6bg[78 0.85 ND$1.01 $1.25 $1.71  $2.29  $0.37  $0.39
Operating Cost ($/kW - yr)  $154.57 $147.48 $143.25 $145.69 $108.65 $104.41 $103.01 $108.96
bSi wS@SydzS o 40114 $38.48 NB30.60 $3552 $23.30 $22.99 $28.02 $37.64
pmeNJ ! SNI IS 38051 2 $33,66 & NI

Figurel.24 Estimated net reenue of hypothetical combined cycle unit
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Hypothetical combustion turbine unit

Key assumptions used in this analysis for a typical new combustion turbine are shbalridah.9.
Tablel.10andFigurel.25show estimated net revenues that a hypothetical combustion turbine unit
would have earned by participating in the rémhe energy and noispinning reserve markets. These
results show ma increase in the net revenudn the SP15 area and a slight decrease in the net revenues
inthe NP15 arean 2012. Estimated net revenues for a hypothetical combustion turliise fell well
short of the $19¢kW-year estimate of annualized fixed costs le tEC study
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Tablel.9 Assumptions for typical new combustion turbirie

Technical Parameters
Maximum Capacity 100 MW
Minimum Operating Level 40 MW
Startup Gas Consumption 180 MMBtu/start
Heat Rates (MBTU/MW)

Maximum Capacity 9,300

Minimum Operating Level 9,700
Financial Parameters
Financing Costs $116.2 /kKW-yr
Insurance $8.8 [kKW-yr
Ad Valorem $11.6 /kKW-yr
Fixed Annual O&M $34.7 [kW-yr
Taxes $18.8 /kW-yr
Total Fixed Cost Revenue Requirement $190.1/kW-yr

Tablel.10 Financial analysisf new combustion turbine (2002012)

2009 2010 2011 2012
Components
NP15 SP15 NP15 SP15 NP15 SP15 NP15 SP1t
Capacity Factor 6% 6% 7% 10% 6% 7% 5% 8%
Energy Revenue ($/kW -yr) $70.50 $84.62 $64.97 $95.94 $57.60 $69.57 $48.78 $78.89
A/S Revenue ($/kW - yr) $8.64 $8.37 $3.36 $2.97 $6.06 $5.98 $4.29 $5.04

Operating Cost ($/kW - yr) $25.85 $27.70 $24.80 $35.60 $23.23 $26.88 $14.82 $23.62
Net Revenue ($/kW - yr) $53.29 $65.29 $43.54 $63.32 $40.43 $48.67 $38.26 $60.32

5-yr Average ($/kW - yr) $43.88  $59.40

% The financing costs, insurance, ad valorem, fixed annual O&M and tax costs for a typicathisialie were derived
directly from the data presented in the March 2013 CEC Workshdpeo@ost of New Renewable and FoBsieled
Generation in Califorai http://www.energy.ca.qov/2013_energypolicy/documents/index.html#030720The numbers
reported in the workshop are preliminary numberEhecost of actual ew generators varies significantly dueféxtors such
asownership, locatiorand environmental constraints. More detailed information can be found in the CEC documents.

Annual Report on Market Issues aRdrformance 54


http://www.energy.ca.gov/2013_energypolicy/documents/index.html#03072013

Department of Market Monitoring, California 1ISO

April 2013

Figurel.25 Estimated net revenues of new combustion turbine
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These findings continue to underscore the critical importance of-teng contracting as the primary
means for facilitating new generation investment. Localiegments for new generation investment
should be addressed through lotgrm bilateral contracting under the CPUC resource adequacy and

longi SNY LINR OdzNBY Sy i
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provide additional reveme for new generation and cover the gap between annualized capital cost and
the simulated net spot market revenues provided in the previous section.

A more detailed discussion of issues relating to capacity procurement, investment in new and existing
genemting capacity, and longer term resource adequacy is provided in S@cfiand Chapted 0 of this

report.
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2 Overview of market performance

TheL { h Q& comtidNkd® perform efficientlyand competitivelyoverall in 2012.

1 Total wholesalelectric costs fell by 2 percent. However, natural gas prices dropped almost 30
percent, so that ISO prices were higher after accounting for lower gas prices. This increase was
driven by a combination dfigher loads|ower hydro-electricsupply, over 2,000 MW afuclear
generationoutagesandincreasedcongestion.

9 Overall prices in the ISO energy markets over the course of 2012 were about equal to what DMM
estimateswould result under highly competitiveonditions. About 97 percent of system load was
scheduled in the daghead energy market, which continued to be highly efficient and competitive.

1 Average reatime prices were driven higher than dapead market prices by relatively infrequent
but highprice spikesluring some periods Reatime pricesspiked over $250/MWh in about
1 percent of 5minute intervals, with many of these spikes being driven by congestion.

hdKSNI FaLISO0Ga 2F GKS L{hQa YIN]SGa LISGNwm2NYSR ¢St ¢

1 The ISO implemented new automated local market power mitigation procedures in thehdayl
and reaitime software that mitigated local market power very effectively and accurately. This
helped keep prices at competitive levels during most pmakmer load periods.

1 Ancillary serviceosts totaled $84 million, aabout 1 percent of total energy sts compared to
about 2 percenin 2011. This decrease waartly driven by the decrease in natural gas prices and
increaseduse of limitedhydro supplies to providespinning reserves rather than energy.

1 Bid cost recovery payments total&d 04 million, or aboul.3 percent of total energy costs in 2012,
compared to 1.5 percent in 2011.

1 Exceptional dispatches, out-of-marketunit commitments and rergy dispatchessued by ISO
grid operatordo meet constraints noincorporatedin the market softwareincreased from 2011
but remained relatively low. Energy from exceptional dispatches totabediied.53 percent of total
system energy in 201éompased to 0.40 percent in 2011

1 Although the volume of energy from exceptional dispatches increabedalbovemarket costs
resulting fromtheseexceptionaldispatches decreasedom $43 million in 2011 to 84 million in
2012. These costs decreased becaunsere of these dispatches were made to manage congestion
on uncompetitive constraints and were therefore subject to local market power provisions in the
ISO tariff.

Congestion increased significantly in 20ME2gely as the result afew reliability constaints
incorporatedin the market models and outages of tB®NG8&uclear generating units. This congestion
impacted market performance in numerous ways:

1 Congestion within the ISO systegsultedin an increasén price divergence betweeaverall
locatioral market prices ithe dayahead, hourahead and realime markets. Reaidtime congestion
was typically higher than in the dahead market as a result of reductions in transmission
constraintlimits made in response to power flows observed in réale.
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1 High realtime congestion drove realime market revenue imbalancéarges allocated to load
serving entitiedigher. Thesehargesincreasedrom $28 million in 2011 t$186 million in 20120r
about 2 percent of total wholesale costs.

1 Almost allof the $56 million in neprofits received by convergence (or virtual) biddesss the
result ofdifferences in dayghead and realime congestion In 2011, most profits received by virtual
bidders resulted frontivergence in system energy pridestween theday-ahead, hourahead and
reakHtime markets

2.1 Total wholesale market costs

The ptal estimated wholesale costs of serving load in 2012 weré I§i8ion or just under $8/MWh.

This represents a decrease of ab@uyiercentper megawatt houfrom a cost obver$36/MWh in 2011.
While electricity prices decreased slightly, natural gas prices decreased signific20y? {almost30
percent)? Much of this decrease occurred in the first half of the year. After accounting for lower gas
prices,DMM estimages thattotal wholesale energy costs increased from $33/MWh in 201dvier
$42/MWh in 2012, representing an increase of ov8rrcent in gasiormalized price$:

A variety of factors contributed to the increase in gesmalized total wholesale costs2012. As
highlightedelsewherein this report, conditions that contributed to higher prices inclube following

1 Higher average loads and higher summer peak loads;

1 Lowerin-state hydro-electric generation;

1 Outages obver 2,000 MW of nucleagenerationfor most of the year (SONGSits 2 and 3)and

1 Increased regional congestion

While there were several factors contributing to higher prices, there were other factors in addition to

lower natural gas prices contributing tivingpriceslower. These fdors are discussed in the
following sections and chapters of this reparidincludethe following

1 Increased imports from the Southwestd the Northwest
1 Additions of newgeneration capacity;
1 Relatively high dayahead scheduling of load relative to acti@ads and

1 More effective local market power mitigation on uncompetitive constraints

Figure2.1 shows total estimated wholesale costs per Mftsystem loadrom 20 to 2012.

Wholesale costs are provided inminal terms, as well as after normalization for changes in average
spot market prices for natural gas. The green line representing the annual average of daily natural gas
prices is included to illustrate the correlation between the cost of natural gasrentbtal wholesale

cost estimate.

*L In this report, we calculate average annual gas prices by weighting daily sgattrpeices by the total ISO system loads.
This results in a price that is more heavily weighted based on gas prices during summer months when system loads are higher
than winter months, during which gas prices are often highest.

2 Gas prices are normatd to 2009 prices.
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Figure2.1 Total annual wholesale costs per MWh of load (Z82012)
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Table2.1 provides annual summaries of nominal total idsale costs by category for years 200

through 2012. Under the nodal market design, which began in 2009, total wholesale market costs are
estimated based on prices and quantities cleared in each of the three energy marketaheday, hour
ahead and Bninute reattime markets. This estimate also includes costs associated with ancillary
services, convergence bidding, residual unit commitment, bid cost recovery, reliabilityrumust

contracts, the capacity procurement mechanisandthe flexible ramping @nstraint and grid

management charges.

As seen iMable2.1, most cost categories decreased in 2012 relative to 20h&. dEcreasén nominal
wholesale costs is mosttjue to a decrease in dagheadand realtime energy costs. The primary factor
causinghis decrease was thsignificantdecrease in natural gas priceshe majority of the decrease in
day-aheadand realtime energy costs occurred in the filsalf of 2012 Ancillary service costs
decreasedcompmred to 2011due to decreases in gas prices and increased usage of limjtkd-
electricsupplies to povidespinningreserves Reliability costs increased to address local reliability
concerngelated to theoutage of SONG®its 2 and 3.

1 RSAONALIIAZ2Y 2F (KS o6lFard YSGiK2R2t238 dzaSR (2 209t OdzAf | S8 GK
Annual Report on Market Issues and Performadqeil 2010 http://www.caiso.com/2777/27778a322d0f0.pdfThis
methodology was modified to include costs associated with the flexible ramping constraint and convergence bidding. Flexible
ramping costs are addedtothereéalA YS Sy SNBH& O2 a (t,D¥MM brakg outfnet dohvergeBde bidiig chists lai2 NJ
its own category. This year, DMM has enhanced the methodology to include the gross convergence bidding revenues and
costs as part of both the deahead and realime market costs for both 2011 and 2012s &result of this change and other
minor adjustments, the wholesale numbers in 2011 changed slightly.
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Table2.1 Estimated average wholesale energy costs per MWh @2012)
Change
2009 2010 2011 2012 '11-'12
Day-Ahead Energy Costs (excl. GMC) $ 3557 $ 3737 $ 3288 $ 3257 $ (0.30)
Real-Time Energy Costs (incl. FlexRamp) $ 081 $ 073 $ 160 $ 135 $ (0.25)
Grid Management Charge $ 078 $ 079 $ 079 $ 080 $ 0.01
Bid Cost Recovery Costs $ 029 $ 037 $ 056 $ 045 $ (0.11)
Reliability Costs (RMR and CPM) $ 025 $ 027 $ 003 $ 014 $ 0.11
Average Total Energy Costs $ 37.70 $ 3953 $ 35.86 $ 35.32 $ (0.55)
Reserve Costs (AS and RUC) $ 039 $ 038 $ 062 $ 037 $ (0.24)
Average Total Costs of Energy and Reserve$ 38.09 $ 3991 $ 36.48 $ 3569 $ (0.79)

2.2 Overall market competitiveness

To assess the competitiveness of t8© energynarkets, DMM compares actual market prices to
competitive benchrark prices we estimate would result under highly competitive conditions. DMM
estimates competitive baseline prices bygimulating the market using the dahead market software
with bids reflecting the actual marginal cost of g@ed units* Figure2.2 compares this competitive
baseline price to average systemide prices in the daghead and Sninute reattime markets. When
comparing these prices, it is important to note that baseline prices are calculated the dayahead
market software, which does not reflect afl the system conditions and limitations that impact real
time prices.

As seen iffrigure2.2, prices in the dayahead marketvere about equal to thecompetitive baseline
pricesin most months, but exceeded this baseline price by about 7 percent in the peak load month of
August High prices in August were driven ligh congestioron constraints in Southern Califorpia

along with peak loadanduncompetitive bidding by some market participantsinder these conditions,
high pricesanoccur becausa limited set of resourceare available to resolve transmission conditions

In the realtime market, aerage systerwide prices were lower than the compgte baseline in 2012

in most months except for April, May, August and Septembethdmpeak month oAugust,highreal

time prices were driven by congestion impacting Southern California petated to peak loads
unscheduled flowandwildfires. In the realtime market, congestion typically causes prices to rise more
sharply than in the daghead market because thereasnuch morelimited set of resources available to
resolve the transmion conditions

4" A more detailed description of the methodology used to estimate competitive baseline prices and theqsticearkup is
LINE @A RS R QuasferlyRepartba Market Issues and Performarieebruary 13, 2013, 14,
http://www.caiso.com/Documents/QuarterlyReport _Market%20Issues Performdfetaruay2012.pdf Due to technical
limitations, DMM was unable to rerun the dajead model with actual load starting in May. For the remaining months of
the year, DMM calculated the competitive baseline by setting bids fofigasgeneration to their defatilenergy bids (DEBs),
including convergence bids and running the -@énead market with bidn load. With this approach, the combination of
cleared virtual demand and physical demand was very close to actual and forecast load. Thus, DMM believessthat this
reasonable approach to calculate the overall competitive baseline given these rerun limitations.
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Figure2.2 Comparison of competitive baseline with deghead and reatime load weighted
prices®
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As discussed in Chapt@of this report,newlocal market power bidnitigation procedures

implemented in 2012 helped k@ prices competitive by effectively mitigating the exercise of local

market power. In August, the ISO also gained approval from FERC to expand market power mitigation
provisions applicable to exceptional dispatches issued to units needed to meet spéalility

requirements not incorporated in the reéime market model® This expansion of mitigation for
exceptional dispatches further deters uncompetitive bidding in the-@agad and realime energy

markets by units frequently needed to meet thegeesial reliability requirements. Additional discussion
of this is provided in Sectidh3.20f this report.

DMM also calculates an overall pricest markup by comparing competitive baseline prices to total
average wholesalenergy cost$! Total costs used in this analysis represelttaatweighted average of
all energy transactions in the dahead, hourahead and realime markets? Thus, this analysis

includes energy procured at higher prices in the #t@ak market, asvell as net energy sales in the
hour-ahead market at lower prices.

“> DMM was unable to rerun most save cases in December due to technical difficulties. We will replicate the December runs
when we begin analysis of 2Btesults.

4 { S Exceptional Dispatch and Residual Imbalance Energy Mitigation Tariff AmeddmeBR@ocket No. ER12539-000,
August 282012 at: http://www.caiso.com/Documents/August282012ExceptionalDispatch
ResiduallmbalanceEnergyMitigationTariffAmendmBuaicketNoER12539000.pdf

*" DMM calculates the priceost markup index as the percentagéifference between actual market prices and prices
resulting under this competitive baseline scenario. For example, if market prices averaged $55/MWh during a month, but the
competitive baseline price was $50/MWh, this would represent a pricst markupof 10 percent.

8 These costs are based on the same data and methodology used in the analysis of total wholesale energy costs provided in
Section2.1
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In 2012, DMM estimated the overall pricest markup to be about 0.01 percenas seen ifrigure2.3.

In 2010 and 2011, the overall pricest markup was sligHy negative, about2 percent and4 percen,
respectively” Thehigherprice-cost markup in 202 was driven by increases in the summer peak load
months relative to other monthsThe pricecost markup and other analysis in this report indicate that
prices under the nodal market design have b&ernycompetitive overall

Figure2.3 Pricecost markup (20092012)
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2.3 Dayahead scheduling

Thelevel of physicdbadbidsclearing the dayahead marketontinued to be highin 2012 averaging
about97 percent of total forecast demand and actual loagédthougha relatively small volume of
physicaldemandis settled in thereaktime market this represents a change from previous years, when
about 99 percent ophysical load had been scheduled in the -dénead market However, when net
virtual demand resulting from convergence bids is added to the scheduled physical load, total demand
clearing the dayahead market has continued to match the dalyead load forecst very closely,
especially during peak hour&igure2.4 compares the average level pliysicaload clearing in the day
ahead market to the forecast of demanth the third and fourthquarters physicaloadasa percentage
of forecasted load clearindné dayahead market began to trend downwarth the fourth quarter,
physical load clearing the daahead market averaged about 96 percent of the load forecastlawest
point in over two years.

While theL { shia@d forecast teneld to match the actual load for most of the dgyhysical load clearing
the dayahead market was often lower than the forecast during the peak hodmvever, during peak

9 As previously noted)MM was unable to rerun mostavecases irDecember due to technical difficultie¥Ve will replicate
the December runs when we begin analysis of 2013 results.
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hours virtual demand tended to drive total load clearing the-dagad market up to levels about equal
to or above actual and forecasted system loads.

Figure2.4 Physical load clearingay-aheadmarket compared to loadorecast
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As shown irFigure2.5, average physicdbad clearing the dayahead market over the course of 2012

(red line)wasless than the load forecast (yellow lird)ringmany hoursof the day,with the greatest
differences falling in the evening peb&urs. During the late evening offeak hours and morning
ramping hours, the load schedules tended to be closetecastloads. In previous years, average
physical load scheduled in the dafiead market equaled about 99 percent of forecast load, particularly
in the peak hours.

However, aalsoshown inFigure2.5, the average total amount of demand, including net virtual

demand from all convergence bids, clearing the-dhgad market (green line) matched the dalyead
forecast load (yellow line) very closely in the peak hours, while falling below the forecast of load in the
off-peak hours. This reflects an average net virtual bidding position of net demand in the peak hours
and net supply during the effeak hours.The lower scheduling of physical load in peak hours reflects a
substitution of price sensitive bids for physical demand by convergence bids.

Virtual bidding trends are discussed in more detail in Chap(8ectiord.1) of this report. As noted in
Chapter4, during many peak hours of the summer months when averagetirealprices exceeded
average dayahead prices, virtual demand pushed total demand clearing thealagd market an
average of about 1,000 MW over actual and forecasted loads.
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Self-scheduling of loads and generation

The high level of scldelling in the dayahead market is due largely to a very high levededfscheduling
of loads and generation.

Figure2.6 shows the portion of load clearing the dafiead market comprised of sed€hedules and
price-taking demand bids, as opposed to prEEnsitive demand bidS. Seltscheduled and pricéaking
demand bids accourt for anaverage of 95 to 96 percent of load clearing the-dagad market in

2012, up just slightly from 2011. This sstheduled opricetaking load also equaled about 96 percent

of the forecast of actual load in both 2011 and 2012. This indicates thaskradhg entities continue

to be price takers for a very high level of their actual load, while submitting price sensitivebilde f
remainder. As noted above, a lower portion of these price sensitive physical demand bids cleared the
day-ahead market in 2012, while additional higher priced virtual demand bids cleared the market.

Figure2.7 shows the portion of supply clearing the dalgead market comprised of sed€heduling and
pricetaking bids® Extremely high levels of sel€heduled supply can decrease market efficiency by
reducing the degree to which the market software is fre@pbimize supply resources based on their
bid costs. High levels of ssitheduling can also hinder the ability to manage congestion in the most
costeffective manner.The total amount of selfcheduled and pricéaking supply has decreasedch
guartersince the second quarter of 2011.

% In this analysis, DMM classified load bids within $5/MWh of the maximum bid cap asgkilcg because these bids are
virtually certain to clear the daghead market. The energy bid cap was $750/MWh from April 1, 2010 to March 31, 2011.
The energy bid cap increased to $1,000/MWh on April 1, 2011.

L In this analysis, DMM classified supply bids between the energy bid flodGNMWh as pricetaking supply because these
bids are virtually certain to clear the dajread market. The energy bid floor w&80/MWh in 2011 and 2012.
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Figure2.6 Average selscheduled loadasa percent of totalload cleared in dayahead market
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Figure2.7 Average sekscheduled supplyasa percent of totalsupply cleared in dayghead
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In 2012, slf-scheduled and pricéaking supply bids have accounted for an average of about 59 to 65
percent of supplyglearing the dayahead market. Se#fcheduling of supply haeended downward in all
quarters of 2012. A large portion of this reduction in-selieduled supply reflects the outage of SONGS
units 2 and 3, which represents about half of the selieduled nuclear power in California. Also,
compared to 2011, sebicheduled hydro generation was also down between 40 and 50 percent during
the summer months due to a reduction in hyeetectric availability due to low precipitatiorkinally,
sinceloadswere higher ir2012 this tended tadecreag the percentage of seupply as a portion of

total load.

Hour-ahead market

The hourahead market allows daghead inteftie schedules to be modified through a-optimization

of the entire market. Market participants with accepted eityead imports or export bids can either
seltschedule their energy in the hoahead market, or rédid dayahead scheduled quantities at the
same or different prices. If an import scheduled in the-dhgad market does not clear in the heur
ahead market, the market participant buys back the amiat the hourahead price. Exports scheduled
in the dayahead market that do not clear in the hecahead market are sold back at the heatread
price

For most of 2012, net import schedules clearing the kalead market were systematically lower than
net imports clearing the daghead market (as seen kigure2.8). This was a reversal of the trend that
existed in most of 2011, and a reversion back to the pattern that existed in previous years.

The trend of rduced net imports in the houahead market during the second and third quarters of
2012 can be attributed largely the fact that hourahead prices remained systematically lower relative
to day-ahead and realime prices in these months, as showrFigure2.9 andFigure2.10. This change
may also be partly attributable tile elimination of convergence bids on the intés in late 2011 (see
Chapterd), as physical importso longer compete with virtual imports for transmission availability in
the dayahead market.This may result in scheduling of more physical imports in theathead market

in 2012 relative to 2011, when virtual imports were allowed on itites in the dy-ahead market.

*2 |n order to receive positive buy back revenues for imports or positive sell back revenues fdsggpdicipants must have
submitted a valid €rag in the dayahead market. Otherwise, any positive revenues received by buying or selling back the
transaction in the houahead market will be rescinded.
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Figure2.8 Change in net dayahead importsresulting fromhour-ahead market (hourahead
minus day-aheadschedule$
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2.4 Energy market prices

This section reviews energy market prices by fouusin a few key elements: price levels and

convergence, congestion, and reahe price volatility. Key points highlighted in this section incline
following

1 Energymarket prices were slightly lower in 201t#2an 2011 on average.
Price convergence ipnoved between the dayhead and realime markets in 2012.
Price convergenceemained an issue betwedhe hourahead and realime markets.

Congestion increased significantly in 2012 compared to 2011.

=A = =4 =4

Realtime pricespikes occurreds frequenly in 2012as in 21, but the overall level of the price
spikeswas lower by the end of the year.

Price levels and convergence

Energy market prices were slightly lower in 2012 than 2011, and price convergence improved between
the dayahead and realime markets ir2012. Price convergence between the hairead and realime
markets was mixed, depending on the metric used to assess price convergehcemained fairly
consistent overall with levels seen in 2011
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Figure2.9 andFigure2.10show average quarterly system energy prices in the three energy markets for
peak and offpeak hours, respectively. The following is shown in thedigures:

1

Prices were lower in the first half die year and higher during the second half of the year. This is
primarily attributable to natural gas priceghichwere lower in the first half of the year and higher
during the second hatif the year

With the exception of peak hours in the second geaxf 2012, average daghead and realime
price differences in 2012 were small, about $2/MWh or less. This was an improvenpeite
convergencdrom 2011.

Price divergence increased between halread and realime markets in 2012 compared to 2011.
After the first quarter of 2012, prices diverged on average by $3/MWh or more between the hour
ahead and realime markets in both peak and effeak hours.

Hourahead market prices were higher than réishe market prices, on average, in the fourth
quarterof 2012. This was the result of a few instances of extreme prices in theahead market
that drove average hodahead prices higher than average raie prices.

While average prices indicate thatige convergenchas improved between the dagheadand 5

minute reattime marketsin 2012, this improvement is a result of averaging differences over a period of
time. For instancerigure2.12 shows that average hotahead and realime price differences appeared

to improve in he third quarter as they decreased relative to the second quarter. However, the absolute
average difference increased, indicating that prices differed by more on an hourly basis.

When the absolute price difference is takgmice convergence between thiday-ahead and realime
markets improved in 2012 compared to 20%1in addition, price convergence improved slightly when
comparing the absolute average price differences between the-ahead and realime markets.
However, in both instances, the ingrement in the absolute differences was driven by improvements
in absolute price convergence in the ficgarter (sed-igure2.11 andFigure2.12). After the first

quarter, the absolutegrice differences averaged over $16/MWh between -@égad and realime

market prices and almost $19/MWh between heamead and realime market prices.

53
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In previous reports, DMM used the PG&E argaepto highlight overall price trends. However, since congestion increased in
2012, DMM has switched its price analysis to the system marginal energy price, which is not affected by congestion or losses.

By taking the absolute value, the directiontbé difference is eliminatedeavingonly the magnitude of the difference.
Mathematically, this measure will always exceed the simple average price differences if both negative and positive price
differences occurlf the magnitude decreasethat wouldindicate thatprice convergencevasimproving. If the magnitude
increasesthat would indicate thaprice convergenceasgetting worse.DMM does not anticipate that the average

absolute price convergence should be zero. This metric is considereeésiguptary to the simple average metrics and helps
to further interpret price convergence.
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Figure2.9 Comparison of quarterly priceg system erergy (peak hours)
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Figure2.11 Difference inday-ahead and reatime prices¢ system energy (all hours)
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Figure2.12 Difference in hourahead and reatime prices¢ system energy (all hours)

$40 -
e=jg=s Average price difference (real-time minus hour-ahead price)
$30 -
e=g=» Average absolute value (real-time minus hour-ahead price)
= v
S $20 - S
& S s’
(]
2 $10 -
o
$0 i
-$10 -
Q1|Q2|Q3|Q4 Q1|Q2|Q3|Q4
2011 2012

Annual Report on Market Issues aRdrformance 70



Department of Market Monitoring, California ISO April 2013

Congestion

This sectiortompares thecongestion price differences between the dalyead,hour-ahead and real
time marketsasboth a simple and absolute average over time. These metrics show that congestion
increased significantly in 2012 compared to 2011.

Figure2.13 shows the monthly average and absolute congesfpidoe differences between the day
ahead and realime markets since January 2011 for each load af@gure2.14 shows the monthly
average and absolute congestion price difference between theati@ad and houahead markets by
load area for the same period.

The simple average (dashed line) and absolute average (solidni@asures of priceivergence

between the dayahead and the other marketsere relativelysmall in 2011, with one exceptiéh.This
trend continued intoearly2012. However, beginning in February and continuing through the rest of the
year, dayahead market congestion differed significantly from both ##ralke and hourahead congestion
measured as both simple average andp an even greater degreas anabsdute average?

For example, in November 2012, the absolute difference between theaagd and the reaime

prices in the SDG&E area was just under $15/MWh, while the simple average difference was
approximately $5/MWh. The price differences were algmigicant between the daghead and hour
ahead market in November 2012, about $7.30/MWh and $4/MWh for absolute and simple averages,
respectively.

Figure2.13 Monthly average and absolute congestion price féifences between the dayahead
and reattime markets
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%5 There were short periods of congestion differences in the SDG&E area in early 2011.

% This roughly coincides with the outage of SONGS units 2 and 3. Whilethages directly played a role in increasing
congestion in 2012, other factors also increased congestion§eegon7.3for further detail).
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Figure2.14 Monthly average and absolute congestion price differences between the-dhgad
and hourahead markets
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Convergence bidders have been ataerofit from the congestion price differences between the day
ahead and realime markets. Redime imbalance congestion costs occurred as a rgsekSection
3.4). These congestion differences were related to diffeesnio system conditions including line
ratings and outages.

Price spikes

One of the key factors that historically drove price divergence was the small frequency of extreme real
time price spikesFigure2.15 showsthe frequency of different levels of price spikes on a quarterly basis
over the past two years for aggregate load prices. The frequencies shdwguie2.15 can be affected

by spikes in the systerwide price ofenergy andrices spikes caused hjghcongestion.

The frequency of realime price spikes was similar in the two yeassth about 1 percent of regime

prices being extremely high. Howevtre improvement in dayahead and realime price convergece

is partly due to the decrease in the frequency of #ale price spikes in the first quarter and decrease

in the pricespike levels in the fourth quarter. The frequency of 1t&ak price spikes decreased at the

end of 2011 and continued into the firguarter of 2012. However, beginning in the second quarter of
2012 and continuing through the rest of the year, the frequency of price spikes was around 1 percent of
reakime intervals.

The total frequency of price spikes at or above $1,000/MWh inciekaséhe third quarter of 2012

primarily as a result of congestion. In the fourth quarter, the overall level of price spikes dropped, with
the majority of price spikes falling within the $250 to $500/MWh range. This change was likely
attributed to two factors. First, ISO operators began to increase the flexible ramping requirement more
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consistently during the evening ramping hours. Second, the ISO implemented load and congestion
adjustmentfunctionalitythat limits thechance of ISO operatadjustmens creaing brief modeing
infeasibilitiesthat result in very high prices.

Figure2.15 Realtime price spike frequency by quarter
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2.5 Residual unit commitment

The purpose of the residual unit commitment marieto ensure there is sufficient capacity online or
reserved to meet actual load in re@ne. The residual unit commitment market is run right after the
day-ahead market and procures capacity sufficient to bridge the gap between the amount of load that
cleared in the dayahead market and the daghead forecast load. Capacity procured in residual unit
commitment must be bid into the regime market.

The direct cost of procuring capacity through the residual unit commitment process was around
$2.5million in 2012 compared to $1.1 million in 2011 and $83,000 in 2@f@&r implementing
convergence bidding in February 2011, the direct residual unit commitment costs increased notably.
When the market clears with net virtual supply, residual unit comraitircapacity is needed to replace
the net virtual supply with physical suppliFor most of 2012, the market cleared net virtual demand.
Therefore, the impact of virtual positions was limitedtmsth the direct capacity procurement costs and
bid cost recwery payments associated with residual unit commitment

Around85 percent of the tota$2.5million costs occurred in thisurth quarter. This was a result of two
factors

1 Amajor transmission outagereated reliabilityissues with 3@minute ramping cagcity in the PG&E
area. The ISO addressed these issues by setting higher regional residual unit commitment
requirements.
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1 The ISO operators also set higher requirements for the system during steep ramping hours to meet

system ramping needs.

In 2012, unitcommitted in the residual unit commitment process accounted for around $8 million in

bid cost recovery payments, or about 8 percent of total bid cost recovery payments.

In 2011, these

costswere $6 million orabout5 percentof total bid cost recovery panents. The increase is primarily
becauseof the transmission outage that affected-B@inute ramping needs in the fourth quarter. The
next section explains this issue in further detail.

2.6 Bid cost recovery payments

Generating units are eligible to receibid cost recovery payments if total market revenues earned over
GKS O2dzNAS 2F | RI @

R2

y2i 02 @SNJ i

KS &adzy 27F

for start-up, minimum load, ancillary services, residual unit commitment availabititt dayahead and
reaktime energy. Excessively high bid cost recovery payments can indicate inefficient unit commitment

or dispatch.However, as described below, a large portion of bid cost recovery payments in 2012 were

incurred to meet special religlity issues that require having units online and ready to ramp up in the

event of a contingency.

Figure2.16 provides a summary of total estimated bid cost recovery payments in B@IRiarter and
by market. Bl cost recovery ayments totaéd around$104 millionor about 13 percent of total energy
costs. This compares to a total of $126 million or about 1.5 percent of total energy costs in@2011
decrease ohbout17 percentfrom 2011 to 2012.

Figure2.16
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Bid cost recovery paymentsr units committed in the dayahead energy market totaled $47 million in
2012. DMM estimates that unitcommitted due to minimum online constraints incorporated in the
day-ahead energy market accounted for $22 million or over 20 peroétdtal bid cost recovery
payments in 2012. These constraints are usechéet special reliability issues that require having units
online to meet voltage requirements and in the eveiia contingency’

Bid cost recoverpayments associated with retime market dispatcheaccounted for $49 million or

almost half of all bid cost recovery payments in 2012. As shoWigure2.16, thesepayments

increased natbly in the third quarter, reaching around $17 million, with $11 million in August. A
sustained heat wave and the resulting increases in load in August required the ISO to commit extra units
after the dayahead market by exceptional dispatch to protece tsystem from potential system or local
contingencies.

Bid cost recovery payments resulting from units committed though exceptional dispatches played a
significant role in the increases in the ré¢he bid cost recovery payments. These payments are drive
LINAYFNRE@ 0@ YAYAYdzy t2FR 0AR O2aiafuebcsshodK Ol y SJj
operating at minimum loadDMM estimates thaapproximately$26 millionof the reattime bid cost

recovery payments in 2012 stemmed from units committieugh exceptional dispatches.

Bid cost recoverpayments associated with units committed through the residual unit commitment
process totaled about $8 million, withostof these costs occurring in the fourth quarter of 20Ihe
increase resuéid from an increase iresidual unit commitment requirements fédorthern California to
protect reliability in the event of contingency.These requirements were increased due to arde of
the major transmission path into Northern California from tiarthwest (@lifornia Oregon Intertig

This increase in residual unit commitment requirements began in@cidber and continued for about

a month The ISO then began to model the capability in case of contingency need as a minimum online
constraint north of Ath 15. After the addition of the new constraint, residual unit commitment bid cost
recovery payments fellHowever residual unit commitment bid cost recovery paymestdi remained
moderateafterwardsbecause ISOperators continued to make adjustmento the systentesidual unit
commitment requirements¢o address system reliability during the steep evening ramp periods.

" Minimum online constraints are based on existing operating procedures that eequitinimum quantity of online capacity
from a specific group of resources in a defined ar€hese constraints make sure that the system has enough longer start
capacity online to meet locational voltage requirements and respond to contingetheiesamot be directly modeled
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3 Real-time market issues

This chapter highlights changes in factors that caused and changed the nature of extreme positive and
negative prices in 2012. In addition, this chapter highlightspgormance of the flexible ramping
constraint and the underlyingauses of reatime uplifts known as redime energy and congestion
imbalance offset costs.

T

While shortages of upward rampingpcity continued to play a role in setting high prices, the
frequency of such price spikes decreased over the course of the yaaesislt of improvements in
market software and procedures. The frequency of positivetiesd price spikeas a result of
upward ramping infeasibilitiedecreased from @ percent of intervals in 2011 to 0.6 percent of
intervals in 2012.

Congestion began to play a major role in extreme positivetiesd prices in 2012accounting for
over half of all price spikes due thartage of upward ramping capacity in 2012

The frequency of negative retime prices decreased to 1 percent of intervals in 2012, down from
1.8 percent in 2011. This decrease was likely the result of less inflexibdelsetfuled hydre
electric generabn availabilityin 2012. Most negative prices in 2012 occurred when the power
balance constraint needed to be relaxed in the market software due to shortages of downward
ramping capacity. In 2011, most negative +ale prices were set by negative peit bids
dispatched by the 1SO.

Payments to generating resources resulting from the flexible ramping constraint payments were
relatively low, totaling about $20 million for the year. For the sake of comparison, spinning reserve
costs were about $35 milliofor the year.

While the flexible ramping constraint likely contributed to the decrease in systita realtime
price spikes, this constraint is less capable of addressing congestited reattime price spikes.

Reailtime imbalance offset costs totaleabout $23% million in 2012, up from $165 million in 2011.
The increase was primarily a result of increases inties congestion imbalance offset costs from
$28 million in 2011 to $186 million in 2012.

The increase in redime congestion imbalance @t costs was primarily the result ifductionsin
transmission limits between the deghead and realime markets. In many instances, ISO operators
adjusted these limits downward in retiine to better account for unscheduled flows observed in
reaktime.

Virtual bidding increased redime congestion imbalance offset costs. This occurred as virtual
bidding increased the volume of transactions contributing to the revenue imbalance allocated
through the realtime congestion imbalance offset charge whéwis were decreased between the
day-ahead and realime markets due to transmission limitations.
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3.1 Background

The ISO market includes an energy bid cap and bid floor to limit the éfcshort term constraints,
modeling issues or market powertay hae on market outcomes. Currently, the bid cap is set at
$1,000/MWh; the bid floor is set a$30/MWh.>*® The bid cap and floor affect prices directly and
indirectly:

1 Dispatching a generator with a bid at or near the bid cap or floor will directly impactytstem
energy cost and prices.

9 Penalty prices for relaxing various energy and transmission constraints incorporated in the market
software are also set based on the bid cap and fldhen one of these constraints is relaxed,
prices can reach the enegrdpid cap or flogras described below

Prices have seldom reached the bid cap or fltioectly because of the market dispatching energy bids
at these bid limits.Most prices hiting these bid limits are caused by relaxing the power balance or
transmis$on capacity constraints

When energy that can be dispatched in the rBiade market is insufficient to meet estimated demand
during any Bminute interval, the systerwide power balance constraint of the market software is
relaxed. This constraint requsa@ispatched supply to meet estimated load on a sysiéde level

during all 5minute intervals. The power balance constraint is relaxed under two different conditions:

1  When insufficient incremental energy is available fanfute dispatch, this constrairis relaxed in
the scheduling run of the redime software. In the scheduling run, the software assigns a penalty
price of $1,100/MWfor the first 350 MW that this constraint is relax&dAfter this, load and export
schedulesnay bereducedat a penaly priceof $6,500/MW in the scheduling run. In the pricing
run, a penalty price of $1,000/MW is used. This causes prices to spike to the $1,000/MWh bid cap
or above.

1 When insufficient decremental energy is available foniute dispatch, the software taxes this
constraint in the scheduling run using a penalty prices86/MW for the first 350 MW After this,
selfscheduled energy may be curtailed at a penalty pricé&df800/MW. In the pricing run, a
penalty price of$35/MW is used. This causesges to drop down to or below the30/MWh floor
for energy bids.

When brief insufficiencies of energy bids that can be dispatched to meet the power balance software
constraint occur, the actual physical balance of system loads and generation is notethpaynificantly
nor does itnecessarilyose a reliability problemThis is because the retine market software is not a
perfect representation of actual-Binute conditions. To the extent power balance insufficiencies occur
more frequently or lasfor longer periods of time, an imbalance in loads and generation actually does
exist during these intervals, resulting in units providing regulation service providing any additional
energy needed to balance loads and generation. To the extent that réguksérviceand spin reserve
capacity areexhausted, the ISO may begelyingon the rest of the interconnection to balance the
system, which may affect the reliability performance of the $$8em

%% The-$30/MWhbidTt 22 NJ A& NBI f f & F5306MiMR Fail be Buibmigedlput do not defiie marl&:t pece.
Also, bids below$30/MWh are subject to cost justification if the participant seeks to be paid more-B20/MWh.

* The scheduling run parameter was increased in 2012 from $1,000/MW to ensure that all economic bids were exhausted
before the penalty was imposed.
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Sometimes extreme corgtionon constraints within théSOsystemcan limit availability of significant
amounts of supply. This caausesystemwide limitations in theupwardrampingcapacity and thus

cause relaxations in the power balance constraintthese cases, the cost of relaxing the system power
balance constraint is less expensive than the cost of relaxinotemal constraint. Thereforethe

system power balance constraint is relaxed to deal with upward ramping limitations in the congested
portion of the 1ISO systeff.

3.2 System power balance condraint

The frequency of power balance constraint relaxations due to insufficient upward or downward ramping
capacity decreased in 2012 compared to previous years. However, congestion played a larger role
contributing to power balance constraint infeasitbds in 2012.

Figure3.1andFigure3.2 show the frequency with which the power balance constraint was relaxed in
the 5minute realtime market software each quarter since 201The power balance constraint has
never been relaxed in the daghead orthe hourahead markets as sedthedules are cut first.

As shown irFigure3.1, the constraint was relaxed because of insufficient incremental energy in about
0.6 percent of the Sninute intervals in 2012In 2011, the power balance constraint was rekdin

about 0.8 percent of the-Bninute intervals. Even though the total frequency was dpmorepower
balance relaxations occurrea$ a resulof congestion in 2012. In 2012, around 54 percent of the
upward ramping capacity relaxations showmrFigure3.1 resulted from extreme congestiacompared

to about 10 percent in 2011

As in previous years, the power balance constraint was relaxed more frequently due to insufficient
downward decremental capacity than upward insufficiesdi® 2012.As shown irFigure3.2, the

constraint was relaxed due to insufficient decrememapacity just over 1 percent of intervals in 2012.

This was a decrease in frequency compared to 2011, where the power balance was relaxed as the result
of downward ramping insufficiencies during almost 2 percent of intervailsus, there was a significant
decrease in the frequency oélaxationsdue to insufficient downward ramping capabilityVhen the

constraint is relaxed under these conditions, the downwiangact on average prices is also less

significant because prices only drop towards or to the bid fade$30/MWh.

% This igorimarilytrue for large regional constraintd=or very smalbcalconstraints, tke opposite is true.In the case of local
constraints, the ost of relaxing thdocalconstraint is less expensive th#re cost of relaxing the system constrainthus
the regional constraint is relaxddstead of the power balance constraint
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Figure3.1 Relaxation of power balance constraint due to insufficient upward ramping capaci
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Figure3.2 Relaxation of power balance constraint due to insufficient downward ramping
capacity
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Figure3.3 shows the percentage of intervals that the power balance constraint was relaxed during each
operating hour in 2012The following ishown in this figure:

1 Shortages of upward ramping capadygllow bar)caused the system power balance constraint to
be relaxed most frequentlgluring theevening load ramping hou(d6 through 19vhen system
loads were changing at a relatively high raluring thesehours prices spiked because of shortages
of upward ramping in around 1.2 percent of intervals, almost double the average for allfoours
the year (0.6 percent)

I The system power balance constrawas relaxed due to shortages of downward ramping capacity
(blue bar)primarily during the offpeak hours, especially early morning hours, when periods of
excess energy tend to occuhbout 76 percent of these intervals occurred in hours ending 1
through 8, during which the constraint was relaxed about 2.5 percent of the tExeess energy
often occurs in these hours as generation from wind units reache&hlighels andasunits and
inter-tie schedules ramp up from oeffeak levels to peak levels.

Most of these shortages were very shdisied. About 89 percent of shortages of upward ramping
capacity persisted for only one to threenfinute intervals (or 5 to 15 minutes). About 72 percent of
shortages of downward ramping capacity lasted for only wnaree 5minute intervals.

Figure3.3 Relaxation of power balance constraint by hour (2012)
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Causes of extremely high prices

As noted earlier, congestion has played a larger role in high pricee nedhtime market in 2012.
Figure3.4 shows the approximate frequency of different factors driving high-tiea prices for each

load aggregation point. For purposes of this analysis, high prices are defined as including all intervals in
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which the reaitime price for a load aggregation point was at or near the bid°tafhe primary reasons
for each of these high load aggregation point prices are identified based on the following categories:

1 System pwer balance constraint, During these intervals theqwer balance constraint was relaxed
and the congestion component was less than $200/MWh.

1 Power balance constraint and congesti@iThese prices occurred in intervals when the power
balance constraint was relaxed and the congestion component was greate#G0/MWh.

1 Congestiong These prices occurred in intervals when the power balance constraint was not relaxed
and the congestion component was greater than $200/MWh.

9 High priced bid; These prices occurred when the power balance constraint was not cekn the
congestion component was less than $200/MWh, but a high priced bid was dispatched during the
interval.

9 Other¢ The high price was not caused by any of the above categories.

Figure3.4 Factors causg high realtime prices
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Results of this analysis show thiag factor causingxtremely high prices in the reime market
continued to be thepower balance constrairgither by itself or in combination with congestiohe
following isshown inFigure 3.4:

1 Around 34 percent of all high prices at load aggregation points in 2012 were due to relaxing the
power balance constraint during an interval when congestion did not have a significant impact on
price. This is down from 78 percent of the highqas in 2011.

%1 The aalysis behind this figure reviews price spikes above $700/MWh.
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9 Starting in the first quarter of 2012, congestion played a higher role in causing high load aggregation
point prices.In 2012, about 27 percent of all high price events were due to pure congestion
compared to 6 percent in 2011About26 pecentof the high price eventaere due to a
combination of congestion and the system power balance constiiaid®12, compared to 8 percent
in 2011.

1 There were relatively few instances where the dispatch of high priced bids could have caused a high
loadaggregation point price. Overall, these intervals represented ab@petcent of all high price
events during the yeacompared to 7 percent in 2011This increasenainlyresulted fromhighbids
from a smalroup of units.

Causes of negative prices

Thefrequency of negative prices decreased notably in 2012 compared to ZD1i% is likely due to
decreases in hydrelectricgeneration. Reaitime energy prices become negative for various reasons.
Figure3.5 summarizes an analysis of the causes aftiene prices less than $0/MWh at load
aggregation pointsThe causes for low prices are categorized as follows:

1 Power balance constraing During these intervals the power balance constraint was relaxed and
the congestion component was less than 50qest of the price.

1 Power balance constraint and congesti@nThese prices occurred when the power balance
constraint was relaxed and the congestion component was more than 50 percent of the price. In
these cases, the congestion component was negative.

1 (Gongestiong These negative prices occurred when the power balance constraint was not relaxed
and the negative congestion component accounted for more than half the negative price.

1 Low priced bidg During these intervals, the energy component was betw«39/MWh and
$0/MWh, the congestion component accounted for less than 50 percent of the negative price, and a
negatively priced bid was dispatched.

9 Other¢ The negative price was not caused by any of the conditions described above.

Results of this analysshow that negatively priced bids playnachsmaller role in determining the
negative prices in 201@mpared to 2011 As seen ikigure3.5:

1 In 2012, around 25 percent of negative prices were due to the dispatch of negatively priced bids
compared to86 percent of the negative prices in 2011

1 About 36 percent of negative prices in 2012 occurred when the power balance constraint was
relaxed up from about 16 percent in 2011

9 About 21 percent of negative prices were due to other model parameteisst bf these negative
prices had energy components betwe&80/MWh and-$35/MWh, but the power balance
constraint was not relaxed.

1 Congestion started to play a more important role in determining the negative prices in 2012.
caused about 18 percenf aegative prices for load aggregation pointsnpared to2 percent in
2011
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Figure3.5 Factors causing negative retime prices
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3.3 Realttime flexible -ramping constraint

This section provides backgroundtbé flexible ramping constraint, highlights key performance
measures, and makes recommendations for further revigvhile it is difficult to benchmark the
performance of this constraint with other products, DMM highlights several performance factors and
makes recommendations on how to better understand its effect on the market.

The key highlights include the following observations:

T

Flexible ramping payments were about $20 million for the year. For the sake of comparison,
spinning reserve costs were abd®5 million for the year.

Almost half of flexible ramping constraint payments were during intervals when the system was
unable to procure enough flexible ramping capacity to meet the requirement.

The 1SO operators began to increase the flexible rampingir@ment more consistently during the
evening ramping periods of the day in the fourth quarter after being static for much of the year.

Just over half of the flexible ramping capacity was in the northern part of the 1ISO system. When
congestion occurs irhe southern part of the system, this capacity carsbandedor unavailable
for dispatch to help relieve congestion and meet system energy requirements in Southern California.
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DMM continues to recommend that the 1IS&rew how the flexible ramping consint has affected the
unit commitment decisions made in reine.*

Background

In mid-December 2011, the ISO began enforcing the flexible ramping constraint in the upward ramping
direction in the 15minute reattime pre-dispatch and the Bninute reattime dispatch marketsThe
constraint is only applied to internal generation and proxy demand response resources and not to
external resources. Application of the constraint in thendibute realtime pre-dispatch market

ensures that enough capacity is puved to meet the flexible ramping requirement.

Thedefaultrequirement is currently set to around 300 M\WWown from the original default of 700 MW.

The 1SO operators have the ability to adjust the requirement depending on system conditions. For most
of the year, the default requirement was applied over the day with little adjustment. However, by the
end of the year, ISO operatoasljustedthe requirement more frequentlyo better prepare for potential
rampingshortages during steep evening ramping pdd These adjustments generally took place

between hours ending 16 and 20 and were up to 800 MW during these hours.

The flexible ramping constraint was implemented to account for the-camtingency based variations
in supply and demand between the -bainute realtime pre-dispatch and the Bninute realtime
dispatch. The additional flexible rampiogpacity is designed to supplement the existing-hon
contingent spinning reserves in the system in managing these variations.

The 1SO procures the availalile-minute dispatchable capacity from the available set of resources in
the 15minute reattime pre-dispatch run. If there is sufficient capacity already online, the 1SO does not
commit additional resources in the system, which often leads to a low (enakro) shadow price for

the procured flexible ramping capacity. During intervals when there is not enougtiriLie

dispatchable capacity available among the committed units, the ISO can commit additional resources
(mostly shortstart units) for energyo free up capacity from the existing set of resources. The short
start units can be eligible for bid cost recovery payments intiga.®®* A procurement shortfall of

flexible ramping capacity will occur where there is a shortage of available supply loicet the

flexible ramping requirement or when there is energy scarcity in theniifute reattime pre-dispatch®

Performance of the flexible ramping constraint

Total payments for flexible ramping resources in 2012 were around $20 nfilliéorthe sake of
comparison, costs for spinning reserves have totaled about $35 million in Z0E2e are also
secondary costs, such as those related to bid cost recovery payments to cover the commitment costs of

2 The ISO is planning to add new model functionality that will indicate which units were added by the flexible ramping
constraint.

8 Further detailed information on the fleie ramping constraint implementation and related activities can be found here:
http://www.caiso.com/informed/Pages/StakeholderProcessesmpletedStakeholderProcesses/FlexibleRampingConstraint.
aspx

% The penalty price associated with procurement shortfalls is set to just under $250.

% |n November 2012, the ISO implemented changes to the settlement rules for the flexible rampingioon3tiase changes
have been incorporated in the revenue calculations for November and December. See the following document for further
details: http://www.caiso.com/Documents/October242012AmendmelmplementFlexibleRampingConstraint
DocketNoER130-000.pdf
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the units committed by the constraint aratiditiond ancillary services paymentg\ssessment of these
costs are complex and beyond the scope of this analysis.

Table3.1 provides asummarythe monthly flexible ramping constraint activity in the-rtbnute reat
time marketin 2012. The table highlights tHellowing:

1 The frequencyhat the flexible ramping constrainias binding varied widely, being highest in the
spring (23perceni and lowest in the fourth quarter (4 percent).

1 Theportion of intervals during which the ISO was unablernocurethe targetedlevel of flexible
ramping capacityell to around 1 percent of all Z&inute intervals in thdourth quarter, compared
to approximately 2 percent in the first nine months.

1 The average shadow price$en bindingvaried between $2/MWh and 80/MWh.

Table3.1 Flexible ramping constraint monthly summary

15-minute intervals 15-minute intervals Average shadow price

Total payments to constraint was  with procurement when binding
Year Month generators ($ millions) binding (%) shortfall (%) ($/MWh)
2012 Jan $2.45 17% 1.0% $38.44
2012 Feb $1.46 8% 1.3% $77.37
2012 Mar $1.90 12% 1.0% $42.75
2012 Apr $3.37 22% 1.5% $39.86
2012 May $4.11 23% 6.0% $79.48
2012 Feb $1.49 13% 2.3% $77.37
2012 Mar $1.01 8% 1.4% $42.75
2012 Apr $0.77 7% 1.2% $39.86
2012 May $1.03 13% 0.8% $79.48
2012 Oct $0.95 9% 1.0% $39.19
2012 Nov $0.23 4% 0.5% $53.34
2012 Dec $1.09 9% 1.6% $61.84

Almost half of flexible ramping payments to generators in 2@tBpercent) occurreduring intervals
when the system was unable to procure enough flexiblepiag capacity to meet the requirement.
Figure3.6 shows the monthly flexible ramping payments to generatdree green bar shows the
payments made during intervals with procurement shortfalls and the blue bar shows the payimatits
other periods.

On an hourly basis, ost payments for ramping capacity occurred during the evening peak hours. In
addition, most payments were for natural gfwed resources.Figure3.7 shows the hourly flexible
ramping @yment distribution during the fourth quarter broken down by technology typs.shown in
the graph, the highest payment periods were during hours ending 17 through 21. Also seen in the
figure, natural gadired capacity accounted for aboubercent ofthese payments with hydrelectric
capacity accounting for3percent.
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Figure3.6 Monthly flexible ramping constraint payments to generators
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Real-time use of flexible ramping capacity

¢KS L{hQa dNa@termindiiow affEctivildaeflexible ramping constraint is at procuring
ramping capacity when needaslto determine how much of the ramping is utilized in riéale. The
ISO has used the results of this metric to adjust the default flexible ramping capacity requirérhent.
metric determines how much of the procured flexible ramping capacity in thaibbite realtime pre-
dispatch was utilized in the-finute reattime dispatch. The utilization is a function of prevailing
system conditions, including load and generation leaeld generation and transmission availabifity.

Figure3.8shows the minimumaverage 90" percentileand maximum hourly utilization of procured
flexible ramping capacity in therBinute realtime dispatch in 20120verall, average hourly utilization
was around 35 percent, ranging from 14 percent in the early mornings to 4@mgercthe late evening
hours. Utilization at the 98 percentile ranged from 34 percent in the early morning hours to 75 percent
in the evening peak hour. llitation was at 100 percent at individuahfinute intervals during load
ramping hours and dumg peak periods.

Figure3.8 Flexible ramping utilization by houfJanuaryg December)
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Procurement of f lexible ramping by region

The flexible ramping constraint is designed to address system ramping nded®ver, to the extent
that flexible ramping capacity is procured in transmission constrained areas, the flexible ramping
constraint can also help to resolve ramping needs within transmission constrained areas in the 1SO
system

% For the most partPMM replicatesi KS L { h Qa inviifisiafalyds2 The Ghé exception is that DMM segiement
informationto calculate the flexible ramping capéice dzi At AT F GA 2y @ .80l dzaS 2F (KAa RATFTFSI
FNRY (GKS L{hQa NBad#AZ Gdao
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Figure3.9 shows the procurement of flexible ramping capacity by investened utility area. During
the year,around 56 percenbf the capacity procured for the flexible ramping constraint was in the
Pacific Gas and Electric area. Because flexible tapmadeployed during tight systemide conditions,
the majority of this capacity cannot hesedwhen there is congestion in the southern part of the state,
which occurred more frequently in 2018ee Sectior.3).

For examm, in the second half of the year, around M2V of flexible ramping capacity was procured in
the San Diegareg on average. Thus, only a small amount of dispatchable flexible ramping capacity
was available to resolve ramping conditions imBute reattime intervals with San Diego congestion.
Also in the second half of the yeanerage flexible ramping capacity procurement was aroundM?8
and 22IMW inthe SCE and PG&E areas, respectiv€lynsideringhe congestion that occurred in the
SCE aregaticularly in the third and fourth quartershe procuredflexiblerampingcapacity had

limited role in resolving Bninute congestionrelatedramping issues this region

Figure3.9 Flexible ramping consaint by investorowned utility area
M Pacific Gas and Electrica Southern California Edisonk San Diego Gas & Electric
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Recommendation

As noted in previous report& MM recommend that the ISO review how the flexible ramping
constraint has affected the unit commitment decisions made in thenlfute realtime pre-dispatch.

DMM beliewes that evaluating commitment decisions is an important measure of the overall
effectiveness of the constraint. In addition, identifying commitment changes caused by the flexible
ramping constraint will help in calculating secondary costs related toléléfe ramping constraint.
These secondary costs include additional ancillary services payments and additiotialedat cost
recovery payments paid to shetérm units committed to deliver energy and displace capacity on other
units to provide flexdle ramping capacity In 2013, the 1SO is planninggerform sensitivityanalysis to
gaugethe impact of the flexdle ramping constraint on unit commitment and explore the feasibility of
adding new model functionality that will indicate which units wecenmitted by the constraint.
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3.4 Realtime imbalance offset costs

The reaitime imbalance offset charge tise difference between the total money paid out by the ISO
and the total money collected by the ISO for energy settled at{atvtad and Bninute marketprices.
The charge is allocated as an uplift to measured demand.

The reailtime imbalance offset charge consists of two components. Any revenue imbalance from the
energy and loss components of heainead and Sninute reattime energy settlement priceis collected
through thereaktime imbalance energy offset char@®TIEO). Any revenue imbalance from just the
congestion components of these retghe energy settlement prices is recovered through thakttime
congestion imbalance offset charRTCIO).

Reaktime imbalance costs for energy and congestion totaled about $236 million in 2012, compared to
$165 million in 2011. As seenkigure3.10,this was primarily attributable to increases in the réaie
congestion imbalance offset costs, which résen $28 million to $186 million. As explained later in

this chapter, the increase in retime imbalance costs for congestion was driven primarilioy real

time congestion prices on constraints whose flow limits were reduced irtireal In most caes, these
limits were reduced to account for unscheduled flows observed intie.

Reaitime imbalance energy offset costs decreased from $137 million in 2011 to $50 million in 2012, the
lowest yearly value since the nodal market began in 2009. Aaiegg in the following sections, the
decrease in redime imbalance energy costs in 2012 was primarily driven by the suspension in virtual
bidding on intetties in December 201%.

Figure3.10 Realtime imbalance offset costs
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3.4.1 Reaktime imbalance energy offset

Realtime imbalance=nergyoffset charges are primarily a function of two factors: the quantity of net
import and export energy, including liquidated intiee virtual schedulesyhichthe ISO buyéor sells) in
the hourahead market in a given houand the difference between system energy prices in the hour
ahead and Sninute realtime markets. The quantity of net int¢ie energy bought (or sold) by the 1SO
at the hourahead market price must bmubsequently offset by the ISO at therinute market prices.
When the I1SO sells net exports (including liquidated Hitevirtual supply) in the hodahead market
and then purchases additional supply in thenthute market at a higher price, this creata revenue
shortfall that is recovered through the imbalance energy offset ch&rge.

The ISO can therefore reduce the magnitude ofupéft (positive or negative) in any given hour by
either (1) reducing the quantity of net inteéie energy it acquirethat hour, or (2) reducing the system
energy price difference between the heahead and &ninute markets.

As discussed iSection2.4 of this report, the difference between prices in the healread and Sninute
markets did nodecrease significantly in 2012. However, the quantity of net energy sold in the hour
ahead marketvas significantlyower in 2012 as shown irfrigure3.11.

Figure3.11 Physical ad virtual energy settled in houahead market
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® For instance, if the ISO has net exports of 100 MW in the-Bbead market (through a combination of liquidated inter
virtual supply, reductions to daghead imports, and treases to dayhead exports), this will be offset by a 100 MW net
injection increase at internal nodes (through a combination of liquidated internal virtual demand, increases in internal and
dynamic generation, and decreases in load). If this 100 MWtaéxport is sold at an hotahead price of $30/MWh, and the
additional 100 MW of supply is purchased in themBiute market at a price of $40/MWh, this results in a reale revenue
shortfall of $1,000 (100 MW x $30/MWH100 MW x $40/MWh).
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Suspension of virtual bids at the intBes in November of 2011 contributed significantly to the
reduction in this volumeThis played anajorrole in decreasing the redime imbalance energy offset
chargedown to $50 million in 2012 from $137 million in 2011.

3.4.2 Reaktime congestion imbalance offset

This section presents an analysis performed to estimate the contribution tdgine@lcongestion
imbalance offset from various factors. The analysis estimate@sea O2 Yy a U NI Ay i1 Qa OZ2YUNAO
costs and divides causation into four separate categories:

91 Decreases in power flow limits between dakliead and houahead markets

91 Decreases in power flow limits between healnead and Sminute markets

9 Differences inconstraint shadow prices in tHeour-ahead and Sninute markes; and
 Changestointei A S NB & 2-adbbd0 ScheOulekia ttieM@inute market

As shown in Figurg.12 andFigure3.13, results of thignalysis indicate that reductions in power flow
limits of constraints between daghead and realime caused about $155 million of the $185 million of
reaktime congestion imbalance offset charges in 2012.

Figure3.13illustrates that changes to these power flow limits between markets was consistaptly

main cause of the redime congestion imbalance offset costs, accounting for the bulk of the cost in
every month. A more detailed description of these four contributing factors and results of this analysis
are provided below.

Figure3.12 Causes ofeal-time congestion imbalance offset costsy year
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Figure3.13 Causes of realime congestion imbalance offset by month in 2012
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Decrease in power flow li mits between day -ahead and hour -ahead markets

When the scheduled power flow over a constraint decreases between thalizgd and houahead
markets, this change in power flow must be accomplished by an increase in net power injections at
some nodes, andn equal quantity of decreased net power injections at other ndtleset power
injections must increase at nodes where an injection has a relatively high effectiveness at reducing
power flows over the constraint. Net power injections must decrease atsiahere a withdrawal has
a relatively high effectiveness at reducing power flows over the constraint.

¢ KS O2yaidNI Ay Qike pkicé bileadhiinje2tiyn ol viitidraNabis directly proportional to
the effectivenes®f theinjection or withdrawr £ Ay A Y LI OGAy3 Ff2¢ 2y GKS
congestion price will have a positive impact on the price at locations where an injection would reduce
flow on the constraint. Converselywill have a negative impact on the price at nodes where a
withdrawal would reduce flow on the constraint.

To reduce the dayahead flow on the constraint to the lowéour-ahead limit, the extra houahead
injections must be at locations with higheverallprices than theequalquantity of withdrawals

% The change in flow limits discussed throughout the réathe congestion imbalance offset sections of this report refer
specifically to the changes between the linearized4el® 6 SNJ ¥t 2¢ ljdzZ yGiAGASa GKFIG asSadat s

2y

The changestotheseatLl2 6 SNJ Tt 26 fAYAdGa YI& 0SS OldzAaSR o6& YIydaft | R2dzad)

power flow limit used in the markets. Other structural differences between the markets may cause differences in the
amount of constraint capacity availatfer realpower settled in the markets. These other structural differences include
reactive power flow differences between markets; different impacts from compensating injections in the different markets;
and topography changes between markets (such asutage of line X after the deghead market that causes the shift

factors for constraint Y to be different between the dalyead and reatime).
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Reducindlow limits on constraints between the daahead and houahead marked therefore causes
the 1SO to buy power at a high price in réale while simultaneously selling the same quantity of
power back at a relatively low price in reaahe. This createshe reattime revenue imbalance.

This decrease in flow between the dajead and houahead markets is accomplished by a
combination of changes to daghead schedules at internal nodes and iriernodes. The changes to
day-ahead schedules of internal des that contribute to meeting this flow change contribute to real
time congestion imbalance offset based on thenbute market shadow price of the constraint. The
changes to dayahead schedules of intéie nodes that contribute to meeting this flow chge
contribute to the realtime congestion imbalance offset based on the hatead market shadow price
of the constraint.

Decreases in power flow limits between hour -ahead and 5-minute markets

I O2yaldNIAY(diQa LRoSN Ff2g ONDA -dKead@ketandEB@NSE I 4 SR
market runs. This incrementally increases the-teaé congestion imbalance offset through the same
dynamic described above. The main difference is that the decrease in flow between thahsad and
5-minute marketss almost entirely accomplished by changes to the kFahead schedules of internal

nodes® The changes to hotahead schedules of internal nodes that contribute to meeting this flow

change contribute toeaktime congestion imbalance offsbased on the Sninute market shadow price

of the constraint.

Differences in hour -ahead and 5-minute market shadow prices

(@]

C2NJ Iye 3IAGSY K2dzNE { K Sahdamarké flowfydm ¢h&nges 10 dalfedi NI A v i Q

schedules ointernalnodes may be in the oppdsidirection as the flow impact from changes to day

ahead schedules dfiter-tie nodes. Therefore, some of the flow impact on the constraint from internal
nodesoffsetsthe flow impact from intettie nodes. In such an hour, the amount of the internal @od

flow impact and intettie node flow impact that is offsetting does not contribute to decreasing the day
ahead market flow down to the lower hoahead market flow level. However, the flow impact from
AYGSNYyFt y2RSa as Gniirfuts darket ghadou Bice WBily thelosktiing amauit op

flow impact frominteri A S y2RS& &Sl df S a-ahead marketShadod prigel Ndai y i Q&
result, each MWh of offsetting internal/intere flow impact contributes to the redlme congestion

imbalance offset. The dollar per MWh contributed to the réale congestion imbalance offset is the
difference between the houahead and Sninute market shadow prices.

Changestointer -t i e r e s 0 u rakeadsséhednlesurrthe 5 -minute market

The houraheal schedules of nodynamicinteri A S NB a2 dzNOSa &S dahedd 2y (G KS
market price. While the settlement quantity of such resources does not deviate from theahead

schedule’! the 5-minute market will change the unpublished schedule @&sth resources to account for
issues such as intdrour ramp. Similar to the dynamic described in the section immediately above, for

" Inter-tie resources for the most part have the same schedules in the-hbead and Bninute markets. Theontribution to
reaktime congestion imbalance offset from nalynamic system resources that have different schedules in tménbite
market than in the howahead market is discussed in the final two descriptions of the causes d@fmeatongestion
imbalance offset immediately below.

K 2

NJ

TeKAA A& (GNHZS dzyf Saa GKSNB NB 2LISNI A2yt | RadzaidySydaszr sKAO

section.
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schedules ointernalnodes may be in the opposite direction as the flow impact from changes te hour

ahead schedules after-tie nodes. In such an interval, the amount of the internal node flow impact

that is offset by inteitie flow impact does not contribute to decreasingthourahead market flow

down to the lower 5minute market flow level. We therefore attribute the retiihe congestion

imbalance offset contribution from this quantity of internal node flow impact to the fact that the market

design allows unsettled chang¢o intertie hour-ahead market schedules in thensinute market.

Other causes not specifically identified in our analysis

Our analysis accounts for most causes of-tisa¢ congestion imbalance offset that are related to

scheduled market quantities andipes. The analysis does not account for manual changes to market

awards and prices (with the exception of some shadow price corrections that are included in the

analysis). The causes of rate congestion imbalance offset quantified in the2 (i ¢adsi¥Icategory

therefore include some price corrections to shadow prices, uninstructed and unaccefantedergy,

FYR 2LISNI A2yl | R2dza( Ydhead scheduls tiiabsattle SArBiniNSvakalzND S & Q
prices.

Results by constraint

Results oftis analysis show that a large portion of the high uplift charges caused by reductions in

power flow limits after the dayahead market was driven by a handful of constraintable3.2

illustrates that the top7 constraints contibuted about 60 percent of the rediime congestion offset

O2ata OlFdzaSR 0& NBRdAzOAyYy3 02 y-ahneadimarkefini2012 [ BoweSe) T 2 &
about 30 other constraints each contributed more than $500,000 to these costs, and over 40 more
constraints each contributed more than $100,000 to this uplift.

Inter-tie system resources significantly impacted the congestion on the top seven constraiiatslén

3.2. Reducing the power flow limits of such constraints daftar the start of the howahead market

run prevents the 18ninute predispatch and Sninute reattime dispatch optimizations from re

RAALI GOKAY3 a2YS 2F (KS NBaz2daNOSa GKFG FNB vyzaid S
reducing thepower flow limits of constraints down after the start of the heainead market run can

significantly increase the magnitude of the congestion price of these constraints inrntiireufe market.

This can amplify the impacts of even small reductions in the&xai NI Ay 4 Qa LI2gSNI-FTt2¢ A
FKSFR YIN]Siho CKAAd A& 0SOlFdzaS Al Adninyfemarke® dza i (G KS
A0KSRdzf S& NBf I G4A GBS -ahead schieQulesityaticBniibute fo reffivie RdvgesionK 2 dzNJ
imbalay OS 2 FFaS{ o0l &S Rninditg maikit Shadd@ gfigel AslexXplditie® abovp, all

changes tdh y (i S NJ/ | f -ahéa&tl RcBetiddes iR kither the heahead or Sminute markets (including

all internal virtual schedules that liquidate in the healvead market) contribute to the redime

congestion imbalance offset based on thenthute market shadow price of the constraint.
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Table3.2 Reati AYS O2y3SadArzy AYoltlyOS 27 pawkiflowOl dza SR
limits (Top 30 constraints of 2012)

2012 RTCIO caused by
differences between DA

Constraint and RT flow limits
6110_TM_BNK_FLO_TMS_DLO_NG $37,900,000
22342 HDWSH 500 22536 _N.GILA 500 BR.1 1  $14,800,000
SLIC 2042305 ELD-LUGO PVDV $10,700,000
SOUTHLUGO_RV_BG $9,500,000
14013 _HDWSH 500 22536 _N.GILA 500 BR 1 1 $8,600,000
SLIC 2023497 TL50003_CFERAS $8,200,000
T-135 VICTVLUGO_EDLG_NG $8,000,000
SCIT_BG $6,400,000
SDGE_CFEIMP_BG $6,100,000
BARRE-LEWIS_NG $5,200,000
PACI_ITC $4,100,000
SLIC 1953261 ELD-LUGO PVDV $2,800,000
SCE_PCT_IMP_BG $2,700,000
SLIC 1902749 ELDORADO_LUGO-1 $2,700,000
7820_TL 230S_OVERLOAD_NG $2,400,000
SLIC 1356092 Serrano Valley OUT $2,200,000
SLIC 1884984 Gould-Sylmar $2,100,000
NOB_ITC $2,000,000
24137 _SERRANO 230 24154 VILLAPK 230 BR.1 1 $1,900,000
PATH26_N-S $1,900,000
230S overload for loss of PV $1,800,000
T-167 SOL 2_NG_SUM $1,700,000
T-165 SOL-12_NG_SUM $1,600,000
SLIC 1956086 _ELD-MCCUL HDW $1,600,000

22356_IMPRLVLY 230 22360 IMPRLVLY 500 XF 80  $1,600,000
24086_LUGO 500 26105 _VICTORVL_500 BR_ 1. 1  $1,400,000

PATH15_S-N $1,300,000
30550 MORAGA 230 33020 MORAGA 115 XF 3 P $1,200,000
MEAD_ITC $1,100,000
T-165 SOL-4_NG_SUM $1,100,000

Virtual bidding and real -time congestion imbalance offset costs

As discussed above, reahe congestion imbalance offset is caused by underlying differences between
ISO markets. The main structural caoséhe realtime congestion imbalance offset is differences in
power flow limits between the daghead and houahead markets, and between the heahead and 5
minute markets. Therefore, virtual schedules increase-ties congestion imbalance offset the
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extent that they cause daghead power flows to exceagaktime power flows on constraints that bind
in reattime.

Analysis designed to assess the i@k congestion imbalance offset chargausedby virtual schedules
will be inadequate if the aalysis does not appropriately account for the amount of physicalatenad
schedules, and consequently flows, displaced by the cleared virtual schedules. Virtual schedules are
cleared in the dayahead market along with physical schedules and do displagsigal schedules to a
greater or lesser extent. In the absence of cleared virtual bids, an additional amount of physical
schedules would clear and contribute to the réiale congestion imbalance offset. A causal analysis
would therefore be difficult vthout re-running the dayahead market and assessing rtate

congestion imbalance offset costs using -@gad market flows both with and without virtual bids in

the market.

Data from completed market rus) however,can be used to quantify the extent tohich cleared virtual

schedules, as opposed to cleared physical schedules, contributed to (and benefited from) tiraeeal

congestion imbalance offset that actually occurred. For this report, DMM used the analytical framework
described above to developliadzl Y GAGF 6§ A GBS YSGK2R F2NJ Iyt fel-Ay3a @AN
time congestion imbalance offset in 2012.

The method starts by calculating the amount of power flow from virtual schedules over constraints that

have different power flows in the geahead andeatHtime Y I NJ S i a @ | 26 SAGSNE A NI dz
contribution to the realtime congestion imbalance offset is not based on this total virtual flow. The

total virtual flow on a constraint simply identifies the virtual schedule flow quantity sieéttes on the

02 y & i NI-thmg shaddw pidst f

¢tKS RATFSNBYOS 06 S inlde8dSayd rdalime goyiet floNtoitybiited fo a Bhiarge or
credit to the realtime congestion imbalance offset. The extent to which virtual schedules contdbute
to (and benefited from) reaime congestion imbalance offset payments is therefore limited by the
amount the dayahead market power flow actually exceeded tieattime market power flow of the
constraint. This method identifies the amount that virtsahedules contributed to redime congestion
imbalance offset charges (and credits) by only considering the difference between ttadhelagt and
reaktime power flows on each constraint bindingtime realtime market.

Based on this approach, DMM estimatiat about $0 million out of $95 million of redime

congestion revenues paid to virtual positions in 2012 resulted from excesshdag power flow on
constraints whose power flow limits were reduced between the-dagad andealtime markets. As a
result, about 80 percent afet reattime congestion revenues paid to virtual biersin 2012were
ultimately recovered from loaderving entities through redime congestion imbalance offset charges.
Figure3.14 illustrates themonthly estimatef these paymentsind highlights that theontribution of
reaktime virtual bidding to the reatime imbalance offset costccounted formost of the reattime

virtual bidding congestion settlement in each month.

2 Thetotalvirtualreali A YS 02y 38adGA2y NBOSyYydzSa | NBon of ke réattiheiconyddtlole NI SR | & (i
imbalance offset settlement charge codes. This is not related to how much virtual positions actually contributedinoereal
congestion imbalance offset costs, besides through the possible coincidence of the bulk dfscinedule reatime
congestion revenues coming from constraints whose power flow limits are lower itimeathan in the dayahead. This
relationship is graphed below.
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Figure3.14  Virtual biddingrevenuesfrom real-time congestionpaid byreal-time congestion
imbalance offset charge
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Discussion of results

In a market without structural differences between the datyead and realime market modelsmoney

paid by the I1SO to virtual schedules for their fxae settlementwould be funded by reatime market
payments to the ISO from counterparties that took the opposite position of the virtual schedules in the
day-ahead market. However, money paidthye ISO to virtual schedules that benefit from structural
differences between daghead and realime markets is not covered by-market reaftime payments

to the ISO from schedules taking the opposite position. This revenue imbalance results ifitan upli
charge.

This analysis reveals the significant extent to which virtual schedules were submitted and cleared to
leverage constraints modeled with power flow limits that were higher in theatasad market than

they were in the reatime markets. As aesult, the vast majority of redlme congestion revenues paid

to virtual schedules were charged to metered demand as uplift. Uplift caused by structural differences
between ISO markets has accounted for most-teaé virtual bidding revenues in Califaan

In 2011, differences between system energy prices in the-dabead and 5ninute realtime markets
accounted for most redime virtual bidding revenues. However, in 2012 most-temé virtual bidding
revenues stemmed from differences in constrdiotv limits between dayahead and realime markets.

An alternative allocation of the rediime congestion imbalance offset uplift cost could allocate the cost
to both physical and virtual schedules. The alternative allocation could utilize a decompositio
methodology similar to the one used in this analysis. This allocation may be more appropriate than
charging metered demand.
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This uplift is caused by underlying structural differences betwkenSO energgnarkets. Most of the

uplift therefore cannotbe allocated to the market participant that caused the uplift. However, in the
absence of an ability to allocate uplift by causation, it may be appropriate to assign uplifts to the market
participants that benefit from the upliftThis approach may bedt align virtual bidding profits with their
potential contribution to converging the deghead and realime markets.
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4 Convergence Bidding

Convergencéidding is a part othe FederalEnhergyRegulatoryCommissio2d & G F Yy RIF NR Y I NJ S
and is in place all other ISOs with daghead energy marketdn the CalifornialSO markets, virtual

bidding is formally referred to aonvergence biddingThe 1SO implemented convergence bidding in

the dayahead market on February 1, 201¥irtual bidding on inteties was suspended on November

28, 201172 Thus, 2012 represents a full year with virtual bidding within the ISO system but not at the
inter-ties.

When convergence bids are profitable, they may increase market efficiency by improviapekay unit
commitment and scheduling. Convergence bidding also provides a mechanism for participants to hedge
or speculateagainst price differences in the two following circumstances:

1 price differences between the daahead and realime markets; and
9 congestion at differat locations.

Total netrevenuespaid to entitiesengaging irconvergence biding totaledaround $56 million ir2012
Most of these net revenues resulted fromfifsetting virtual demand and supply bids at different internal
locations designed to profit fra higher congestion between these locations in +ale.

This type of fsetting internal bids represented oveb percentof allacceptedvirtual bids in 2012, up
from 35 percentin 2011. The increase in both the quantity and net revenues of offsettiagnal
virtual bidslikely stemsfrom the increasedlifferences in congestion between the dafiead and real
time marketsin 2012

Most of these net profits ($39 million) came from virtual demamdnternal nodes, which are settled
based on the diffenace in reaitime and dayahead pricesFor the year, virtual demand outweighed
virtual supply by an average of almost 350 N¥&f hour. Virtual demandaveraged 1,585 MW per hour,
while virtualsupplyaveraged only 1,240 MW per hour.

Background

Convergencdidding allows participants to place purely financial bids for supply or demand in the day
ahead energy market. These virtual supply and demand bids are treated similar to physical supply and
demand in the dayahead market. However, all virtual bidsailieg the dayahead market are removed

from the hourahead and realime markets, which are dispatched based only on physical supply and
demand. Virtual bids accepted in the dalyead market are liquidated financially in the réiate

market as follows:

1 Participants with virtual demand bids accepted in the-dagad market pay the daghead price for
this virtual demand. Virtual demand at points within the ISO is then paid theinelprice for
these bids.

8 See 137 FERC 1 61,157 (20dcgepting and temporarily suspending convergencelibigl at the interties subject to the
outcome of a technical conference aadurther commission orderMore information can also be found under FERC docket
number ER1:4580-000.
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1 Participants with accepted virtual supplidb are paid the daghead price for this virtual supply.
Virtual supply at points within the I1SO is then charged the-tiea price.

Thus, virtual bidding allows participants to prdfiim anydifference between dayahead and realime
prices. In tleory, as participants take advantage of opportunities to profit through convergence bids,
this activity should tend to make prices in these different markets cJ@seitlustratedby the following:

9 If prices in the realime market tend to be higher thaday-ahead market prices, convergence
bidders will seek to arbitrage this price difference by placing virtual demand bids. Virtual demand
will raise load in the daghead market and thereby increase prices. This increase in load and prices
could also leado the commitment of additional physical generating units in the-dhgad market,
which in turn could tend to reduce average r¢iahe prices. In this scenario, virtual demand could
help improve price convergence by increasing-dagad prices and redirg reattime prices.

1 If reaktime market prices tend to be lower than dapead market prices, convergence bidders will
seek to profit by placing virtual supply bids. Virtual supply will tend to loweatagpd prices by
increasing supply in the daahead market. This increase in virtual supply and decrease in day
ahead prices could alseduce the amount of physical supply committed and scheduled in the day
ahead market! This would tend to increase average kdale prices. In this scenario, virtua
supply could help improve price convergence by reducingatiesad prices and increasing rdighe
prices.

However, the degree to which convergence biddiagactually increased market efficiency by
improving unit commitment and dispatches has not bessessed.

4.1 Convergence bidding trends

Gonvergence bidding volumes increased steadily over the yatr,ngt cleared volumes shiftg from
net virtual supply to net virtual demand beginniitgthe second quarter of 2012rigure4.1 shows the
guantities of both virtual demand and supply offered and cleared in the mafkigure4.2 shows the
average net cleared virtual positioasinternal locations for each operating hour.

Key conergence bidding trends include the following
1 On average, 52 percent of virtual supply and demand bids offered into the market cleare®in 201

9 The cleared volume of virtual demand outweighed virtual supply dwawl ofthe last three
quarters. For theear, cleared virtual demand outweighed virtual supplyabgost350 MW.

1 The netposition of allclearedvirtual bidswas typically virtual demand in the peak hours and virtual
supply in the offpeak hours.

1 About64 percent of cleared virtual positiomgere held by pure financial trading entities that do not
serve load or transact physical supply.

™ This will not create a reliability issue as the residual unit commitrpestess occurs after the integrated forward market
run. The residual unit commitment process removes convergence bids asudves the market to the 1ISO forecasted load.
If additional units are needed, the residual unit commitment process will commiémesources.
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Figure4.1 Quarterly average virtual bids offered and clearéd
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Figure4.2 Average net cleared virtual bids at internal points in 2012
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> Since convergence bidding began in February 2011, all convergence bidding figures that include the first quarter of 2011 only

include records for February and March.
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Offsetting virtual supply and demand bids at internal points

Market participants can also hedge congestion costseek to profit fromdifferences in congestion
between different points within the 1ISO by placimgjual quantities o¥irtual demand and supply bids at
different internal locations during the same hourhese virtual demand and supply bids offset each
other in terms of system energy. However, the combination o$¢heffsetting bids can be profitable if
there are differences in congestion in the eayead and realime market between these two locations.

The majority of cleared virtual bids in 2012 were related to such offsetting Bidsitre4.3 shows the
average hourly volume of offsetting virtual supply and demand positions at internal locations. The dark
blue and dark greebarsrepresent the average hourly overlap between internal demand and internal
supply by the sam participants? The light blue bars represent the remaining portion of internal virtual
supply thatwasnot offset by internal virtual demand by the same participants. The light green bars
represent the remaining portion of internal virtual demand theds not offset by internal virtual supply

by the same patrticipants.

Figure4.3 Average hourly offsetting virtual supply and demand positions at internal points
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As shown irFigure4.3:

i Offsetting virtual positions at internal locations accounted for an average of about 770 MW of
virtual demand offset by 770 MW of virtual supply in each hour of the year. These offsetting bids
represent over 55 percent of all ckel internal virtual bids in 2012, up from 35 percent of bids in
2011. This suggests that since the suspension of virtual bidding ontietervirtual biddinghas
been increasingly used to hedge or profit from internal congestion.

®2gKSy OFtOdA GAyad (KS 2@SNI I LI aSupgySsdfentnddills atifitekaEl hodits, Wk ¢idi Qa | OO0
y2i AyOftdzZRS GKS LENIA2Y 2F GKS LI NIAOALIYGIQa AYyGSNYyIlFt @ANIdz
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